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BCA HANDBOOK VERSION

Theinitial BCA Handbook V1.0 was developed and filed contemporaneously with the
Companies Distributed System Implementation Plan (“DSIP”)in June 2016.

Atthatinitial filing, the Companies BCA Handbook was planned to be updated each time the
DSIP is updated; which is currently scheduled to be updated every two years'.

New York statewide and the Companies specific data elements will be reviewed and updated
as applicablein these subsequent 2-year revisions. Onan interim basis the Companies may
update, as appropriate and applicable, specific datainputs;including requirements per the
DSIP scheduleand/or new guidance or Orders.

This revision of the Companies’ BCA Handbook V4.0 is effective for the period fromJune 30,
2023 to the nextrevision, or until Commission directive requires otherwise.

Versi File N Last Document Updates since Previous
ersion e Name Updated Owner Version
NYSEG-RGE BCAH V1.0 NYSEG - .
V1.0 06-30-2016 06/30/2016 RGSE Firstlssue
Correction to equation 7-3
Avoided Transmission
Capacity Infrastructure and
NYSEG-RGE BCAH V1.1 NYSEG - Related O&M.
V11 08-29-2016 08/22/2016 RG&E
Correction to equation 7-7
Wholesale Market Price
Impact.
NYSEG-RGE BCAH V2.0 NYSEG -
V2.0 07-26-2018 07/26/2018 RG&E Second Issue
NYSEG-RGE BCAH V3.0 NYSEG - .
V3.0 06-30-2020 06/30/2020 RGSE Third Issue
NYSEG-RGE BCAH V4.0 NYSEG -
V4.0 06-30-2023 06/30/2023 RGSE Fourth Issue

" DSIP Guidance Order, p. é4: “shall file subsequent Distributed System Implementation Plans on a biennial basis
beginning June 30, 2018.”
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. ACRONYMS AND ABBREVIATIONS

Acronyms and abbreviations are used extensively throughout the BCA Handbook and are
presented hereatthefront of the Handbookfor ease of reference.

AC

ADMS
AGCC

AMI
AVANGRID

BCA

BCA Framework

BCA Order

BCA Case

CAIDI
CARIS Phasel

CARISPhase?
CO2
Commission
Companies
DC

DER

DG

DPS

DR

DSIP

DSIP Guidance
Order

DSP

EPA

ES

G&A

GHG
GoldBook
ICAP

JU

Alternating Current

Advanced Distribution ManagementSystem

Avoided Generation Capacity Costs

Advanced Metering Infrastructure

An energy and utility holding company that operates in the United States.
NYSEG and RG&E are subsidiaries of Avangrid.

Benefit-CostAnalysis

Thebenefit-cost structure as presentedin the BCA Order
Case14-M-0101 - Proceeding on Motion of the Commissionin Regard to
Reforming the Energy Vision, OrderEstablishing the Benefit-Cost
Analysis Framework (issued January 21, 2016).

Case16-M-0412 - In the Matter of Benefit Cost Analysis Handbooks
(issued July 27,2016)

Customer Average Interruption Duration Index

NYISO Congestion Assessmentand Resource Integration Study Phasel,
Appendices B-J

NYISO Congestion Assessmentand Resource Integration Study Phase 2
Carbon dioxide

New York State Public Service Commission

AVANGRID’stwo New York utility subsidiaries: NYSEGand RG&E
Direct Current

Distributed Energy Resource(s)

Distributed Generation

Department of Public Service

DemandResponse

Distributed System Implementation Plan

Case14-M-0101 - Proceeding on Motion of the Commissionin Regard to
Reforming the Energy Vision, Order Adopting Distributed System
Implementation Plan Guidance (issued April 20, 2016)

Distributed System Platform

US Environmental Protection Agency

Energy Storage

General and Administrative

Greenhouse Gas

NYISO Load and Capacity Data, updated annually

Installed Capacity

Joint Utilities of New York - Consolidated Edison Company of New York,
Inc., Orange and Rockland Utilities, Inc., Central Hudson Gas & Electric
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kv
kVAR
LBMP
LCR
LHV

LI

MW
MWh
NEM
NPV
NOx
NWA
NYC
NYISO
NYSEG
NYPSC
NYS
NYSERDA
O&M
PV

REV
REV Proceeding

RG&E
RGGI
RIM
RMM
ROS
SAIDI
SAIFI
SCC
SCT
SENY
SO2
Staff
T&D
UCAP
UCT
VAR
VVO
VSS
WACC

«

Corporation, Niagara Mohawk Power Corporationd/b/a National Grid,
New York State Electricand Gas Corporation, and Rochester Gas &
Electric Corporation

Kilovolt

Kilovolt Ampere Reactive

Locational Based Marginal Prices

Locational Capacity Requirements

Lower Hudson Valley

Longlsland

Megawatt

Megawatt Hour

Net Energy Metering

Net Present Value

Nitrogen oxides

Non-Wires Alternative(s)

New York City

New York Independent SystemOperator

New York State Electricand Gas

New York Public Service Commission

New York State

New York State Energy Research and Development Authority
Operationsand Maintenance

Photovoltaic

Reforming the Energy Vision

Case14-M-0101 - Proceeding on Motion of the Commissionin Regard to
Reforming the Energy Vision

Rochester Gas and Electric

Regional Greenhouse Gas Initiative

RateImpact Measure

Regulation Movement Multiplier

Rest of State

System Average Interruption DurationIndex

System Average Interruption Frequency Index

Societal Cost of Carbon

Societal Cost Test

SoutheastNew York (Ancillary Services Pricing Region)
Sulfur dioxide

Staff of the New York State Departmentof Public Service
Transmissionand Distribution

Unforced Capacity

Utility Cost Test

Volt-amperereactive

Volt/VAROptimization

Voltage Support Services

Weighted Average Cost of Capital



NYSEG/RG&E Benefit Cost Analysis (BCA)
Handbook ((

2. EXECUTIVE SUMMARY

New York State Electric & Gas Corporation and Rochester Gas andElectric Corporation
(collectively the “Companies”) submit this 2023 Benefit-Cost Analysis (“BCA"”) Handbook V4.0
fulfilling arequirementof the Order Establishing the Benefit Cost Analysis Framework (BCA
Order).2 TheBCA Frameworkincludedin AppendixC of the BCA Order is incorporated into this
BCAHandbook.

Key to the development of theinitial BCA Handbook V1.0 and continued in this 2023 V4.0
issuance, are BCA Framework notations madein the February 26,2015 Order Adopting
Regulatory Policy Framework and Implementation Plan:

“A determination that since REV is a long term, far reaching initiative that will eventually
touchmost parts of the utilities' infrastructure and business practices, an attempt to
project a quantified analysis on the wide-ranging set of potential benefitsina REV
approach, against hypothetical future cost scenarios under both REV and conventional
approaches, would be artificial and counter-productive and that such an effort would
distract from the far moreimportanttask of carefully phasing the implementation of

REV so that actual expenditures, when they occur, are considered intelligently in light of
potential benefits recognizing that in this multi-phased implementation process,
benefits and costs will be considered with increasing specificity.”

The Companies prepared theinitial BCA Handbook V1.0 as well as this subsequent 2023 V4.0
revision to provide a foundational methodology along with valuation assumptions to supporta
variety of utility programs and projects. This 2023 BCA HandbookV4.0is issued with the
expectation that it will be further revised and refined over timeand as informed by: new
opportunitiesthat REV provides, experience gained from programs and project deployment,
and experience gained from New York and the Companies’ transmission and distribution grid
systemenhancement.

2BCA Order: Case 14-M-0I0I, Order Establishing the Benefit Cost Analysis Framework (issued January 21, 2016).
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This Handbook coversthe following four categories of utility expenditures, as required per the
BCA Order:3

1. Investmentsin distributed system platform (DSP) capabilities

2 Procurement of distributed energy resources (DER) through competitive selection*
3. Procurement of DER through tariffs®

4 Energy efficiency programs

This Handbook is prepared consistentwith the BCA Orderlist of principles of the BCA
Framework. Thesefive principlesstated that the BCA Handbook should:

1. Be based on transparentassumptionsand methodologies; list all benefits and costs
including those that are localized and more granular.

2. Avoid combining or conflatingdifferent benefitsand costs.

3. Assess portfoliosrather thanindividual measures or investments (allowing for
consideration of potential synergies and economiesamongmeasures).

4, Address thefull lifetime of theinvestmentwhilereflecting sensitivities on key
assumptions.

3BCA Order, pgs. 1-2.
4 Also known as non-wires alternatives (NWA).
®These may include, for example, demand response tariffs or successor tariffs to net energy metering.

10
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3. APPLICATION OF THE BCA
HANDBOOK

Evaluation of cost-effectiveness of programs, projectand infrastructureinvestmentsis a
complex undertaking which needs to consider manyfactors; some of whichmay be easier to
quantify than others. Itisimportantto understand thatthe analysis result is highly dependent
on the base financial and frameworkassumptions thatgo into the assessment;including
forecastingto estimate the future benefits and costs, performance, and cumulativeimpacts of
changes to systems over time. Therefore, these key assumptions have been derived with
transparency of structuralparametersin mind.

The Companies’ BCAHandbookincludeskey assumptions, scope, and approachforaBCA. It
also presentsapplicable BCA methodologiesand describeshow to calculate bothindividual
benefits and costsas well as the necessary cost-effectiveness tests as identified in the BCA
Order.

This BCAHandbook discusses general BCA considerationsand notableissuesregarding data
collection forimpact assessments, describes therelevant cost-effectivenesstestsand
identifies the pertinent benefitsand coststo be applied for each test. It also provides metric
definitionsand equations, along withkey parametersand sources.

This BCAHandbook provides acommonbasis forBCA acrossinvestmentsin programs,
projects and portfolios. Evaluation of DER or utility investmentin DSP capabilities and project
portfolios will require additionalinformation and data thatis specific to the program, project or
portfolio being evaluated.

As applicable, this BCA Handbook denotes specifics of each type of utility spending to:
programs (such as Energy Efficiency), projects (suchas NWA) and infrastructureinvestments
(such as system-wideimprovements).

As identified in each section following, the data provided in this BCA Handbook may consist of:
common data that areapplicableacross New York, the Companies’ publicly available utility -
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specific dataas well as program, project or infrastructure investment data specific to project
type andlocational-specific data.

The New York statewide and the Companies’ publicly available utility-specificassumptions
thatareincludedin this BCA Handbook are typically values by zone or utility system averages.
Future versions of the Companies Handbook may be enhanced and may include morerefined
granular dataas it becomes available.

Common assumptions applicable across New York include: information publicly provided by
the New York Independent SystemOperator (NYISO), orinformation provided by in the
Department of Public Service (DPS) Staff as directed in the BCA Order,and other commonto
New Yorkinformation provided herein the handbook. Table 3-1lists the source of the
statewide data utilized for the purposes of thisHandbook. Chapter 10 provides a detailed list
of thesereferences andincludeslinks (as applicable) to thereference documents.

TABLE 3-1. NEW YORK ASSUMPTIONS*

New York Assumptions Source

Energy and Demand Forecast NYISO: Load & Capacity Data
Avoided Generation Capacity Cost
(AGCC)

Locational Based Marginal Prices
(LBMP)

Historical Ancillary Service Cost NYISO: Markets & Operations Reports

Wholesale Energy Market Price
Impacts

Allowance prices (SO2 and NOX) NYISO: 2021-2040 System & Resource Outlook (The Outlook)

DPS Staff: ICAP Spreadsheet Model

NYISO: 2021-2040 System & Resource Outlook (The Outlook)”

DPS Staff: To be provided

éSee Chapter 10 for Current Reference and/or Link

7 The NYISO evolved its planning processes to produce the first-ever System & Resource Outlook. The Outlook has
effectively replaced the Congestion Assessment and Resource Integration Study. This new study includes a 20-year
forecast that examines multiple cases and scenarios that identify transmission investment opportunities and project
resource mixes for achieving 2030 and 2040 policy mandates while maintaining reliability.

12
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Net Marginal Damage Cost of

Carbon DPS Staff: To be provided

The Companies’ utility-specific datainclude thatwhich is reported publicly by the NYPSC with
utility-specific values, such as reliability metrics, or embedded in various utility published
documents such as rate cases.

Table 3-2lists the sources of the Companies’ publicly available utility -specific data for this
BCAHandbook. Chapter 9 details values for these Utility-Specific Assumptions (as
applicable).

TABLE 3-2. NEW YORK ASSUMPTIONS

13
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Utility-Specific Assumptions Source
NYSEG: New York State Electric and Gas

Weighted Average Cost of Capital | Case No. 19-E-0378 etal.

(WACC) RG&E: Rochester Gas and Electric Corporation
Case No. 19-E-0378 et al.

NYSEG: NYSEG and RG&E T&D Losses 7/17/2008

Transmission and Distribution Case 08-E-075I

System Line Losses RG&E: NYSEG and RG&E T&D Losses 7/17/2008
Case 08-E-075]

NYSEG: NYSEG Marginal Cost of Electric Delivery Service
5/1/2015 filed in New York State Electric and Gas Case 15-E-

0283
Marginal Cost of Service
RG&E: Rochester Gas and Electric Corporation Marginal Cost

of Electric Delivery Service 10/23/2015 filed in Rochester Gas
and Electric Corporation Case 15-E-0285

Reliability Metrics NY DPS: Electric Reliability Performance Report, 2017-2021

The BCA methodologyunderlying the Companies’ BCA Handbook is technology-agnosticand
should be broadly applicable to all anticipated project types with some necessary adjustments
sensitive to purpose and project-specific siting.

This BCAHandbook provides transparentinformationto allow the Companies, DER
developers, and othersto develop their own BCA model/toolsto accommodate and evaluate
a variety of different project types.

The Companies BCA models/tools may require and will allow use of project-specific
information forboth utilityinvestmentsand alternative distributed energy resources (DER)®
solutions. Therefore, project sponsors will need to provide project -specificassumptions to
allow the Companies to model for its respective BCA.

8 DER includes solar photovoltaics (PV), combined heat and power (CHP), energy storage (ES), energy efficiency (EE),
and demandresponse (DR).

14
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For system planning purposes, the Companies BCA models/tools will leverage system
average values or leverage genericresources or portfolios of resources as well as project -
specificinformation.

The Companies’ BCA model/tool will consider the specific type of investment being assessed.

— Forexample,ifthe assessmentis a DSP capability (e.g., system-wide improvements,
volt-VAR optimization (VVO), and automated feeder switching), the applicable model
elements may be different than (although consistent with) that used for acomparison of
DER for non-wiresalternative (NWA) investments.

BCA model/tools developed by the Companies will allow for portfolio, program, project and
infrastructureinvestment analysis, including cost effectiveness tests: Societal Cost Test(SCT),
Utility Cost Test (UCT) and Rate Impact Measures (RIM) as applicable.

Program, project andinfrastructureinvestmentanalyses will beinformed by the specifics of:
each program type and measures contained within, project technologies includingthose
containingmultiple measures, locationalssiting, utility investment need or other factors.

This information would be populated into the model or tool appropriate for the given project
typeto performthefinal detailed analysis required forthe cost test.

Table 3-3 presents example DER project-specific data which may be necessary foran NWA
evaluation.

TABLE 3-1. EXAMPLEOFDER PROJECT-SPECIFICDATA

Project-Specific Data

Nameplate capacity Derating factor for distribution
Coincidence factor with system peak Energy impact

Derating factor for generation Installed cost

Coincidence factor with transmission peak Operating cost

Derating factor for transmission Lifetime

Coincidence factor for distribution

15
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Other applications of the BCA Handbook would likely require a different set of data tailored-
to-the- project-, program- or infrastructure investmentdata applicable to type and need.

4. STRUCTURE OF THE HANDBOOK

This document containsfour sections explaining the methodology and assumptionsused to
performaBCA.

Section 5. General Methodological Considerations describes key issuesand challenges that
are addressedin this BCA Handbook and that should be considered when developing project-
specificBCA models and tools based onthis BCA Handbook.

Section 6. Relevant Cost-Effectiveness Tests defines each cost effectivenesstestincluded
in the BCA Framework. Theseinclude the Societal Cost Test(SCT), the Utility Cost Test (UCT),
andthe Rate Impact Measure (RIM). The BCA Order specifies the SCT as the primary measure
of cost effectiveness.

Section 7. Benefits and Costs Methodology provides detailed definitions, calculation
methods, and general considerations foreach benefit and cost.

Section 8. Characterization of DER Profiles discusses which benefitsand costsare likely to
apply to different types of DER and provides examples for asample selection of DERs.

Section 9. Utility-SpecificDataincludes NYSEG and RG&E value assumptions to be applied
to quantifiable energy and non-energy impacts of projects, programsand portfolios.

Section 10. Document References and Links provides Referencesand Linksto datausedin
New York statewide assumptions.

16
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5. GENERAL METHODOLOGICAL
CONSIDERATIONS

This section describes key issuesand challenges thatare addressedin this BCA Handbook and
that should be considered when developing project, programor portfolio-specific BCAs based
on the methodology identified in thisBCA Handbook.

Benefits and Costsfor projects, programs and portfolios may be derived from the technologies
deployed; each with technology-specific benefits delivered and costs associated to do so.
Careful consideration of the project, programand portfolio must be given to properly parse
out these details, on both the benefitand cost side, to allow determination of inputs without
co-inflating, overlappingor discounting benefits or costsin error. Quantifyingtheimpactsofa
technology withinthe project, program or portfolio is an importantinitial step; assignment of
valuation and monetizing the benefits, as well as identification of the associated costs follows
theinitial quantification.

Projects may provide more than the easily identified direct benefitsand associated costs.
Some technologies may additionally enable and/or enhance the benefits of other technologies
contained withinthe full project scope, and thereby resultin additional benefits though this
parallel function. Therefore, forcomplex projects, consideration shouldbe given to
technologies whichmay notresultin realization of only the directly applicable benefits, but
also those which eitherindependently orin conjunction with the array of project offerings may
function to enable or facilitate therealization of benefits fromadditional measures or
technologies.

— ltisimportant not to over- or under-count benefits resulting from multiple measures or
technologies functioning together toachieve animpact.

— Determination of whichimpacts, and benefits are derived from whichinvestment
elements will often depend on how and/or inwhat order the elements areimplemented.
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Program and Portfolio assessments need to be consideredin aholistic mannerto be properly
assessed. Benefitsand costsshould also be allocated properlyacrossdifferentprojectsand
programs thatare contained with the portfolio to be assessed. Thismay present challenges;
especially in the case of enabling and enhancingtechnologies.

Enabling technologies such as an Advanced Distribution Management System (ADMS) or a
communicationsinfrastructure are often crucialin achieving theimpact and benefits of grid
modernization projects. Theseinfrastructureinvestments may be necessaryforthe
implementation of othertechnologies, projects, or programs, and in some cases the same
investments could also enable a given asset to achieve additional benefits beyond what that
asset may have been able to achieve on its own. Over time, investments made as part of
previous projects or portfolios may also enable or enhance new projects. The BCA Order
states that utility BCA shall consider incremental T&D costs “to the extentthat the
characteristics of aproject cause additional costs to beincurred.”

A key considerationwhen performing a BCA is to perform proper accounting of benefits and
costs, includingavoidance of under- or over-counting. Thisis done by appropriately defining
each benefit and cost.

Section 6 belowidentifies the16 benefits to beincludedin the cost-effectivenesstestsper the
BCA Order. The calculation methodology for each of these benefitsis providedin Section 7.

As discussedin detail above, the BCA should be constructed to consider potentially
overlapping benefits. In general, thismeans that for each potential benefitin a project or
portfolioinvestment, care must be taken that different technologies, or even multiple instances
of thesametechnology, do notinteract to change theimpact calculation forthat benefit, or
that theinteractive effectsare explicitly consideredin the calculation.

— Forexample, anenergy efficiency measure and a demand response technology
deployedina portfoliocould bothreduce system coincident capacity, but together their
combinedimpact islikely to be less thanif each is calculated independently. Itis
important toconsider these interactive affects to avoid double counting of benefits.

?BCA Order, Appendix C pg. I8.

18
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The BCA analysis should be constructed to consider potentially overlapping costs. Some
types of costs may be potentially leveraged across different projects or portfolios.

— For example,investmentinacommunicationsinfrastructure for monitoring DER
performance could be shared across multiple DERinstallationsand multiple
applications. Inthese cases, cost allocations need to be made across projectsor
portfoliosto appropriately consider these shared costsinthe analysis.

Two bulk system benefits definedin the BCA Order; Avoided Generation Capacity Costs
(AGCC)and Avoided Locational Based Marginal Price (LBMP) result from system coincident
peak demandreduction and energy reductionimpacts respectively, with avoided cost values
derived from multiple components. Theseimpacts and embedded component values included
inthe AGCC and Avoided LBMP benefits shouldnot be confused with other benefits identified
in the BCA Order that must be calculated separately.

These key potentially overlapping benefits deserve additional explanation, which is provided
in Table 5-1and the bullets following:

TABLE 5-1. BENEFITSWITH POTENTIALOVERLAPS

Main Benefit Overlapping Benefit

e Avoided Transmission Capacity
Avoided Generation Capacity Costs,

. . . Avoided Transmission Losses
or ICAP, including Reserve Margin

e Avoided Distribution Losses

e Net Avoided CO,

e Net Avoided SO; and NOy
Avoided LBMP e Avoided TransmissionLosses

e Avoided Transmission Capacity

e Avoided Distribution Losses

— Avoided transmission and distribution loss impacts resulting fromenergy and demand reductions
that should be included in the calculations of the AGCC and Avoided LBMP; it is important to
differentiate them from the impacts that should be counted as separate Avoided Transmission
Losses and Avoided Distribution Losses benefits.

— Differentiation between the transmission capacity values embedded as components of the AGCC
and Avoided LBMP values, as well as differentiation between the CO,, SO,, and NOy values
embedded in Avoided LBMP values and those values that must be applied separately in the Net
Avoided CO;and Net Avoided SO, and NOy benefits calculations must be considered.

19
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5.1.1

Benefit Overlapping with Avoided Generation Capacity Costs

AGCCassumptionsused by the NYISO to calculate the AGCC values as capturedin the AGCC
benefit category; and which are subsequently used by the DPS Staff in the ICAP Spreadsheet
Model, include benefits fromsources other than Generation Capacity. In the figure below,
componentsidentified below theline depict all benefit values as capturedin the AGCC benefit
category; which include additional benefits from Transmission Capacity, and Transmissionand
Distribution Lossassumptions.

These components below the line must beidentified discretely and then their effectsremoved
fromthe NYISO AGCC assumption in orderto provide abase from which to build in the actual
impacts that locational and/or project specific values supply. In the figure below, components
identified above theline depict locational and/or project specific benefits; which will be built
into the values considered within the BCA assessment.

FIGURE 5.1BENEFITSPOTENTIALLY OVERLAPPING WITH AVOIDED GENERATION
CAPACITY COSTS(ILLUSTRATIVE)

Benefit Value

Captured
outside of
AGCC
benefit

Benefit Component |

Marginal Transmission Infrastructure

= . Distribution Losses*

Captured — g amaEy— — B e s — — — — — —
inAGCC : . Transmission Capacity
benefit — N ey ——
category Generation Capacity
AGCC Avoided Avoided Avoided
Transmission Transmission Distribution
Capacity Losses Losses
i . * Includes all AGCC components
Main Benefit

To further explain; in this stacked column chart, the boxes with solid borders represent impacts
and embedded values included in the calculation of the main benefit, while boxes with dotted

20
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borders representimpacts excluded from the main benefit, but included in calculation of a
separate benefit. The benefit shownabove, Avoided Generation Capacity Costs, includes
multiple components that are capturedin the AGCC value. Theseinclude - ICAPincluding
reserve margin, transmission capacity, and transmission tosses.10 Additionally, distribution
losses can affect the calculation of AGCC, depending on the projectlocationon the system.1
The AGCC calculation accounts forthese distribution losses.

For example, if a project changes the electrical topology and therefore changesthe
transmission loss percentitself, theincremental changesin transmission losses would be
allocated to the Avoided Transmission Losses benefit. Similarly, any incremental changesto
distributionloss percent as aresult of the project would beincludedin the Avoided
Distribution Losses benefit. These benefits are calculated separately fromthe AGCC benefit.

5.1.2 Benefits Overlapping with Avoided LBMP

Avoided LBMP assumptionsused by the NYISO to calculate the LBMP values as capturedin
the LBMP benefit category, which are subsequently used by the DPS Staff in the ICAP
Spreadsheet Model include benefits from sources other thanEnergy in LBMP. In thefigure
below, componentsidentified below the line depict all benefit values as capturedin the LBMP
benefit category; whichinclude additional benefits from Transmission Congestion,
Transmissionand Distribution Losses,and CO2,S0O2 and NOx Costs.

These components below the line must beidentified discretely and then their effectsremoved
fromthe NYISO LBMP assumptionin order to provide abase from which to buildin the actual
impacts that locational and/or project specific values supply. In the figure below, components
identified above the line depict locational and/or project specific benefits; which will be built
into the values considered within the BCA assessment.

Figure 5.2 graphicallyillustrates potential overlaps of benefits pertaining to Avoided LBMP.

' The AGCC includes a portion of avoided transmission capacity infrastructure costs as zonal differences in the ICAP
clearing price.
""For example, an impact on the secondary distribution system compared to the primary system will have a higher impact
on the AGCC due to higher losses.
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FIGURE5.2. BENEFITSPOTENTIALLY OVERLAPPING WITH AVOIDED LBMP BENEFIT
(ILLUSTRATIVE)

Note: Marginal Transmission Note: Emissions due to customer-sited
CBPlfoEd Infrastructure costs are generators are valued as a negative benefit
outside of included in the AGCC diagram and are not illustrated in this diagram
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Energy in LBMP
(without emissions)

Avoided  Avoided Avoided Avoided Avoided Avoided
LBMP Transmission Transmission  CO, S0O,, NO,  Distribution
Capacity Losses Losses * Includes all LBMP components

Main Benefit

To further explain:in this stacked column chart, the boxes with solid borders represent impacts
and embedded values included in the calculation of the main benefit, while boxes with dotted
borders representimpacts excluded from the main benefit butincludedin calculation of a
separatebenefit. As seenin the figure, the stacked solid boxesin the Avoided LBMP benefit
include costs for factors beyond simple energy cost per megawatt-hour (MWh) of the
electricity tradedin the wholesale energy market. The followingareincludedin the Avoided

LBMP benefit:

— Avoided transmission capacity infrastructure costs built into the transmission
congestioncharge whichareembeddedin the LBMP

— Transmission-level loss costs which are embedded in the LBMP. Compliance costs of
various air pollutant emissionsregulationsincluding the value of CO2 viathe Regional
Greenhouse Gas Initiative and the values of SO2 and NOxvia cap-and-trade markets
which are embeddedin the LBMP
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Additionally, distribution losses can affect LBMP, dependingon the project location on the
system,and shouldgross up the calculated LBMP benefits.'? To the extenta project changes
theelectrical topology and changes the distribution loss percentitself, the incremental
changes in distribution losses would be allocated to the Avoided Distribution Losses benefit.
Similarly, there may be projects that would specifically impact Avoided Transmission Capacity
or changethe transmission loss percent. In theseinstances, theimpacts would be captured
outside of the Avoided LBMP benefit.

Many of the benefit equations provided in Section 7 include a parameter to account for losses.
In calculating abenefit or costresultingfrom load impacts, losses occurring upstream fromthe
loadimpact must be accounted for to arrive at the total energy or demandimpact. Losses can
be accounted for either by adjusting theimpact parameter or the valuation parameter. For
consistency, all equationsin Section 7 are shownwith aloss adjustment to theimpact
parameter.

Thefollowing losses-related nomenclatureis usedin the BCA Handbook:

e Losses(MWh or MW) arethedifference between the total electricity send-outandthe
total output as measured by revenue meters. This difference includes technical and
non-technical losses. Technical losses are the losses as sociated with the delivery of
electricity of energy and have fixed (no load) and variable (load) components. Non-
technical losses representelectricity thatis delivered, but not measured by revenue
meters,

e LossPercent(%)arethetotal fixed and/or variable'® quantity of losses between
relevant voltage levels divided by total electricity send-out, unless otherwise
specified.

e LossFactor(dimensionless)is aconversion factor derived from “loss percent”. The
loss factoris1/ (1 - Loss Percent).

2 For example, an impact on the secondary distribution system compared to the primary system will have a higher impact
on the LBMP purchases due to higher losses.
% In the BCA equations outlined in Section 7 below, project-specific energy and demand impacts at the retail delivery
point are adjusted to the bulk system (or other relevant system location) based on only the variable compone nt of the
loss percent. In cases where the transmission or distribution loss percentis altered due to a project, the fixed and/or
variable loss percent impacts are considered.
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For consistency, the equationsin Section 7 follow the same notation to represent various
locations on the system:

e “r"subscriptrepresentstheretail delivery point or pointof connection of aDER to the
distributionnetwork.

e “w"subscriptrepresentsthewholesale delivery point, or theinterface between the
transmissionsystem and the distribution system. Thisis thelocationon the system that
the LBMPis based upon.

e “b"subscriptrepresentsthebulk system generationpoint,alsoreferredto as the
generation busbar. Thisis the locationon the system directly upstream of the
transmissionsystem.

Based on thenotationdescribed above, if aresidential customer is connected to distribution
secondary the loss percent parameter called Loss%,_, would represent the loss percent
between thebulk system (“b") and theretail delivery or connectionpoint (“r"). In this example,
theloss percent would be the sum of the distribution secondary, distribution primary and
transmission loss percentages. If alarge commercial customer is connected to primary
distributionthe appropriate loss percentwould be the sum of distribution primary and
transmission loss percentages.

Oneof themost significant challenges associated with evaluating the benefitof agrid or DER
project or programis establishing baseline data thatillustrates the performance of the system
without the project or program. The companies may derive baseline estimates fromrecent
historical data, forecasts, statistical or model-based projections, or comparison/control
groups (e.g., similar feeders and households) duringthe course of the project.

Sound baselinedatais crucial in measuring theincrementalimpact of the technology
deployment. Because benefits of grid modernization projects accrue over many years,
baselines must be valid across the same time horizon. This introduces a few points thatmerit
consideration:

e Forecasting marketconditions: Projectimpacts as well as benefitand costvalues are
affected by market conditions. Forexample, the Commission has directed that Avoided
LBMP should be calculated based on NYISO'’s CARIS Phase 2 economic planning
process base case LBMPforecast. However, the observed benefitof a project will be
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differentif the wholesale energy market behavesdifferently fromthe forecasted
trends.!

¢ Forecasting operational conditions: Many impactsand benefitsare tied tohow the
generation, transmission, and distributioninfrastructure are operated. In this example,
the Commissionindicated that benefits associated with avoided CO;emissions shallbe
based on thechangein thetons of CO2produced by the bulk system whensystem
load levels arereduced by 1%. It is importantto note that this impact calculationis an
approximationanditis still very difficultto determine theactual CO;reductions at the
bulk system level from theimpacts of projects implemented at the distribution system
level. Project-specificreductions are tied to dispatch protocols based on the
optimized operation of the bulk system given a set of preventive post-contingency
settings. In addition, the carbonintensity of the generation mix willinevitably change
over time independent of any investmentat the distribution level.

¢ Predictingassetmanagementactivities: Someimpactsand benefits, such as
Avoided Distribution Capacity Infrastructure, are affected by distribution-level capital
investmentsthatmay take placeindependentof the projects being evaluated. In this
example, theamount of available excess capacity may changeif key distribution assets
are replaced and uprated.

¢ Normalizingbaselineresults:Baseline data should be normalized to reflect average
conditionsover thecourse of ayear. This is likely toinvolve adjustments forweather
and average operational characteristics.

Therearesignificant uncertainties surroundingthe benefits and costs.Regulatory approvals,
technologicaladvances, operational budgets, and other business conditions all affect the cost
of deployment and/orexpected systemperformance. As such, the utility may re-evaluateand
reviseits baseline data as significant events or developmentsalter the assumed or implied
conditionsof the currentbaseline.

In addition to establishingan appropriate baseline, normalizing impact data presents similar
challenges. This is particularly true for distribution-level projects, where system performance

" Long-term forecasts include sensitivity  analyses. See, for  example, the 2015  CARIS

(http://www.nyiso.com/public/markets_operations/services/planning/planning_studies/indexjsp) and Clean Energy
Standard White Paper - Cost Study (April 2016, filed under NYPSC Case Number 15-E-0302) for further discussion of price
forecast sensitivities.
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is significantly affected by external conditions beyond that which occurs on the distribution
system. Forinstance, quantifyingtheimpact of technology investment onreliabilityindices
wouldrequirethe baseline datato be representative of expected feeder reliability
performance. Thisis a challenging task, as historical data would require weather adjustments
and contemporaneous data would be drawn from different, but similar, feeders.

A distribution feeder may go through changes that could influence feeder performance
independent of the technologiesimplemented. Forinstance, planned outages due to routine
maintenance activities or outages due to damages from a major storm could impact reliability
indices and changes in the mix of customerload type (e.g., residential vs. commercial and
industrial), which may impact feeder peak load.

Theduration over which theimpact and benefits of new gridand DERinvestments accrue
varies significantly. The time horizonfor the analysis mustconsider several factors, including
differences amongthelengthsof expected useful life of various hardware and software across
multiple projects and how to reconcile the differences in these lengths of expected useful
lives. The analysis timeframe should be based on the longest asset lifeincludedin the
portfolio/solutionunder consideration.’®

The most accurateassumptionsto use for performinga BCA would leverage suitable location
or temporalinformation. When the more granular datais not available, an appropriate annual
average or systemaverage maybe usedto reflect the expected savings from use of DER.

While granular locationalor temporal assumptions are always preferred to more accurately
capturethesavings fromuse of aresource, the methodology includedin the BCA Handbook
would accommodate appropriate systemaveragesin cases where their useis required.

"BCA Order, pg. 2
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The BCA Order indicates thatthe BCA Handbook shallinclude “description of the sensitivity
analysis thatwill be applied to key assumptions.”'¢

As Section 7 indicates, asensitivityanalysis may be performed on any of the benefitsand
costs. Sensitivity analysis may be performed by changing selected input parametersto
providea range of BCAresults for review.

Thelargest benefitsfor DERare typically the bulk system benefits of Avoided LBMP or AGCC.
For example:

e Asensitivity of LBMP, $/MWh, could be based on alternative wholesale market
studies.”

e Annualaverage LBMPs could be compared across studies to scale time-differentiated
LBMPs.

In addition to adjusting the values of an individual parameter as a sensitivity; the applicability
of certain benefits and costs would be considered as a sensitivity analysis of the cost -
effectiveness tests. For example:

e Inclusion of the Wholesale Market Price Impacts in the UCT and RIM would be
assessed as asensitivity.'®

6. Relevant Cost-Effectiveness Tests

The BCA Order states thatthe SCT, Utility Cost Test (UCT), and the Rate Impact Measure (RIM)
make up therelevant cost-effectivenessteststo beusedin the BCA. These cost-effectiveness
tests aresummarizedin Table 6-1.

'“BCA Order, Appendix C, pg. 31.

7" Long-term  forecasts include sensitivity —analyses. See, for example, the 2015 CARIS
(http://www.nyiso.com/public/markets_operations/services/planning/planning_studies/index, jsp) and Clean Energy
Standard White Paper - Cost Study (April 2016, filed under NYPSC Case Number 15-E-0302) for further discussion of price
forecast sensitivities.

'8 BCA Order, pg. 25 (“The evaluation would then be conducted showing separately the impacts both with and without
the wholesale market price effect”)
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TABLE 6-2 COST-EFFECTIVENESS TESTS

Cost Perspective Key Question Calculation Approach
Test Answered
Compares the costs incurred to design and
deliver projects, and customer costs with
Is the State of New avoided electricity and other supply-side
SCT Society York better off as a resource costs (e.g., generation, transmission,
whole? and natural gas); also includes the cost of
externalities (e.g., carbon emissions and other
net non-energy benefits)
Compares the costs incurred to design,
ueT Utili How will utility costs | deliver, and manage projects by the utility
ity . . .. .
be affected? with avoided electricity supply-side resource
costs
. . Compares utility costs and utility bill
RIM Ratepayer How will utility rates reductions with avoided electricity and other

be affected? .
supply-side resource costs

The BCA Order positions the SCT as the primary cost-effectiveness measure because it
evaluates impact on society as awhole.

Theroleof the UCT andRIMis to assess the preliminary impact on utility costsand ratepayer
bills fromthebenefitsand coststhatpass the SCT. Theresults of the UCT and RIM test are
criticalin identifying projects that may require amore detailed analysis of theirimpact to the
utility andratepayers. Some projects may not provide benefits to the utility and ratepayers,
evenif itis beneficial to society as awhole.

It isimportant to note, however, that if a measure passes the SCT but its results do not satisfy
the UCT and RIM tests, the measure would not berejected unless a complete billimpact
analysis determines that such impact is of a “magnitude that is unacceptable”.””

Each cost-effectivenesstestincludedin the BCA Framework is defined in greater detailin the
following subsections. Which of the various benefits and costs to includein analysis of
individual projects orinvestment portfolios requires careful consideration, as discussedin
Section 5.

” BCA Order, pg. 13.
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Table 6-2 summarizes which cost-effectiveness tests can be applied to the benefits and costs
includedin the BCA Order. The sub-sections below provide further contextfor each cost-
effectiveness test.
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TABLE 6-3. SUMMARY OF COST-EFFECTIVENESS TESTSBY BENEFIT AND COST

Section # Benefit/Cost SCT UCT RIM
Benefit

7.1.1 Avoided Generation Capacity Costst v 4 v
7.1.2 Avoided LBMP# v v Y
7.3 Avoided Transmission Capacity Infrastructuret# v v v
7.1.4 Avoided Transmission Lossest# v v v
7.1.5 Avoided Ancillary Services* v v v
7.1.6 Wholesale Market Price Impacts** v v
7.2.1 Avoided Distribution Capacity Infrastructure v v v
7.2.2 Avoided O&M v v v
7.2.3 Avoided Distribution Lossest# v v v
7.3.1 Net Avoided Restoration Costs v v v
7.3.2 Net Avoided Outage Costs v

7.4.1 Net Avoided CO# v

7.4.2 Net Avoided SO2 and NO# B

7.4.3 Avoided Water Impacts v

7.4.4 Avoided Land Impacts v

7.4.5 Net Non-Energy Benefits*** v v v
Cost

7.5.1 Program Administration Costs v

7.5.2 Added Ancillary Service Costs* v

7.5.3 Incremental T&D and DSP Costs v

7.5.4 Participant DER Cost v

7.5.5 Lost Utility Revenue v
7.5.6 Shareholder Incentives

7.5.7 Net Non-Energy Costs** v

1 See Section O for discussion of potential overlaps in accounting for these benefits.
# See Section Error! Reference source not found. for discussion of potential overlaps in accounting for
these benefits.

* The amount of DER is not driver of the size of NYISO’s Ancillary Services markets since a change inload
will not result in a reduction inthe NYISO requirements for Regulation and Reserves as the requirements
for these services are set periodically by NYISO to maintain frequency and to cover the loss of the largest
supply element(s) on the bulk power system. Therefore, there is no impact within the SCT as the overall
Ancillary Services requirement remains unchanged.
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** The Wholesale Market Price Impacts in the UCT and RIM would be assessed as a sensitivity.
*** |t is necessary to identify which cost-effectiveness test should include the specific benefit or cost in
the Net Non-Energy Benefit or Net Non-Energy Cost as it may apply to the SCT, UCT and/or RIM.

Performing a cost-effectiveness testfor a specific project or a portfolio of projectsrequires
thefollowing steps:

Cost
Test

SCT

Select therelevantbenefitfortheinvestment.
Determinetherelevant costs fromeach costincluded over the life of theinvestment.

Estimate the impacttheinvestment will havein each of therelevant benefit
categories for each year of the analysis period (i.e., how much it willchange the
underlying physical operation of the electric system to produce the benefits).

Apply the benefitvalues associated with the projectimpactsas described in Section
7.

Apply the appropriate discountrate to perform a cost-effectiveness testfora
specific project or portfolio. The discount rateis the utility weighted average cost of
capital to determine the present value of all benefits and costs.

Treat inflation consistently by discounting real cashflow by real discountrates and
nominal cash flows by nominaldiscount rates.A 2% annual inflationrate shouldbe
assumed unless otherwise specified.

Key Question

Answered Calculation Approach

Perspective
Compares the costsincurred to design
and deliver projects, and customer costs
with avoided electricity and other supply-
side resource costs (e.g., generation,
transmission, and natural gas);also
includes the cost of externalities (e.g.,
carbon emissions, and net non-energy
benefits)

Is the State of New
Society Y(y),rk[ b’)etter off asa
whole?

Most of the benefits includedin the BCA Order can be evaluated under the SCT because their
impact can be applied to society as awhole. This includes all distribution system benefits, all
reliability/resiliency benefits, and all external benefits.
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Lost Utility Revenue and Shareholder Incentivesdo not apply tothe SCT, as these are
considered transfers between stakeholder groups that have no netimpact on society as a
whole.

Similarly, the Wholesale Market Price Impact sensitivity is not performed for the SCT because
theprice suppressionis also considered a transferfrom large generators to market
participants.

Per the BCA Order:

“Wholesale marketsalready adjust to changesin demand and supplyresources,and any
resource cost savingsthatresult arereflectedin the SCT. Any price suppressionover
and above those market adjustmentsis essentially a transfer payment -- simply ashiftof
monetary gains and losses from one group of economic constituentsto another.No
efficiency gain results if, for example, generators are paid more or less while consumers
experience equal and offsettingimpacts. Therefore, the price suppression benefitis not
properlyincludedin the SCT beyondthe savings already reflected there.”?°

Cost Perspective Key Question Calculation Approach
Test Answered
Compares the costs incurred to design,
Utilit How will utility costs deliver, and manage projects by the utility
ucT 4 be affected? with avoided electricity supply-side

resource costs

The UCT looks at theimpact to utility costs associated with energy, capacity, generation, T&D,
overhead, and generaland administrative. Forthisreason, external benefits such as Avoided
CO,, Avoided SOzand NOx, and Avoided Water and Land Impacts do notapply to the UCT.
Utilities in New York do not currently receiveincentives fordecreased CO;or other
environmentalimpacts. Benefitsrelated to avoided outages would go to customersand not
utilities, so this benefitalso does notapply to the UCT.

Participant DER Cost and Lost Utility Revenue are not considered in the UCT because the cost
of the DERis not autility cost and any reduced revenues from DER are made-up by non-
participating DER customers through the utility’srevenue decoupling mechanism or other
means.

20 BCA Order, pg. 24
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Cost Perspective Key Question

Calculation Approach
Test Answered vtatt PP

. - Compares utility costs and utility bill
How will utility rates ducti ith ided electrici d
RIM Ratepayer be affected? reductions Wlt' avoided electricity an
other supply-side resource costs

TheRIM test can address rateimpacts to non-participants. Externalbenefitssuch as Avoided
CO,, Avoided SO;and NOx, and Avoided Water and Land Impacts do notapply totheRIM as
they do notdirectly affect customer rates. Benefitsrelated to avoided outages go to
customers but, again, would have no effect on rates.

Participant DER cost doesnot apply to the RIM because the cost of the DER is not a utility
cost.However, any reduced revenues from DER areincluded as increased coststo other
ratepayers as Lost Utility Revenue because of revenue decoupling or other means that transfer
costs from participants to non-participants.

7. Benefits and Costs Methodology

Each subsection below aligns with a benefit or cost listed in the BCA Order. Each benefit and
cost streamincludes a definition, equation, and a discussion of general considerations.

Four types of benefits are considered in the BCA framework and addressed in the sub-sections
below. Theyare:

¢ Bulk System - larger systemresponsible for the generation, transmissionand control
of electricity passed on to thelocal distribution system.

¢ DistributionSystem - systemresponsibleforthelocal distribution of electricity.
e Reliability/Resiliency - efforts made to reduce duration and frequency of outages.

e Externalities - consideration of social values for incorporationin the SCT.

Four types of costs are considered in the BCA frameworkand addressed in the sub-sections
below. Theyare:
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e ProgramAdministration - includesthe cost of stateincentives, measurementand
verification,and otherprogram administration costs to start-up and maintain a specific
program

e Utility-related - thoseincurred by the utility such as incremental T&D, DSP, lost
revenues and shareholderincentives

¢ Participant-related - thoseincurred to achieve project or programobjectives,

e Societal - external costsforincorporationin the SCT

In this version of the Handbook, forenergy, operational, andreliability -related benefitsand
costs,? itis assumed thatimpacts generate benefits/costsin the same year as theimpact. In
other words, thereis no time delay between impacts and benefits /costs.

However, for capacity andinfrastructure?itis assumed that impacts generate benefits/costs
inthefollowing year of theimpact. For example, if aproject reduces system peak load in 2018,
the AGCC benefit would not berealized until 2019.

7.1.1 Avoided Generation Capacity Costs

Avoided GenerationCapacity Costs are due to reduced coincident system peak demand.
This benefitis calculated by NYISO zone, whichis the mostgranular level for which AGCC are
currently available.Z Itis assumed that the benefitis realized in the year followingthe peak
load reduction impact.

2 Energy, operational, and reliability-related benefits and costs include: Avoided LBMP, the energy component of
Avoided Transmission Losses, Avoided Ancillary Services, the energy portion of Wholesale Market Price Impact, Avoided
O&M, Avoided Distribution Capacity Infrastructure, Net Avoided Restoration Costs, Net Avoided Outage Costs, the
energy component of Distribution Losses, Net Avoided CO2, Net Avoided SO2 and NOx, Avoided Water Impact, Avoided
LandImpact, Net Non-Energy Benefits Related to Utility or Grid Operations, Program Administration Costs, Participant
DER Cost, Lost Utility Revenue, Shareholder Incentives, and Net Non-Energy Costs.

2 Capacity, infrastructure, and market price-related benefits and costs include: Avoided O&M, the capacity component
of Avoided Transmission Losses, Avoided O&M, the capacity component of Distribution Losses, Avoided Transmission
Capacity Infrastructure and Related O&M, the capacity potion of the Wholesale Market Price Impact,, Added Ancillary
Service Costs, and Incremental Transmission & Distribution and DSP Costs.

% For a portfolio of projects located within multiple NYISO zones, it may be necessary to calculate weighted average
across zones to obtain a benefit value.
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7111 Benefit Equation, Variables, and Subscripts

Equation 7-1presents the benefit equation for Avoided Generation Capacity Costs. This
equation follows“Variant1” of the Demand Curve savings estimation described in the 2015
Congestion Assessment and Resource Integration Study (CARIS) Appendix. Each NYISO zone
is mapped to oneof thefour NYISO localities as follows: ROS = A-F,LHV =G-I,NYC = J,LI = K.

EQUATION 7-1. AVOIDED GENERATION CAPACITY COSTS

APeakLoadyy . i
Benefity, ;= Z * SystemCoincidenceFactor;y * DeratingFactorzy * AGCC

1-Loss%zy o ZYb

Theindices of the parametersin 7-1 Avoided Generation Capacity Costs include:

e Z=NYISO zone(A > K)
e Y =Year
e b =BulkSystem

e r = Retail Delivery or Connection Point

APeakLoad; vy, (AMW)is the project’s expected maximum demand reduction capability, or
“nameplate”impact at theretail delivery or connection point (“r”), by zoneif applicable. This
inputis project or program specific. A positive valuerepresents areduction in peak load.

Loss%; -+ (%)is the variable loss percentbetween bulk system (“b”) and theretail delivery or
connection point (“r"). The loss percentages by system level arefoundin Section 9.

SystemCoincidenceFactor, . (dimensionless)captures aproject’s or program’s contribution

toreducing bulk system peak demand relative to its expected maximum demand reduction
capability. For example, anameplate demand reduction capacity of 100 kW with asystem
coincidencefactor of 0.8 would reduce the bulk system peak demand by 80 kW. This input is
project specific.

DeratingFactorz'Y (dimensionless) is presented here as afactor to de-rate the coincident
peak load reduction based on the availability of aresource during system peak hours. For
example, a demand response programmay only be allowed to dispatch amaximum of 10
events per year, which could limit the availability of theresource duringpeak hours. Another
exampleis thevariability and intermittence (e.g., due to clouds) of a solar array which could
limitits contribution to system peak load reduction. Thisinputis project specific.

AGCC,y , ($/MW-yr) represents theannual AGCCs at the bulk system (“b”) based on forecast
of capacity prices for the wholesale marketprovided by DPS Staff. Thisdata can befoundin
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Staff's ICAP Spreadsheet Modelin the “AGCC Annual” tabin the “Avoided GCC at
Transmission Level” table. This spreadsheet converts “Generator ICAP Prices” to “Avoided
GCC at Transmission Level” based on capacity obligations for the wholesale market. Note that
the AGCC values providedin this spreadsheet arein the units of $/kW-mo, which mustbe
convertedto $/MW-yr to match the peak load impactin MW. To convert units, the summer and
winter $/kW-mo values are multiplied by six months each and added together, and then
multiplied by 1,000 to convert to $/MW-yr. AGCC costsare calculated based on the NYISO’s
capacity market demand curves, using supply and demand by NYISO zone, Minimum
Locational Capacity Requirements (LCR), and the Reserve Margin.

7112 General Considerations

The AGCCforecast provided by Staff is based on capacity market demandcurves using the
demand forecastsand available supply from NYISO’s Load & Capacity Datareport. CARIS can
be used for guidance on how demand curves are applied to the AGCC forecast.? The Reserve
Margin is determined annually by New York State Reliability Council.MinimumLCR, set by
NYISO, are applicable to several localities (NYC, LI, “G-J” Region)and account for
transmission losses. See NYISO Installed Capacity Manual? for more details on ICAP.

AGCCbenefits are calculated using a static forecast of AGCC prices provided by Staff. Any
wholesale market capacity price suppression effectsare not accounted for hereandinstead
are capturedin Wholesale Price Impacts, describedin Section 7.1.6.

Impacts from ameasure, project, or portfoliomust be coincident withthe system peak and
accountedfor lossesprior to applying the AGCC valuation parameter. The “nameplate” impact
(i.e. APeakLoad,y ,) should also be multiplied by a coincidence factor and deratingfactor to
properly match the planning impact to the system peak. The coincident factor quantifiesa
project’s contributionto system peak relative to its nameplateimpact.

It is also important to considerthe persistence of impacts in future years after a project’s
implementation. For example, participation in ademand response program may change over
time. Also, a peak load reduction impact will not berealized as a monetized AGCC benefit until
theyear following the peak load reduction, as capacity requirementsare set by annual peak
demandand paidforin thefollowingyear.

242015 CARIS Phase 1 Study Appendix.
http://www.nyiso.com/public/webdocs/markets_operations/services/planning/Planning_Studies/Economic_Planning
_Studies_(CARIS)/CARIS_Final_Reports/2015_CARIS_Final_Appendices_FINAL.pdf
Zhttp://www.nyiso.com/public/webdocs/markets_operations/documents/Manuals_and_Guides/Manuals/Operations/
icap_mnl.pdf
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The AGCC values providedin Staff's ICAP Spreadsheet Modelaccount for the value of
transmission losses andinfrastructure upgrades. In instances where projects change the
transmission topology,incremental infrastructure and loss benefits not capturedin the AGCC
values should be modeled and quantified in the Avoided T&D Losses and Avoided T&D
Infrastructure benefits, below.

7.1.2 Avoided LBMP

Avoided LBMP s avoided energy purchased at the Locational Based Marginal Price (LBMP).
Thethree components of the LBMP (i.e., energy, congestion, and losses) are allincludedin this
benefit. See Section Error! Reference source notfound. fordetails onhow the methodology
avoids double counting between thisbenefitand others.

7.1.21 Benefit Equation, Variables, and Subscripts

Equation 7-2 presentsthe benefit equationfor Avoided LBMP:
EQUATION 7-2. AVOIDED LBMP

Benefity = 22 AENCTBY e + | BMP, o
1 —Loss%gpr

Theindices of the parameters in Equation7-2include:

e Z=zone(A>K)

e P =period(e.g., year,season, month,andhour)
e Y =Year

e b =BulkSystem

e r = Retail Delivery or Connection Point

AEnergy, (AMWAh) is the differencein energy purchased at theretail delivery or
connection point (“r") as aresult of projectimplementation, by NYISO zone and by year with by
time-differentiated periods, for example, annual, seasonal, monthly, or hourly as appropriate.
This parameter represents the energy impact at the project location andis not yet grossed up
to the LBMP location based on thelosses between those two points on the system. This
adjustmentis performed based on the Loss%;,_,,. parameter. Thisinput is project- or program-
specific. A positive valuerepresents areduction in energy.

Loss%; 4 (%) is the variable loss percent between bulk system (“b”) and theretail delivery or
connection point (“r"). The loss percentages by system level are foundin in Section 9
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LBMP, .y, ($/MWh)is the Locational Based Marginal Price, which is the sum of energy,
congestion, and losses components by NYISO zone at the bulk system level (“b”). NYISO
forecasts 20-year annualand hourly LBMPs by zone. To determine time-differentiated LBMPs,
for example, annual, seasonal, monthly, or hourly, leverage NYISO’shourly LBMP forecast by
zonerather thandeveloping an alternative forecast of time-differentiated LBMPsbased on
shaping annual averages by zone from historical data. The NYISO hourly LBMP forecastis a
direct output from the CARIS Phase 2 modeling. To extend the LBMP forecast beyond the
CARIS planning period, if necessary, assume thatthe last year of the LBMPs stay constantin
real (inflation adjusted) $/MWh.

7122 General Considerations

Avoided LBMP benefits are calculated using a static forecast of LBMP. Anywholesale market
price changes as aresult of the project or programare not accounted for in thisbenefit,and
are instead capturedin Wholesale Market Price Impacts, described in Section 7.1.6.

Thetimedifferential for subscript P (period) will depend on the type of project,and could be
season, month, day, hour, or any other interval. The user must ensure thatthe time-
differentiationis appropriate for the project being analyzed. For example, it may be
appropriateto usean annual average price and impact for aDER that has aconsistentload
reduction at all hours of the year. However, using the annual average may not be appropriate
for energy storage whichmay be charging duringnon-peak hours and discharging during peak
hours. In that case, it may be appropriate to multiply an average on -peak (or super-peak) and
off-peak LBMP by the on-peak (or super-peak) and off-peak energy impacts, respectively.

It is important to consider the trend (i.e., system degradation) of impacts in future years aftera
project’s implementation. For example, a PV system’s output may decline over time. Itis
assumed that thebenefitis realizedin the year of theenergy impact.

7.1.3 Avoided Transmission Capacity Infrastructure and Related O&M

Avoided Transmission Capacity Infrastructure and Related O &M benefitsresult from
location-specific load reduction that are valued at the marginal costof equipment thatis
avoided or deferred by a DER project or program. A portion of Avoided Transmission Capacity
is already capturedin the congestion charge of the LBMP and the AGCC prices. Because static
forecasts of LBMPsand AGCC values are used, this benefit will be quantified only in cases
where a measure, project, or portfolio alters the planned transmission system investments
fromthat level embeddedin those static forecasts.

7131 Benefit Equation, Variables, and Subscripts
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Equation 7-3 presents the benefit equationfor Avoided Transmission Capacity Infrastructure
and Related O&M:

EQUATION 7-3. AVOIDED TRANSMISSION CAPACITY INFRASTRUCTURE AND RELATED
o&M

APeakLoad
Benefity, ;= Z T Lossot AN TransCoincidentFactorcy*
- 0y, b-r

DeratlngFactorY MarglnalTransCostC’Y’b

Theindices? of summationfor Equation7-3include:
e C = constrainton an element of transmission system?
e Y =Year
e b =BulkSystem

e r = Retail Delivery or Connection Point

APeakLoady , (AMW)is the project’s expected maximum demand reduction capability, or
“nameplate” impact at theretail delivery or connection point (“r”). This input is project specific.
A positive value representsareduction in peak load.

Loss%y p-5 (%) is the variable loss percent between the bulk system (“b”) and theretail
delivery point (“r"). Thus, this reflects the sum of the transmission and distribution system loss
percent values.

TransCoincidentFactor. y (dimensionless) quantifies a project’s contributionto reducing
transmission system peak demand relative to its expected maximum demand reduction
capability. For example, an expected maximum demand reduction capability of 100 kW with a
coincidencefactor of 0.8 will reduce the transmission system peak by 80 kW (without
consideringDeratingFactor, ) Thisinputis project specific.

DeratingFactorY (dimensionless) is presented here as agenericfactor to de-ratethe
transmission system coincident peak load based on the availability of the load during peak
hours. For example,ademandresponse program may only be allowed to dispatcha maximum
of 10 events per year, which could limit the availability of theresource duringpeak hours.
Another exampleis the variability and intermittence (e.g., due to clouds) of a solar array which

% In future versions of the Handbook, additionalindices such as time period and voltage level can be included as this
data becomes available.
Z If system-wide marginal costs are used, this is not an applicable subscript.
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could limitits contribution to peak load reduction on the transmission system. This inputis
project specific.

MarginalTransCost ., , ($/MW-yr)is the marginal costof the transmission equipmentfrom

which theloadis beingrelieved. Itis assumed that the marginal costof serviceis based on the
bulk system (“b"). If the available marginal cost of service valuereflects a differentbasis, then
this parameter must first be converted to representload at the bulk system priorto usingin the
equation above. Localized or equipment-specific marginal costs of service should be usedin
most cases. In some limited circumstances use of the system average marginal costhave been
accepted, for example, for evaluation of energy efficiency programs. System average marginal
cost of service values are providedin Section 9.

7132 General Considerations

In order to find theimpact of the measure, project, or portfolioon the transmis sionsystem
peak load, the “nameplate” capability or load impact must be multiplied by the transmission
system coincidence factorand derating factor. Coincidence factors and deratingfactors
would need to be determined by a project-specific engineeringstudy.

Some transmission capacity costs are already embeddedin both LBMP and AGCC. Boththe
AGCCandtransmission congestion charges could be decreasedin the event that additional
transmission assetsarebuilt or load is reduced. To the extent that deferred or avoided
transmission upgrades areincremental to the value capturedin LBMPand AGCC and can be
modeled or calculated, these benefits would be reportedin this benefit. This value would need
to be project-specificbased on the specific deferraland/or change to the system topology
rather than through generic utility marginal costof service studies. Using system average
marginal coststo estimate avoided transmission and infrastructure need may resultin
significantover- or under-valuation of the benefits and/orcostsand may resultin no savings
for customers.

Theuse of project-specific values helps ensure that the calculated impactis applicable to the
specificimpact of the project both on atemporal and locational basis, adjustingfor losses (i.e.,
locational alignment) and coincidence with the transmission peak (i.e., temporal alignment). In
other words, the load reduction ultimately used to value this benefit must be coincidentwith
theload on therelieved equipment. Itis important to distinguishbetween system andlocal
constraintsin order to match theimpact withthe avoided cost. It is assumed that the marginal
cost of serviceis based on theload at the bulk system. If the available marginal costof service
value is based on a different location in the system (e.g., interface between transmissionand
distribution), then this parameter must firstbe converted to represent load at the bulk system
prior tousingin the equation above.

Avoided transmissioninfrastructure cost benefitsarerealized only if the projectimproves load
profiles that would otherwise create aneed for incremental infrastructure. Benefits are only
accrued when atransmission constraint is relieved due to coincident peak load reductionfrom
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DER. Under constrained conditions, itis assumed thata peak load reduction impact will
produce benefits in the followingyear as theimpact. Once the peak load reduction is less than
that necessary to avoid or defer the transmissioninvestment andinfrastructure must be built,
ortheconstraintis relieved, this benefit would notberealized from thatpoint forward.

Themarginal cost of transmission capacity values provided in Section 9 include both capital
and O&M, and cannot be splitintotwo discrete benefits. Therefore, care should be taken to
avoid double counting of any O&M values includedin this benefitas part of the Avoided O&M
benefit describedin Section 7.2.2.

7.1.4 Avoided Transmission Losses

Avoided Transmission Losses are the benefitsthatarerealized when aproject changesthe
topology of the transmissionsystem that results in achange to the transmission system loss
percent. Reductions in end use consumption and demand thatresultin reduced losses are
includedin Avoided LBMP and Avoided Generation Capacity benefits as described abovein
Sections 5.1.2and 5.1.1. While both the LBMP and AGCC will adjust to achangein system losses
in future years; the staticforecastusedin this methodology does not capture these effects.

7.14.1 Benefit Equation, Variables, and Subscripts

Equation 7-4 presents the benefit equation for Avoided Transmission Losses:

EQUATION 7-4. AVOIDED TRANSMISSIONLOSSES

Benefity, ; = Z SystemEnergy;y.,p * LBMPZy,,* ALOSS%7 v, b + SystemDemandy y,,
’ * AGCCzyyp, * ALOSS%07 v s
Where,
ALoss%zy pi = L0ss%z,ypipaseline — LOSSYz,y boipost
Theindices?® of the parameters in Equation7-4 include:

e Z=NYISO Zone(forLBMP:A > K; for AGCC: NYC, LHV, LI, ROS?)
e Y =Year
e b =BulkSystem

% In future versions of the Handbook, additional indices such as time period and voltage level can be included as this

data becomes available.
ZNYISO Localities to NYISO Zone Mapping: ROS = A-F,LHV = G-I, NYC =J, LI = K
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e i=Interfaceof thetransmissionanddistributionsystems

SystemEnergy, ., , (MWHh)is theannual energy forecast by NYISO in the Load & Capacity

Report at the bulk system (“b”) level, which includes both transmission and distribution losses.
Notethat total system energy is used for thisinput, notthe project-specific energy, because
this benefitis onlyincludedin the BCAwhenachangein systemtopologyis produces a
changein thetransmissionloss percent, whichaffectsall loadin therelevant area.

LBMP,y. ($/MWh)is the LBMP, whichis the sum of energy, congestion, and losses
componentsby NYISO zone at the bulk system level (“b”). To determine time-differentiated
LBMPs, for example, annual, seasonal, monthly, or hourly, leverage NYISO’s hourly LBMP
forecast by zoneratherthan developingan alternative forecast of time-differentiated LBMPs
based on shaping annual averages by zone from historicaldata. The NYISO hourly LBMP
forecastis adirect output fromthe CARIS Phase 2 modeling. To extend the LBMP forecast
beyondthe CARIS planning period, if necessary, assume that the last year of the LBMPs stay
constantin real (inflation adjusted) $/MWh.

SystemDemand, , , (MW)is the system peak demand forecastby NYISO at the bulk system

level (“b"), which includes transmission and distribution lossesby zone. Note thatthe system
demandis usedin this evaluation, ratherthan project-specific demand, because this benefit is
only quantified achangein systemtopology producesachangein thetransmissionlosses
percent, which affects all loadin therelevant zone.

AGCC,y , ($/MW-yr) represents theannual AGCCs based on forecast of capacity prices for
the wholesale market provided by Staff. This data can be foundin Staff’sICAP Spreadsheet
Modelin the “AGCC Annual”tabin the “Avoided GCC at TransmissionLevel” table. This
spreadsheet converts “Generator ICAP Prices” to “Avoided GCC at Transmission Level”3°
based on capacity obligationsat the forecastof capacity prices for the wholesale market.
Note that the AGCC values providedin this spreadsheet arein the units of $/kW-mo, which
must be converted to $/MW-yrto match the peak loadimpactin MW. To convert units, the
summer and winter $/kW-movalues are multiplied by six months each and added together,
and then multiplied by 1,000 to convert to $/MW-yr.

ALoss%; y i (A%)is the changein fixed and variable loss percentbetween the bulk system
(“b™ and theinterface of the transmissionand distribution systems (“i”) resulting from a project
that changes the topology of the transmission system. This value would typically be
determinedin a project-specific engineeringstudy. Two parameters are providedin the

%0 “Transmission level” represents the bulk system level (“b”).
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equations above: onewith a“Y” subscript torepresentthe current year,and onewitha“Y +1”
subscripttorepresent the following year.

L055%z,yp-ipaseline (%) is the baseline fixed and variable loss percentbetween bulk system (“b”)
andtheinterface of the transmission and distribution systems (“i”). Thus, this reflects the sub -
transmissionandinternal transmission losses pre-project, whichis found in Section 9.

Loss%zyp-ipost (%) is the post-project fixed and variable loss percentbetween bulk system
(“b™ andtheinterface of the transmissionand distribution systems (“i"). Thus, this reflects the
sub-transmission and internal transmission losses post-project.

7142 General Considerations

Transmission losses are already embeddedin the LBMP. This benefit is incrementalto what is
includedin LBMP andis only quantified when the transmission loss percentis changed (e.g.,
from 3%t02.9%). For most projects, thisbenefitwill be zero unless an engineering study
determines otherwise.

Theenergy and demandimpacts are based on system-wide energy and demand, rather than
project-specific, because this benefitis only quantified when the losses percentage is changed
which affects all customers in the affected area. Transmission losses will not affect
downstream distribution losses.

It is assumed that the LBMP componentof the avoided losses benefit is accrued in the same
year as theimpact,and the AGCC component of the benefitis accruedin the following year of
thebenefit. This is reflected in the equation above with “Y”and “Y +1” subscripts to indicate the
timing of the benefits relative to theimpacts.

7.1.5 Avoided Ancillary Services (Spinning Reserves and Frequency
Regulation)

Avoided Ancillary Servicesbenefits may accrue to selected DERs thatare willing and qualify
to provideancillary services to NYISO.NYISO could purchase ancillary servicesfromthese
DERs in lieu of conventional generators at a lower cost withoutsacrificingreliability. This
benefit will only be quantifiedin cases whereameasure, project, or portfolio is qualified to, or
has the ability and willingnessto provide ancillary services to NYISO. This value will be zero
for nearly all cases and by exception would beincluded as part of the UCT and RIM.

DER causes areduction in load but will not directly resultin areduction in NYISO requirements
forregulation andreserves since theserequirementsare not based on existing load levels but
instead are based on available generatingresource characteristics. Regulationrequirements
are set by NYISO to maintain frequency, and reserve requirements are set to cover the loss of
thelargest supply element(s) on the bulk power system.

43



NYSEG/RG&E Benefit Cost Analysis (BCA)
Handbook ((

Some DERs may have the potential to provide anew distribution-level ancillary service such as
the voltage support and power quality. However, it is uncertain whether such attributes can be
cost-effectively provided by dispersed DERs. The infrastructure costsrequired to monitorthe
applicable system conditions (voltage, flicker, etc.) and individual DERs as well as the
operations and communications systemto communicate with and effectively dispatchthose
DER attributes are also uncertain. Itis premature to include any valuein the BCA for such
services until the utilities can cost-effectively build the systems to monitor and dispatchDERs
to capturenetdistribution benefits.

7151 Benefit Equation, Variables, and Subscripts
Thebenefits of each of two ancillary services (spinningreserves, and frequency regulation) are

describedin the equations below. The quantification and inclusion of these benefits are project
specific.

Avoided Freqguency Requlation

Equation 7-5 presents the benefit equationfor Avoided Frequency Regulation:
EQUATION7-5. AVOIDED FREQUENCY REGULATION

Benefity = ACapacityy * n * (CapPricey + MovePricey * RMMy,)
Theindices of the parameters in equation 7-5include:

e Y =Year

ACapacityy (AMW) is the amount of annual average frequency regulation capacity when
provided to NYISO by the project.

n(hr)is thenumber of hours in ayear that theresourceis expected to provide the service.

CapPrice, ($/MW:-hr) is the average hourly frequency regulation capacity price. The default
value is thetwo-year historicalaverage for day-ahead regulation capacity prices fromNYISO.

MovePrice, ($/AMW): is the average hourly frequency regulation movement price. The default
value is thetwo-year historicalaverage for real-time dispatch of regulation movement prices
fromNYISO.

RMM, (AMW/MW:-hr): is the Regulation Movement Multiplier (RMM) used for regulation bids
and accounts for theratio between movement and capacity. It is assumed to be 13 AMW/MW-
hr.

Spinning Reserves

Equation 7-6 presents the benefit equationfor Spinning Reserves:
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EQUATION 7.6 SPINNING RESERVES
Benefity =ACapacityy * n * CapPricey
Theindices of the parameters in equation 7-6include:

e Y =Year

ACapacityy (AMW)is the changein theamountof annual average spinning reserve capacity
when provided to the NYISO by the project.

n (hr): is thenumber of hours in ayear that theresourceis expected to provide the service.

CapPricey ($/MW:-hr) is the average hourly spinning reserve capacity price. The default value
uses thetwo-year historical average spinning reserve pricingby region.

7152 General Considerations

Therearenoreductions in annual average frequency regulation, and spinning reserve, because
thoseareset by the NYISO independent of load levelsand DER penetration.

Theaverage hourly prices for frequency regulation capacity, frequency regulation movement,
and spinningreserve capacity can be calculated from historical pricingdata posted by NYISO.
Therecommended basis is a historical average of intervalpricingover the prior two-year
period.

The NYISO Ancillary Services Manual indicates that the day-ahead market is the predominant
market for regulation capacity and spinning reserves; regulation movementis only availablein
real-time. TheRMMiis fixed by NYISO at a value of 13 AMW/MW per hour. While NYISO does
not publish historical interval volume data to calculate actual movement, this value can be
considered areasonable proxy for actual movement.

7.1.6  Wholesale Market Price Impact

Wholesale MarketPrice Impact includes the benefit fromreduced wholesale marketprices
on both energy (i.e., LBMP) and capacity (i.e., AGCC) due to a measure, project, or portfolio.
LBMPimpacts will be provided by Staff and are determined using the firstyear of the most
recent CARIS database to calculate the staticimpact on wholesale LBMP of a1% changein the
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level of load that must be met.3' LBMPimpact will be calculated for each NYISO zone. AGCC
price impacts are developed using Staff’s ICAP SpreadsheetModel.

7161 Benefit Equation, Variables, and Subscripts

Equation 7-7 presentsthe benefitequation forWholesale MarketPrice Impact:

Equation 7-7 Wholesale Market Price Impact
Benefity,; = Z(l - Hedging%) * (ALBMPImpact; ., * WholesaleEnergy, .,
z
+AAGCCyyy, * ProjectedAvailableCapacity,, ., )

Theindices of summation for Equation7-7 include:

e Z=NYISO Zone(A > K32
e Y =Year

e b =BulkSystem
Hedging% (%) is the fraction of energy or capacity hedged via fixed price or multi-year
agreements or other mechanisms. Price hedgingvialong term purchase contracts should be
considered when assessing wholesale market priceimpacts. The JU have generally assumed
that the percent of purchaseshedgedis 50% and equal for both energy and capacity.

ALBMPImpact,, . (A$/MWHh)is thechangein averageannual LBMP at the bulk system (“b")

beforeand after the project(s); requires wholesale market modeling to determine impact. This
will be provided by DPS Staff.

WholesaleEnergy, . ., (MWh)is thetotal annual wholesale market energy purchased by
zoneat thebulk systemlevel (“b”). This mustrepresentthe energy at the LBMP.

AAGCC,y , (A$/MW-yr)is thechangein AGCC price by ICAP zone calculated from Staff’s
ICAP Spreadsheet Model beforeand afterthe projectis implemented. This valueis determined
based on thedifferencein zonal pricesin Staff’sICAP Spreadsheet Model, “AGCC Annual” tab,
based on a changein the supply or demand forecast (i.e., “Supply” tab and “Demand” tab,
respectively) dueto the project.33 The priceimpacts arebased on the sizeand location of the
project. A positive valuerepresents areduction in price.

9 BCA Order, Appendix C, pg. 8.

#NYISO Localities to NYISO Zone Mapping: ROS = A-F,LHV = G-, NYC =J, Ll = K

* As in the AGCC benefit equation, System Coincidence Factors and Derating Factors adjustthe maximum load reduction
of the project.
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ProjectedAvailableCapacity, , , (MW)is the projected available supply capacity by ICAP

zoneat thebulk system level (“b”) based on Staff’s ICAP Spreadsheet Model, “Supply” tab,
whichis the baseline before the projectis implemented.

7.1.6.2 General Considerations

Wholesale market priceimpacts or demandreductioninduced price effects are project
specificbased on the sizeand shape of the demand reduction. LBMP market price impacts will
be provided by Staff and will be determined using the firstyear of the most recent CARIS
databaseto calculate the staticimpact on LBMP of a1% changein the level of load that must
be metin theutility areawherethe DER is located. Theseimpacts must be consideredin the
benefit calculation once available. The capacity market price impacts can be calculated using
Staff’s ICAP Spreadsheet Model. Theresultantprice effects arenotincludedin SCT, but would
beincludedin RIMand UCT as a sensitivity.

It is assumed that Wholesale Market Price Impacts do notresultin benefitsfor morethanone
year, as these markets will respond quickly to thereduced demand thereby, reducing the
benefit.>4. as noted previously, itis assumed that the capacity portion of Wholesale Market
Price Impacts will produce benefits in the year followingtheimpact while the energy portion of
Wholesale Market Price Impacts will produce benefitsin the same year as theimpact.

7.2.1 Avoided Distribution Capacity Infrastructure

Avoided Distribution Capacity Infrastructure benefit results from location-specific
distributionload reductions that are valued at the marginal cost of distribution system
infrastructure thatis avoided or deferred by a DER project or program. The load reduction
impact must be coincident with the distribution equipment peak or otherwise defer or avoid the
need forincremental distributioninfrastructure based on the characteristics of the specific
load and the design criteria of the specific equipment thatservesiit.

7211 Benefit Equation, Variables, and Subscripts

Equation 7-8 presentsthe benefitequation for Avoided Distribution Capacity Infrastructure:

* The one year assumption is based on an overview of price suppression provided in the New England Regional Avoided
Cost Study 2015
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EQUATION 7-8 AVOIDED DISTRIBUTION CAPACITY INFRASTRUCTURE

APeakLoady
Benefity = ZZ * DistCoincidentFactorc, y * DeratingFactory *
Loss%y pr

MarglnalDlstCostCVYb

Theindices of summationfor Equation7-8include:

e C =Constrainton an element (e.g., pole-mounted transformer, distribution line, etc.) of
thedistributionsystem35

e V= Voltagelevel(e.g., primary,and secondary)
o Y =Year
e b =BulkSystem

e r = Retail Delivery or Connection Point

APeakLoadc, (MW)is the nameplate demand reduction of the project at the retail delivery or
connection point (“r"). This input is project specific. A positive valuerepresentsareduction in
peak load.

Loss%y 1, (%) is the variable loss percent between the bulk system (“b”) and theretail delivery
point (“r"). Thus, this reflects the sum of the transmissionand distribution system loss percent
values, both foundin Section 9. This parameterto used to adjust the APeakLoady . parameter
tothebulk system level.

DistCoincidentFactor. y (dimensionless)is a project specificinput that capturesthe
contributionto the distribution element’s peak relative to the project’s nameplate demand
reduction. For example, anameplate demand reduction of 100 kW on the distribution feeder
with a coincidence factor of 0.8 would contribute an 80 kW reduction to peak load on an
element of the distribution system.

DeratingFactory (dimensionless) is a project specificinput thatis presented here as ageneric
factor to de-rate the distribution coincident peak load based on the availability of the load
during peak hours. For example, ademand response programmay only be allowed to dispatch
a maximum of 10 events per year, which could limit the availability of theresource during peak
hours. Another exampleis the variability and intermittence (e.g., due to clouds) of asolar array
which could limit its peak load reduction contribution on an elementof the distribution system.

*In limited cases where use of system-wide marginal costvalues is required, this subscript is not applicable.
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MarginalDistCost. , , , (8/MW-yr)is the marginal cost of the distribution equipment from

which the loadis being relieved. It is assumed that the marginal costof serviceis based on the
bulk system (“b”). If the available marginal cost of service valueis based on a different basis,
then this parameter mustfirst be converted to represent load at the bulk system priorto using
in the equation above. Localized or equipment-specific marginal costs of service shouldbe
usedin most cases. In limited circumstances the use of the system average marginal costmay
be acceptable, for example, the evaluation of energy efficiency programs. System average
marginal cost of service values are provided in Section 9.

7212 General Considerations

Project- and location- specific avoided distribution costs and deferral values should be used
whenever possible. Using systemaverage marginal costs to estimate avoided transmission and
distributioninfrastructure need may result in significant over - or under-valuation of the
benefits or costs.Coincidence and deratingfactors would be determined by a project -specific
engineering study.

Avoided distributioninfrastructure benefits fora specific location arerealized only if aDER
project or portfolio of DER projects meets the engineering requirements for functional
equivalence (i.e., DER reliably reduces coincident load to alevel that allows the deferral or
avoidance of the distribution project. The DSIP identifies specific areas where a distribution
upgrade need exists and where DERs could potentially provide this benefit.

Use of system average avoided cost assumptions may be requiredin some situations, such as
system-wide programs or tariffs. These values are providedin Section 9.

Thetiming of benefits realized frompeak load reductions are project and/ or program specific.
It is assumed that a peak load reduction impact will produce benefits in the year of theimpact.
Oncethepeak loadreductionis nolonger enoughto avoid or deferinvestment and
infrastructure must be built, benefits should notberecognized from that point forward.

The marginal cost of distribution capacity values providedin Section 9 include both capital
and O&M which cannot be splitinto two discrete benefits. Therefore, whenever these system
average values are used, care should be taken to avoid double counting of any O&Mvalues
includedin this benefit and as part of the Avoided O&Mbenefit described in Section 7.

7.2.2 Avoided O&M

Avoided O&Mincludes any benefitsincremental to the value capturedin the Avoided
Distribution Capacity Infrastructure benefit (Section 7.2.1). As discussed above, marginal cost
studiesinclude O&M and that O&M s notseparately includedin thisbenefit. Therefore, this
benefitincludes reduced expenses nottied to avoided or deferred distribution system
investment from DER. For example, this benefitmay capture O&M savings frominvestments to
improve customer service that reduces phone callsto the call center or O&M savingsfrom
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migrating toward advanced meter functionality reducing meter readingcosts. However, at this
time, it is expected that the value of this benefit for most DER projects will be zero. For
example, DER may reduce equipment loading, whichreduces failure rates, but somewhat
higher equipment loading may have led to theinstallation of new equipment with lower O&M
costs. Furtheranalysisis required to understand how DER would impact O&M.

7.2.21 Benefit Equation, Variables, and Subscripts

Equation 7-9 presents the benefit equationfor Avoided O&M Costs:

EQUATION 7-9. AVOIDED O &M

Benefity = Z AExpenses, v
AT

Theindices of summationfor Equation7-9 include:

e AT = activity type(e.g., linecrews to replace equipment, engineering review of DER
interconnection applications, responding to calls received at call centers)

e Y =Year

AExpenses, ., (A$): Changein O&M expenses due to a project, including an appropriate

allocation of administrative and common costs. These costs would increase by inflation, where
appropriate.

7222 General Considerations

Distribution O&Mbenefits from DERs may be limited to instances where DERs can avoid or
defer new distribution equipment, a benefit which is already capturedin the Avoided
Distribution Capacity Infrastructure benefit (Section 7.2.1), where the O&M costs are embedded
inthe marginal cost of service values. DER interconnections could increase O&M costs, while
lower equipment failure rates could decrease these costs. In general, theseimpacts are
difficult to quantify for DERinvestmentsand may be trivialin most cases.

Avoided O&M benefits would be quantifiable for some non-DER investments, such as utility
investmentsin DSP capabilities. For example, a utility investment in advanced metering
functionality may avoid truck rollsand other costs by collecting meter dataremotely.

7.2.3 Distribution Losses

Avoided Distribution Losses are theincremental benefit thatis realized whena project
changes distribution system losses whichin turn resultin changes to bothannualenergy use
and peak demand. Distribution losses are already accounted for in the LBMP and AGCC when
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grossingimpactsat the project locationto the price locations. Because static forecasts of
LBMPs and AGCC are used, this benefitis quantified only in cases where ameasure, project, or
portfolio alters the distribution system losses percentage (e.g., from 3% to 2.9%).

7.2.3] Benefit Equation, Variables, and Subscripts

Equation 7-10 presents the benefit equationfor Avoided Distribution Losses:

EQUATION7-10 AVOIDED DISTRIBUTIONLOSSES

Benefity, ; = ZSystemEnergyZ'Y+ 1p “LBMPZy 1 * ALOSS%7 v, i
’ + SystemDemand;y), * AGCCzy, * ALOSS% v i
Where,
ALosS%zy,s = L0ss%z,yj-r baseline — LOSS%zy,i-r, post
Theindices3¢ of the parameters in Equation7-10include:

e Z =NYISO Zone(forLBMP:A = K; for AGCC: NYC, LHV, LI, ROS?)
o Y =Year

e i=Interface Between Transmissionand Distribution Systems

e b =BulkSystem

e r = Retail Delivery or Connection Point

SystemEnergyz'Y'b (MWh) is the system energy purchasedin therelevant area of the
distributionsystem (i.e., the portion of the systemwhere losses wereimpacted by the project)
at theretail location by zone. Note that the system energy is used hererather thanthe project-
specificenergy, because this benefitis only quantified whenthe distribution loss percent value
has changed, an event which affects all load in therelevant part of the distribution system.

LBMP,y , ($/MWh)is the LBMP, whichis the sum of energy, congestion, and losses
componentsby NYISO zone at the bulk system L.evel (“b"). To determine time-differentiated
LBMPs, for example, annual, seasonal, monthly, or hourly, leverage NYISO’s hourly LBMP
forecast by zoneratherthan developingan alternative forecast of time-differentiated LBMPs

% In future versions of the Handbook, additionalindices such as time period and voltage level can be included as this
data becomes available.
¥ NYISO Localities to NYISO Zone Mapping: ROS = A-F,LHV = G-I, NYC =J, LI = K.
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based on using historical date to shape annual zonal averages by zone. The NYISO hourly
LBMPforecastis adirect output fromthe CARIS Phase 2 modeling. It may be necessary to
assumethat thelast year of the LBMPs stay constantin real (inflationadjusted) $/MWhif the
LBMP forecast needs to extend beyond the CARIS planning period.

SystemDemand, , , (MW)is the system peak demand for the portion of theretail locationon

thedistribution system(s) (i.e., the portion of the system where losses areimpacted by the
project) for therelevant NYISO capacity zone. This parameter is grossed up to the bulk system
level (i.e., location of the AGCC) based on the Loss%g, . parameter. Note that the system
demandis usedin this evaluation ratherthan the project-specific demand, because this benefit
is only quantified when the system topology is changed resulting in achangein distribution
loss percent has changed, an event which affectsall loadin therelevantpart of the
distributionsystem.

AGCC;y, ($/MW-yr) representsthe annual AGCCs at the bulk system level (“b”) based on
forecast of capacity prices for the wholesale market provided by Staff. This data can be found
in Staff’s ICAP Spreadsheet Model in the “AGCC Annual” tabin the “Avoided GCC at
Transmission Level” table. This spreadsheet converts “Generator ICAP Prices”to “Avoided
GCC at Transmission Level” based on capacity obligations at the forecastof capacity prices
forthewholesale market. Note thatthe AGCC values providedin this spreadsheet arein the
units of $/kW-mo, whichmust be converted to $/MW-yrto match the peak load impactin MW.
To convertunits to $/MW-yrthe summer and winter $/kW-movalues are multiplied by six
months each, added together, and then multiplied by 1,000.

ALossFactor; v, (A%)is the changein the fixed and variable loss percent between the
interface between the transmissionand distribution systems (“i”) and the retail delivery point
(“r") resulting froma project that changes the topology of the distribution system. This value
would typically be determinedin a project-specific engineering study. Two parametersare
providedin the equations above: one with a“Y" subscript torepresent the currentyear,and
onewith a “Y+1” subscript to represent the following year.

L055%yzy;rbaseline (%) is the baseline fixed and variable loss percentbetween theinterface of
thetransmissionand distribution systems (“i") and theretail delivery point (“r”). Thus, this
reflects the distribution loss percentpre-project, whichis foundin Section 9.

Loss%zyjrpost (%) is the post-project fixed and variable loss percentbetween the interface of
thetransmissionand distribution systems (“i”) and the retail delivery point (“r”).

7232  General Considerations
Distributionlossesarealready accounted forin the LBMP and AGCC when grossing impacts at

the project location to the price locations. Because static forecasts of LBMPsand AGCCare
used, this benefit will be quantified only in cases where ameasure, project, or portfolioalters
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thedistributionsystem losses percentage (e.g., from 3% to 2.9%). For most projects, this
benefit will be zero unless an engineering study determines otherwise.

The energy and demand impacts are grossed up fromretail impacts to transmission system
impacts based on losses from the equationsabove. Impacts are based on system-wide energy
and demand, not project-specific, because this benefit is only quantified whenthe loss
percentageis changed which affects all loadin the affected area. Note thatdistribution losses
also affect upstream transmission losses. Because losses datais usually available on an annual
average basis, the energy and demandimpacts should be on an annual average basis as well.

It is assumed that the LBMP componentof the avoided losses benefitis accruedin the same
year as theimpact,and the AGCC component of the benefitis accruedin the following year of
the benefit. This is reflected in the equation above with “Y”and “Y +1”" subscripts to indicate the
time delay of benefits relative to theimpacts.

7.31 Net Avoided Restoration Costs

Avoided Restoration Costs accountsfor avoided costs of restoring power duringoutages.
For most DER investments, thisbenefitwill not be quantified, as utilitieswillhave to fix the
cause of the outageregardless of whether the DER allows the customer operate
independentlyof the grid. For some non-DERinvestments such as automatic feeder switching,
distributionautomation and enhanced equipment monitoring, the utility may save timeand
other expenses dispatching restoration crews as aresult of havingimproved visibility into the
type and nature of the fault. Storm hardening and other resiliencyinvestments can reduce the
number of outage events, resulting in reduced restoration crew hours. Two methodologies to
capturethe potential value of specific programs or specific projects areidentified below. Use
of either methodology depends on the type of investment/technology under analysis.
Equation 7-11will generally apply to non-DER investments that allow the utility to sve timeand
other expenses dispatching restoration crews. Equation7-12 will generally apply to DER
investmentsthatareableto provide functionally equivalent reliability as an alternative to the
traditional utilityinvestment.

7.3.11 Benefit Equation, Variables, and Subscripts

Equation 7-11 presentsthe benefit equationfor Net Avoided Restoration Costs:
EQUATIONZ7-11NET AVOIDED RESTORATIONCOSTS

Benefity = ACrewTimey * CrewCosty + AExpensesy

Where,
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ACrewTimey = #Interruptionsp,ge y * (CAIDIy 5y — CAIDI, o v * (1 — A%SAIFIy))

SAIFly zse,y — SAIFL, o6 v

A%SAIFI, = SAIFT,
ase,Y

7w

Therearenoindices of the parameters besides “base”, “post”, and Year in Equation 7-11
because we assume an averagerestoration crew cost that does notchangebased on the type
of outage.

ACrewTimey, (Ahours/yr)is the changein crew time to restore outages based on animpact on
frequency and duration of outages.

CrewCosty ($/hr)is theaverage hourly outagerestoration crew cost for activities associated
with the project under considerationas providedin Section9.

AExpensesy (A$) are the expenses (e.g. equipment replacement) associated with outage
restoration.

#Interruptions,,.y (int/yr)are the number of sustained interruptions per year, excluding
major storms, in the baseline scenario. Baseline system total values are providedin Section 9.

CAIDI,. vy (hr/int)is the baseline (i.e., pre-project) Customer Average Interruption Duration
Index; it represents theaverage timetorestore service. Note that this parameter is not
necessarily asystem-wide value. Rather, it should berepresentative of therelevant area of the
system that the measure, project, or portfolio affects. Baseline system total values are
providedin Section 9.

CAIDI vy (hr/int)is the post-project Customer Average Interruption Duration Index;
represents theaveragetimetorestore service. This parameter would require an engineering
study or model to quantify. Note that this parameteris not necessarily a system-wide value.
Rather, it should berepresentative of therelevant area of the systemthat the measure, project,
or portfolio affects.

A%SAIFI, (A%): percent changein SystemAverage Interruption Frequency Index; represents
the percent changein theaverage number of times that a customer experiences an outage per

year.

SAIFI,,. vy (outages/cust/yr) is the baseline (i.e., pre-project) System Average Interruption
Frequency Index. It; representsthe average number of times thata customer experiencesan
outage per year, excluding major storms. The baseline system-wide valueis a five-year
average and is available fromtheannual Electric Service Reliability Reports. Generally, this
parameter is a system-wide value. In localized project/programspecific cases it should be

representative of therelevant area of the systemthat the measure, project, or portfolioaffects.

SAIFL, .y (outages/cust/yr) is the post-project System Average Interruption Frequency
Index; represents the average number of times that a customer experiences an outage per year
inthe post-project scenario. Note that this parameteris not necessarily a system-wide value.
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Rather, it should berepresentative of therelevant area of the systemthat the measure, project,
or portfolio affects.

EQUATION 7-12 NET AVOIDED RESTORATION COSTS

Benefity = MarginalCost,

Theindices of the parameters in Equation7-12 are applicable to DER installationsandinclude:

¢ R =Reliability constrainton an element (e.g., pole-mounted transformer, distribution
line, etc.) of T&D system

e Y =Year

MarginalDistCost, , ($/yr): Marginal costof thereliabilityinvestment. This valueis very
project- and location- specific;asystem average valueis not applicable.

This benefit only appliesfor an individual project or portfolio of DERwhich is able to provide
functionally equivalentreliabilityas compared to thereliability provided by the traditional
distributionreliabilityinvestment thatwould have otherwise been constructed and placedin
service; If the DER does not defer or avoid a traditional reliability investment, this benefit does
notapply. When an individual or portfolio of DERis able to defer a distributionreliability
investment, the value of the avoided restoration costis already reflected in the Avoided
Distribution Capacity Infrastructure benefit calculation.

7.31.2 General Considerations

Theimpact on SAIFlor CAIDIis due to theimplementation of the project relative to abaseline
rather than outside factorssuch as weather. The changes to these parameters should consider
the appropriate contextof the projectincluding the types of outage events and how the
project may or may notaddress each type of event to inform the magnitude of impact. For
example, is theimpact to onefeeder orimpactto a portion of the distributionsystem. The
baseline values should match the portion of the system impacted.

In addition to being project-specific, calculation of avoided restoration costsis dependent on
projection of theimpact of specificinvestmentsrelated to the facilitation of actual system
restorationand therespective costs. Itis unrealistic to expect that DERinvestments will limit
or replacethe need torepair field damage to the system,and as such, system restoration
benefits attributable to DER typeinvestmentsare unlikely. Application of thisbenefitwould be
considered only forinvestments with validated reliability results.

7.3.2 Net Avoided Outage Costs
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Avoided Outage Costs accounts for customer outage costs due to a reduction in frequency
and duration of outages, then multiplyingthat expected change by an estimated outage cost.
The quantification of thisbenefitis highlydependenton the type and size of affected
customers.

7.3.2. Benefit Equation, Variables, and Subscripts

Equation 7-13 presents the benefit equationfor Net Avoided Outage Costs:
EQUATION 7-13. NET AVOIDED OUTAGE COSTS

Benefity = Z ValueOfServicecy,* AverageDemand cyr  ASAIDIy
C

Where,

ASAIDIy = SAIFIy gy * CAIDIy g0y — SAIFL g v CAIDI o v

Theindices of summationfor Equation7-13 include:

e C = Customerclass (e.g.,residential, small C&l, large C&l) - BCA should use customer-
specific values if available.

e Y =Year

e r = Retail Delivery or Connection Point

ValueOfServicecy , ($/kWh)is the value of electricity service to customers, by customer
class, in dollars per unserved kWh at the retail delivery point. The value(s) shouldbe
determined based on the customers’ willingness to pay for reliability. If location -, customer
class- or customer-specific values are not available, these values should defaultto the retail
rate of electricity by customer class.

AvgDemand,. , (kW)is theaverage demandin kW at theretail delivery or connection point

(“r") that would otherwise beinterrupted during outages but can remain electrified due to DER
equipment and/or utility infrastructure. This would need to beidentified by customer class, or
by customer, if available. If the timing of outages cannot be predicted, this parameter can be
calculated by dividing the annual energy consumptionby 8,760 hours per year.

ASAIDIy (Ahr/cust/yr):is the changein System Average Interruption Duration Index due to the
project. Theimpact on SAIDIcan be determined based on theimpact on CAIDland SAIFI.38

* SAIDI = SAIFI * CAIDI
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Baseline system average reliability metrics can be foundin Section 9. A positive value
represents areduction in SAIDI.

SAIFI, o5y (int/cust/yr)is the post-project System Average Interruption Frequency Index;
represents the average number of times that a customer experiences an outage per year in the
post-project case.

CAIDI ..y (hr/int)is the post-project Customer Average Interruption Duration Index;
represents theimpact of a project on theaverage timetorestoreservicein the post-project
case. Determining this parameter would require developmentof a distribution level model and
arespective engineeringstudy to quantify appropriately.

SAIFl,. v (int/cust/yr) is the baseline (i.e., pre-project) SystemAverage Interruption
Frequency Index. It represents the average number of times that a customer experiences an
outage per year, excluding major storms. The baseline system-wide valueis a five-year
averagethatis available from the annual Electric Service Reliability Reports. This parameter is
not necessarilyasystem-wide value. Rather, it should berepresentative of therelevant area of
the system that the measure, project, or portfolio affects.

CAIDIp,. vy (hr/int)is the baseline (i.e,, pre-project) Customer Average Interruption Duration
Index. It represents theimpact of a project on the average time to restore service, excluding
major storms. The baseline system-wideis afive-year average that is available from the annual
Electric Service Reliability Reports. This parameter is notnecessarily a system-wide value.
Rather, it should berepresentative of therelevant area of the systemthat the measure, project,
or portfolio affects.

7322 General Considerations

Thevalue of theavoided outage cost benefitis customer-specific; the customer class should
match or be consolidated properly between the utility and the studyarea to ensure that the
value of reliability matches, what the customer would be willing to pay.

For this version of the BCA Handbook, the outage costcan be estimated by assuming the
customer would be willing to pay the sameretail rate they pay for electricity, to avoid an
outage. Thefull retail rate value can be foundin the utility’s latest tariff by customer class.

Currently, the Standard Interconnection Requirements do notallow for islanding, and therefore
limit this configuration to a DER that meets the needs of a customer during an outage.
Therefore, there are limited instances where DER allows the customer to supply local loadin a
blackout andresulting benefits would then be limited to that load picked up by DER.
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7.41 Net Avoided CO2

Net Avoided COzaccountsfor avoided CO,dueto a reduction in system load levels®? or the
increase of CO2from onsite generation. The CARIS forecastof LBMP containsa cost of carbon
based on the Regional Greenhouse Gas Initiative (RGGI). Staff will providea $/MWh adder to
account for the net marginal damage costof carbon thatis not already capturedin the LBMP.
This adder is based on the United States Environmental Protection Agency damage cost
estimates fora3%real discountrate or theresults of NYSERDAsolicitationsfor renewable
resource attributes. Staffthenprovidesa $/MWh forthe full marginal damage cost and the
net marginal damage costs of CO,. The net marginaldamage costsare the full marginal
damage cost less the cost of carbon embeddedin the LBMP.

7.4.1] Benefit Equation, Variables, and Subscripts

Equation 7-14 presents the benefit equationfor Net Avoided CO4:
EQUATION 7-14 NET AVOIDED CO:;
Benefity = CO2CostALBMP, — CO2CostAOnsiteEmissionsy
Where,

AEnergyy

COZCOStALBMPY = ( + AEnergyTransLosses,Y + AEnertc:EYDistLosses,Y)

1 — Loss%yp_r
* NetMarginalDamageCosty,

AEnergy transiosses,y = SystemEnergyy j, * ALOSS%y, i
AEnergypistrossesy = SystemEnergyyy, * ALOSS %y s,
ALoss%zy pi = L0ss%z,yp i baseline — LOSS%zy boipost
ALoss%zy,isr = L0ss%z,yj-r baseline — LOSS%zy,ior, post
CO2CostAOnsiteEmissionsy = AOnsiteEnergyy * CO2Intensity,, * Social CostCO2y
Theindices of the parameters in Equation7-14 include:
e Y =Year

e b =BulkSystem

e i =Interfaceof the Transmissionand Distribution Systems

¥ The Avoided CO; benefit considers the change in energy as a result of the project by including the change in energy
identified in the Avoided LBMP, Avoided Transmission Losses, and Avoided Distribution Losses benefits.
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e r = Retail Delivery or Connection Point

CO2CostALBMP, ($) is the cost of CO,due to a changein wholesaleenergy purchased. A
portion of the full CO, costis already capturedin the Avoided LBMP benefit. The incremental
value of CO.is capturedin this benefit,andis valued at the net marginal costof CO,, as
described below.

CO2CostAOnsiteEmissionsy ($) is the cost of CO,due to DER thatis not emission-free. The
cost of carbon for customer-sited emissionsis based upon the gross marginalcost of CO,, as
described below.

AEnergyy . (AMWh) is the changein energy purchased at theretail delivery or connection point
(“r") as a result of the project. This parameter considers the energy impact at the project
location, which is thengrossed up to the bulk systemlevel based on the Loss%,,_,, parameter.
A positive valuerepresentsareductionin energy.

Loss%y . (%) is the variable loss percent from the bulk system level (“b”) to theretail delivery
or connection point (“r”). These values can be foundin Section 9.

AENergyr .nsLossesy (AMWh) representsthe changein electricity lost on the transmission
system due to the Avoided Transmission Losses benefit. Refer to Section 5.2 formore details.
In most cases, unlessthetransmission system losspercentis altered due to a project or
portfolio, this parameter will be zero. A positive valuerepresentsareduction in energy lostin
transmissionsystem losses.

AEnergypisuossesy (AMWh) representsthe changein energy lost on the distributionsystem due
tothe Avoided Distribution Losses benefit. Refer to Section 7.2.3 formore details. In most
cases, unless thedistribution system loss percent s altered due to a project or portfolio, this
parameter will be zero. A positive valuerepresentsareduction in energy lostin distribution
system losses.

NetMarginalDamageCosty ($/MWh) is the “adder” Staff will provide to account for the full
marginal damage cost of carbon that is not already capturedin the forecastof LBMP from
CARIS. The LBMP forecast from CARIS includesthe cost of carbonbased on the RGGI but
does fully reflect the SCC.

ALoss%; y i (A%) is the changein fixed and variable loss percent between the interface of
thebulk system (“b”) and theinterface between the transmission and distribution systems (“i").
This represents the changein the transmission systemlossfactor. This value would typically
be determined in a project-specificengineeringstudy.

L055%g,yp-ipaseline (%) is the baseline fixed and variable loss percentbetween theinterface of
thebulk system (“b”) and the interface between the transmission and distribution systems (“i").
Thus, this reflectsthe transmissionloss percent pre-project, whichis foundin Table 2-2.
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L0oss%yzy i post (%) IS the post-project fixed and variable loss percentbetween theinterface of
thebulk system (“b”) and theinterface between the transmission and distribution systems (“i").
Thus, this reflects the transmission loss percent post-project, whichis foundin Section 9.

ALoss%; y ;s (A%)is thechangein fixed and variable loss percent between theinterface of
the transmissionand distribution systems (“i") and the retail delivery point (“r") resulting froma
project that changes the topology of the distribution system. Thisrepresents the changein the
distributionsystem lossfactor. This value would typically be determined in a project-specific
engineering study.

LosS%y v isr,basetine (%) is the baseline fixed and variable loss percentbetween theinterface of
thetransmissionand distribution systems (“i") and theretail delivery point (“r”). Thus, this
reflects the distributionloss percentpre-project, whichis foundin Section 9.

LosS%; )y jsrpost (%) is the post-project fixed and variable loss percentbetween the interface
of thetransmission and distribution systems (“i”) and theretail delivery point (“r”). Thus, this
reflects the distribution loss percentpost-project, which is foundin Section 9.

AOnsiteEnergy, (AMWAh) is the energy produced by customer-sited carbon-emitting
generation.

CO2Intensity, (metric ton of CO, / MWh)is theaverage CO;emissionrate of customer-sited
pollutant-emitting generation. This is a project-specificinput based on the type of onsite
generation. Notethat thereis adifference between metric tons andshort tons°. (I metricton
is the equivalent of 1.10231short tons).

SocialCostC02, ($ / metric ton of COz) is an estimate of the total monetized damages to
society associated with an incremental increase in carbon dioxide emissions. Annual values are
provided by EPA,(using the 3% real discount rate) or derived from the results of NYSERDA
solicitations forrenewableresources attributes. EPA estimates of thiscost (usinga 3%
discountrate) may be used as part of any sensitivity analysis..

7412 General Considerations

The equation aboverepresentstwo sources of emissions based on:(1)achangein LBMP
purchases, which is valued at the $/MWh adder (i.e., NetMarginalDamageCost, parameter
above)to be provided by Staff, and (2) customer-sited carbon emissions fromonsite
generation (e.g., such as combined heat and power [CHP]), whichis valued based on the
results of NYSERDA solicitations for renewable resources attributes.

401 metric ton = 110231 short tons
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The energy impactis project-specificand should be linked to theimpacts determinedin the
Avoided LBMP benefit. The LBMPimpacts due to the Avoided Transmission Lossesand
Avoided Distribution Losses benefitsalsoneed to be account for when determining the total
changein LBMP dueto a project. Itis assumed that the benefit value due to an impact on
emissionsis accruedin the same year as theimpact.

The BCA Order indicates “utilities shallrely on the costs to comply with New York’s Clean
Energy Standard once those costsareknown.”#

7.4.2 Net Avoided SO2 and NOx

Net Avoided SO2and NO(includesincremental value of avoided or added emissions. The
LBMP already includes the cost of pollutants (i.e., SO2,and NO,) as an “internalized” cost
fromthe Cap & Trade programs. Emitting customer-sited generation <25 MW will be
includedin this benefit since the generators do notparticipatein the Cap & Trade
programs.

7421 Benefit Equation, Variables, and Subscripts

Equation 7-15 presents the benefit equationfor Net Avoided SO2and NOy:

EQUATION7-15 NETAVOIDED SO, ANDNOx

Benefity = Z OnsiteEmissionsFlagy

P
* OnsiteEnergy,, - * Pollutantintensity , * SocialCostPollutant

Theindices of summationfor Equation7-15include:
e P =Pollutant (SO2,NOXx)
e Y =Year

e r = Retail Delivery or Connection Point

OnsiteEmissionsFlagy is a binary (i.e., O or 1) parameter, where a value of 1indicates that
customer-sited pollutant-emittinggeneration <25 MW will beincludedin the analysis as a
result of the project.

“'BCA Order, Appendix C, 6.
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AOnsiteEnergy, (AMWh)is the energy produced by customer-sited pollutant-emitting
generation.

Pollutantlntensityp,Y (ton/MWHh)is average pollutant emissions rate of customer-sited
pollutant-emitting generation energy. Thisis a project-specificinput.

SocialCostPollutantP,Y ($/ton)is an estimate of the monetized damages to society
associated with anincrementalincreasein pollutant emissionsin agiven year. The allowance
prices are providedin CARIS Phase 2.

74272 General Considerations

LMBPs already include the cost of pollutants (i.e., SO,and NO,) as an “internalized” cost from
the Cap & Trade programs.Emitting customer-sited generation <25 MW will beincluded in this
benefit sincethe generators do not participatein the Cap & Trade programs. This would be a
benefit to the extent that the DER emitsless than NYISO generation, and a negative benefit for
the DERifithas a higher emissionsrate than NYSO generation or emissions-free DER.

Two values are providedin CARIS for NO costs: “Annual NO,”and “Ozone NO,.” Annual NOy
prices areused October through May; Ozone NO, prices May through September. The
breakdown of energy in these two time periods must be accounted for and applied to the
appropriate NOy cost.

It is assumed that the benefit value due to an impact on emissionsis accruedin the same year
as theimpact.

7.4.3 Avoided Water Impact

A suggested methodology fordeterminingthisbenefitis notincludedin this versionof the
Handbook. Thisimpact would be assessed qualitatively in the SCT.

7.4.4 Avoided Land Impact

A suggested methodology fordeterminingthis benefitis notincludedin thisversionof the
Handbook. Thisimpact would be assessed qualitatively in the SCT.

7.45 Net Non-Energy Benefits Related to Utility or Grid Operations
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A suggested methodology fordeterminingthis benefit is notincludedin this version of the
Handbook. Thisimpact would be assessed qualitatively or if can be estimated quantitatively. It
is necessary to identify which cost-effectivenesstest shouldinclude the specific benefitor
costasitmay applytothe SCT, UCT and/or RIM.

7.51 Program Administration Costs

Program Administration Costs includes the costto administer and measure the effect of
required program administration performed and funded by utilities or other parties. This may
include the cost of incentives, measurementand verification, and other programadministration
costs to start,and maintain a specific program. Thereduced taxes and rebates to support
certain investmentsincrease non-participant costs.

7511 Benefit Equation, Variables, and Subscripts

Equation 7-16 presents the cost equation for Program Administration Costs:

EQUATION7-16PROGRAM ADMINISTRATION COSTS

Costy = z AProgramAdminCost,,
M

Theindices of summationfor Equation7-16include:
e M= Measure

e Y =Year

AProgramAdminCost, . is the changein Program Administration Costs, which may include

one-time or annual incentives such as rebates, program administration costs, measurement
and verification, stateincentives,and other costs. These costs would increase by inflation,
where appropriate.

7512 General Considerations

Program Administration Costs are program- and project-specific. As aresult,itis notpossible
to estimate the Project Administration Costin advance without a clear understanding of the
program and project details. Program-specific details that are necessary to calculate the cost
impact caninclude, but are not limited to, the scale of the activity, the types of participating
technologies, and locationaldetails.Sub-categories thatcould fall under Program
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Administration Costs include, but are not limited to, programmatic measurement & verification
costs, utility-specificrebatesand/orincentives, and costs of market interventions (e.g., state
andfederalincentives).

7.5.2 Added Ancillary Service Costs

Added Ancillary Service Costs occur when DER causes additional ancillary service costs on
thesystem. These costs shallbe considered and monetized in a similar manner to the method
describedin the Avoided Ancillary Services benefits sectionabove.

7.5.3 Incremental Transmission & Distribution and DSP Costs

Additionalincremental T&D Costs are caused by projects that contribute to the utility’sneed
to build additional infrastructure.

Additional infrastructure costs shall be considered and monetized in a similar mannerto the
method describedin Section 7.1.3 Avoided Transmission Capacity Infrastructure and Related
O&M. Thepotential forincremental T&D costs dependson theinterconnection location, type
of DER, and penetration of otherDER in the area. As aresult, itis not possible to estimate the
Additional T&D infrastructure costin advance withouta clear understanding of this
information.

Depending on the nature of aspecific DER project theincremental costs could beborne by the
interconnecting facility or utility customers. Forinstance, a utility may need to make further
investmentin their T&D infrastructure, such as expanding system capacity, implementing more
sophisticated controlfunctionalities, or enhancing protectionto ensure seamlessgrid
integration of new DER assets.

In some situations, enhanced capabilities of a DSP would be required. Theseincremental costs
would be identified andincluded within this cost.

7.5.4 Participant DER Cost

Participant DER Cost is money required to fund programs or measures thatis not provided by
theutility. It includes accounts forthe equipment and participation costsassumed by DER
providers or participants which need to be considered when evaluating the societalcostsof a
project or program. The ParticipantDER Costis equal to the full DER Cost net of program
rebates,andincentives that areincluded as part of Program Administration Costs.

Thefull DER Costincludes theinstalled cost of the device or system, as well as any ongoing
operations and maintenance expenses to provide the solution. Installed costs include the
capital cost of the equipment as well as labor and materials for the installation. Operating
costs include ongoing maintenance expenses. For projects where only a portion of the costs
can be attributed to the establishment of a DER, only that portion of the total project cost
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should be considered as the Full DER Cost. This practice is generally appropriate for projects
where the non-participationscenario carries some baseline cost, such as replacingan
appliance with ahigh efficiency alternative at the time of failure. In such ascenario, only the
incremental costsabove the baseline appliance shouldbe considered as the Full DER Cost.

This section provides four examples of DER technologies with illustrative cost information
based on assumptions that will ultimately vary given the factsand circumstances specific to
each DER application:

e SolarPV -residential (4 kW)
e CombinedHeatand Power (CHP) - reciprocal engine (100 kW)
e DemandResponse(DR) - controllable thermostat

e EnergyEfficiency (EE) - commercial lighting

All cost numbers presented hereinshould be consideredillustrative estimates only. These
represent the full costsof the DER anddo notaccount for or net out any rebates or incentives.
Actual Participant DER costs will vary by project based upon factors including:

¢ Make andmodel: The DER owner typically hasan array of productsto choose from
each of which have different combinations of cost and efficiency.

e Type of installation: Thelocation of wherethe DER would beinstalled influencesthe
capital costs, for example, ground-mounted or roof-mounted PV

e Geographic location: Labor rates, property taxes, and otherfactorsvary across utility
serviceareas and across the state

e Availablerebates andincentives: Includefederal, state,and/or utility funding.

The Commissionnotedin the February 2015 Track 10rder thatthe approach employed to
obtain DER will evolve over time, “The modernization of New York’s electric system will involve
a variety of products and services thatwill be developed and transacted through market
initiatives Products, rules, and entrants will develop in the market over time, and markets will
value the attributes and capabilities of all types of technologies. As DSP capabilities evolve,
procurement of DER attributes will develop as well, fromanear-term approachbased on RFPs
and load modifying tariffs, towards a potentially more sophisticated auction approach.”42

“2At33
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Theacquisition of most DERsin the near term will be through competitive solicitationsrather
and standing tariffs. The BCA Order requires a fact specific basis for quantifying costs that are
consideredin any SCT evaluation“3. Company competitive solicitations for DERs will require
thedisclosure of costsby the bidders, including but not limited to capital, installation,
marketing, administrative, fixed and variable O&M, lostopportunity and/or behavioral
incentive costs. The Company will use the submitted costsin the project/program/portfolio
BCA evaluation. Additionally, the Company will employthisinformation to develop and update
its technologyspecificbenchmark costs as they evolve over time.

Forillustrative purposes, examples fora small subset of DERtechnologies are provided below.

7541 Solar PV Example

Thesolar PV usedin this exampleis a4 kW-ACresidential rooftop system whichis connected
tothelocal distribution system through the customer’s meter. All cost parameters in Table7-4
for theintermittent solar PV example calculated based on information providedin the E3’s
NEM Study for New York (“E3 Report”).** In this study, E3 used cost data provided by
NYSERDA based on solar PV systems that wereinstalled in NY from 2003 to 2015. Thisis just
one example of evaluating the potential cost of solarPV technology. The Company would
need to incorporate service territory specificinformation when developing its technology
benchmarks. For aproject-specific costanalysis, actual estimated project costs would be
used.

TABLE7-4. SOLARPV EXAMPLE COST PARAMETERS

Parameter Cost
Installed Cost (2015$/kW-AC)% 4,430
Fixed Operating Cost ($/kW) 15

Note: These costs would change as DER project-specific data is considered.

1. CapitalandInstallation Cost: Based on E3’sestimate for NYSERDA of 2015 residential PV
panelinstalled cost. For solar the $/kW cost usually includes both the cost of the
technology andinstallation cost, whichis the casein this example. Costs could be lower or
higher dependingon the size of project, installation complexity and location. This example
assumes a4 kW residential system for an average systemin New York. Thiscostis per kW

“*BCA Order, Appendix C p 18
“4 The Benefits and Costs of Net Energy Metering in New York, Prepared for: New York State Energy Research and

Development Authorityand New York State Department of Public Service, December Ii, 2015.
% This cost is per kW of nameplate AC capacity. AC capacity is calculated from DC capacity using a factor of .1 DC:AC
as provided in E3’s NEM report.
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of nameplate AC capacity. AC capacity is calculated from DC capacity using afactor of 1.1
DC:ACas providedin E3's NEMreport.

2. FixedOperating Cost: E3'sestimate for NYSERDAof O&M foraresidential PV panelin
2015. This estimateis applied to all New York electric utilities in the NYSERDA paper.

7542  CHP Example

The CHP systemusedin this exampleis a100 kW capacity natural gas -fired engine unit sized
for commercial thermal load followingapplications. Costparameter values were obtained from
the EPA’s Catalog of CHP Technologies*é for this baseload CHP example based on estimations
of representative system costs. There are many site-specific factors that can affect cost
parameters that are not examined in thisexample including: property tax, local permitting, gas
and electricinterconnection costs, local emissions constraintsand possible structural
requirements. Naturalgas costs would need to be considered for the natural -gas fired CHP
system. All these elementswould need to bereviewed andincorporated to develop the
Company’s service territory technology specific benchmarks.

TABLE7-5. CHP EXAMPLE COSTPARAMETERS

Parameter Cost
Installed Capital Cost ($/kW) 3,000
Variable Operating Cost ($/kWh) 0.025

Note: This illustration would change as projects and locations are considered.

1. CapitalandInstallation Cost: EPA’'sestimate of areciprocating engine CHP system
capital cost. This includes of the project development costs associated with the
systemincludingequipment, laborand process capital. 4

2. Variable: EPA’s estimate of a100 kW reciprocating engine CHP system’s non-fuel O&M
costs.*8

7543 DR Example

The system dispatchable DR technology described hereinis a programmable and controllable
thermostatin aresidence with centralair conditioning that is participatingin adirect load
control program. The capital costis based on an average of Wi-Fienabled controllable

“EPA CHP Report available at: https://www.epa.gov/chp/catalog-chp-technologies
“” EPA CHP Report. pg. 2-15.
“8 EPA CHP Report. pg. 2-17.
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thermostats from Nest, Ecobee,and Honeywell. The Company would need to incorporateits
service territory specificinformation when developingits DR technology benchmarks.

TABLE7-6. DREXAMPLE COSTPARAMETERS

Parameter Cost
Capital Cost ($/Unit) $233
Installation Cost ($/Unit) $115

Note: This illustration would change as projects and locations are considered.

1. CapitalandInstallation Costs: These costsdiffer by thermostat model and capabilities,
andas such should be considered representative. Theinstallation costs estimates
represent aNew York system, but will vary substantially dependingon the program nature.

2. Operating Costs: Assumedto be $0for the DR asset participant based on comparison
with the alternative technology

7544  EE Example

The energy efficient lightingused in this exampleis indoor installation of linear fluorescent
lightingin acommercial office setting. Lighting cost estimates are based on the full cost of the
measure, not theincrementalcost over what s currently installed.

TABLE7-7.EEEXAMPLE COST PARAMETERS

Parameter Cost
Installed Capital Cost ($/Unit) $80

Note: This illustration would change as projects and locations are considered.

1. Installed Capital Cost: Based on Navigant Consulting's review of manufacturer
information and energy efficiencyevaluationreports. The Company would need to
incorporateits service territory specificinformation when developing its EE technology
benchmarks.

7.5.5 Lost Utility Revenue

Lost Utility Revenue includes the distributionand other non-by-passablerevenues thatare
shifted on to non-participatingcustomers due to the presence of revenue decoupling
mechanisms, in which sales-related revenue “losses” due to a decreasein electricity sales or
demand s recovered by marginally increasingtherate of electricity salesor demand tonon-
participating customers.
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Lost utility revenueis notincludedin the SCT and UCT as thereduced participant revenues are
offset by theincreased non-participantrevenues. Therefore, thiscostis onlyincludedin the
RIM. As DER reduces utility sales and the associated revenues, arevenue decoupling
mechanism enables the utility to be made whole by recovering these lostrevenues from other
ratepayers.

Theimpact to non-participating customers would be estimated by evaluating the type of DER
and thetariffs applicable to the affected customers.

7.5.6 Shareholder Incentives

ShareholderIncentives include the annual coststo ratepayers of utility shareholder
incentives that are tied to the projects or programs being evaluated.

Shareholderincentives should be project or programspecificand should be evaluated as
such.

7.5.7 Net Non-Energy Costs

A wide array of potential non-energy costs may be considered depending on the project
type. As such, determination of suggested methodology to address acomprehensive listing of
applicable elements is complex and will not be established in the Handbook.

However, methodology foroneitem; Suitable, Unused and Undedicated Land, has been
addressed in this version of the Handbook. Suitable, Unused and Undedicated Land is defined
as utility-owned propertyin reasonable proximityand electrically connected for possible use
by non-wires opportunities projects providing load relief solutions. The formal appraised value
of said land will be usedin the BCA, should the bidder elect to proceed with lease or sale of
the property along with costsincurred by the utility associated with securingproperty
appraisals, environmental studies, and any other necessarydocumentationto support the sale
or lease of Suitable, Unused and Undedicated Land*°. See attachment1for full document.

8. Characterization of DER Profiles

%2 See Attachment lin section 11 for full document
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This section discusses the characterization of DERs using several examplesand presentsthe
type of informationnecessary to assessassociated benefitsand costs.

Four DER categories are defined to provide auseful context, and specificexample
technologies within each category are selected for examination. These categories are:

1. Intermittent,

2. Baseload,

3. Dispatchable
4. LoadReduction

In addition to these four DER categorieslisted above, two additional examples areincluded.
This fifth example outlineshow multiple technologies may beincorporated as a Portfolio;
rather than employingsimply asingle DER technology. The sixth example pertains to energy
storage specifically,and how it can be consideredin either or both categories 3 and/or 4
depending on how the storageis operated.

Therearenumerous potential examples of individual DERs within each category, varyingby
technology, size, location, customer application, and otherfactors. Example DER were
selectedin each of the four categories toillustrate specific BCA values, as shownin table 8-1
below. These examples cover auseful, illustrative range of impacts that DERs can have on the
various benefit and cost categoriesin the BCA Handbook.

TABLE 8-8 DER CATEGORIES ANDEXAMPLES PROFILED

DER Category DER Example Technology
Intermittent Solar PV
Baseload CHP
Dispatchable Controllable Thermostat, Energy Storage
Load Reduction Energy Efficient Lighting, Energy Storage

The DER technologies that have been selected as examples are shown in

DR/storage technology in one situation may be operated to reduce the NYISO peak, which
may or may not coincide with a distributionfeeder peak whereitis installed.

e Another DR/storage technology may be operated to provide supportfora
distributionNWA, in which the distributionfeeder or substation may not havea
peak load that coincides with the NYISO peak.

Thus, the operational objectives of the DR/storage technology would resultin different
estimates of benefitsand costs depending on this operational objective. Key attributes of the
example DER technologies are providedin Table 8 2.

Table 8-9.
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Each DER technology hasunique operatingcharacteristics that allow it to accrue some
benefits and costsbut not others. In some cases, the ability of a DER to provide certain
benefits andincur certain costs will be driven by the operational objective of the specific DER,
not theintrinsic characteristics of the technology itself. Forexample:

e DR/storagetechnologyin onesituation may be operated to reducethe NYISO
peak, which may or may not coincide with adistributionfeeder peak whereitis
installed.

e Another DR/storage technology may be operated to provide support fora
distributionNWA, in which the distributionfeeder or substation may nothavea
peak load that coincides with the NYISO peak.

Thus, the operational objectives of the DR/storage technology would result in different
estimates of benefitsand costs depending on this operational objective. Key attributes of the
example DER technologies are providedin Table 8 2.

TABLE 8-9.KEY ATTRIBUTES OF SELECTEDDER TECHNOLOGIES

Resource Attributes

PV is an intermittent resource with energy output determined by solar irradiance.
The directional orientation and vertical angle of PV panels are important
considerations for determining energy output and thus the corresponding
coincidence factors with system-wide or local power delivery. PV energy output
may also degrade over time.

CHP is aresource typically sized to meet a customer’s thermal energy
requirements, but which also provides electrical energy. The particular customer’s
characteristics determine the ability of CHP to contribute to various benefit and
cost categories.

Energy EE reduces the energy consumption for delivery of a particular service (use)
Efficiency (EE) | without degrading orreducing the level of service delivered.

DR reduces energy demand for a particular service (use) during specific hours of
the day—typically peak demand hours—without reducing the service to an

Photovoltaic
(PV)

Combined Heat
and Power
(CHP)

z:l:pa:ndse (DR) unacceptable level. DR is typically available only for limited hours in a year (e.g.,
<100 hrs). The operational objective of the DR determines how it may contribute to
various benefit and cost categories.

ES is the most flexible resource and has a variety of use cases that can provide

T S different benefits depe.nding on th(.e stor.a.ge type (eg. thermal, elect.ric battery,

(ES) pumped hydro, etc.), size, ownership (utility or customer), and location. Storage can

balance load by charging or discharging to strategically increase or reduce energy
consumption.

Each example DER can enable a different set of benefitsandincurs adifferent set of costs, as
illustratedin

TABLE 8-10.

TABLE 8-10. GENERAL APPLICABILITY FOREACHDERTO CONTRIBUTETO EACH
BENEFITAND COST
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# Benefit/Cost PV CHP DR EE
Benefits

1 Avoided Generation Capacity Costs [ J [ J [ J [ J
2 Avoided LBMP [ ] [ ] [ ] [ ]
3 Avoided Transmission Capacity Infrastructure g g g g
4 Avoided Transmission Losses ©) ©) ©) ®)
5 Avoided Ancillary Services ©) ©) ®) (©)
é Wholesale Market Price Impacts [ ) [ ) [ ) [ ]
7 Avoided Distribution Capacity Infrastructure =] @ @ @
8 Avoided O&M @) (@) @) (@)
9 Avoided Distribution Losses ©) ©) ®) ®)
10 | Net Avoided Restoration Costs ©) ©) ®) ®)
n Net Avoided Outage Costs @) ol @) ©)
12 | Net Avoided CO, [ ] [ ] [ ] [ ]
13 | Net Avoided SO; and NOy [ ] [ ] [ J [ J
14 | Avoided Water Impacts ©) ©) (@) (©)
15 | Avoided Land Impacts @) @) O @)
16 | Net Non-Energy Benefits @) @) @) ©)
Costs

17 | Program Administration Costs [ ] [ ] [ ] [ ]
18 | Added Ancillary Service Costs ©) ©) ®) ©)
19 | Incremental T&D and DSP Costs g ol d (©)
20 | Participant DER Cost [ ] [ ] [ ] [ ]
21 | Lost Utility Revenue (] (] [ ] [ ]
22 | Shareholder Incentives [ ] [ ] [ ] [ J
23 | Net Non-Energy Costs (@) @) (@) (@)

Note: This is general applicability and project-specific applications may vary.

@ Generally applicable @ Maybe applicable O Limited or no applicability

As describedin Section 7, each quantifiable benefit typically has two types of parameters. The
defined benefits established to monetize the value are generally unaffected by the DER being
analyzedin the BCA (e.g.,AGCCin $ per MW-yr), however key parametersrelated to the
magnitude of underlyingbenefitand may vary by type of DER (e.g., system coincidence
factor).In other words, the amount of the underlying value captured by the DER resourceis
driven by thekey parameters. Table 8 4 identifies the parameters which are necessary to
characterize DER benefits. As described in Section7, several benefits potentially applicable to
DER require further investigation and project-specificinformation before theirimpacts can be
incorporatedintoaBCA (e.g., Avoided O&M, Net Avoided Restoration Costs and Net Avoided
Outage Costs, and Avoided Ancillary Services).

% The applicability for ES is based on a battery use case focused on reducing distribution capacity for NWA purposes.
Other use cases for ES would change the results of this table.

E

(/2]
]
o

OO0 000000 ee®00 0 00O0

ON B B BIONON( )
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TABLE 8-11. KEY PARAMETER FOR QUANTIFYINGHOW DER MAY CONTRIBUTE TO EACH
BENEFIT

# Benefit Key Parameter
1 Avoided Generation Capacity Costs SystemCoincidenceFactor
2 Avoided LBMP AEnergy (time-differentiated)
3 Avoided Transmission Capacity Infrastructure TransCoincidenceFactor
4 Avoided Transmission Losses Limited or no applicability
5 Avoided Ancillary Services ACapacityy (AMW)
6 Wholesale Market Price Impacts AEnergy (annual), AAGCC
7 Avoided Distribution Capacity Infrastructure DistCoincidenceFactor
8 Avoided O&M Limited or no applicability
9 Avoided Distribution Losses Limited or no applicability
10 Net Avoided Restoration Costs Limited or no applicability
1 Net Avoided Outage Costs ¥ ValueOfServicec v, ($/kWh) ; ASAIDIy
(Ahr/cust/yr)
12 Net Avoided CO; COzlntensity
13 Net Avoided SO; and NOy Pollutant Intensity
14 Avoided Water Impacts Limited or no applicability
15 Avoided Land Impacts Limited or no applicability
16 Net Non-Energy Benefits Limited or no applicability

TABLE 8-5. KEY PARAMETERS

Key Parameter Description

Necessary to calculate the Avoided Generation Capacity Costs benefit. It
captures a project’s or program'’s contribution to reducing bulk system peak
demand relative toits expected maximum demand reduction capability

Bulk System
Coincidence Factor

Transmission Necessary to calculate the Avoided Transmission Capacity Infrastructure
Coincidence Factor benefit. It quantifies a project’s contribution to reducing a transmission system
element’s peak demand relative to the project’s expected maximum demand

s A CHP or ES system may be able to provide a Net Avoided Outage Costs benefit in certain system
configurations.
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Distribution
Coincidence Factor

CO:Intensity

Pollutant Intensity

AEnergy (time-
differentiated)

ACapacityy (AMW); n (hr)

ValueOfServicecy ,

($/kWh) ; ASAIDI,
(Ahr/cust/yr)

¢

reduction capability. This would be evaluated on localized basis in most cases,
but in some instances an assessment of coincidence witha system coincidence
factor would be appropriate.

Distribution coincidence factor is required to calculate the Avoided Distribution
Capacity Infrastructure benefit. It captures the contribution to the distribution
element’s peak relative to the project’s expected maximum demand reduction
capability. This would be evaluated on localized basis in most cases, but in
some instances an assessment of coincidence with a system coincidence factor
would be appropriate.

CO; intensity is required to calculate the Net Avoided CO; benefit. This
parameter is dependent on the type of DER being evaluated - emission-free or
emission-generating. Itis the average CO; emission rate of customer-sited
pollutant-emitting generation. This is a project-specific input based on the type
of onsite generation.

Pollutant intensity is required to calculate the Net Avoided SO, and NOx
benefit. This parameter is dependent on the type of DER being evaluated -
emission-free or emission-generating. It is the average SO, and/or NOx
emission rate of customer-sited pollutant-emitting generation. This is a project-
specific input based on the type of onsite generation.

This parameter measures the change in bulk system energy consumed as a
result of specific DER project implementation. This value is reliant on project-
specific details including location. The AEnergy is dependent on the type of
DER (e.g., intermittent vs. baseload), and how the DER would be operated (e.g.,
load reduction vs. energy conservation vs. backup generation). Thus, the
AEnergy is time-differentiated. It may be appropriate to use an annual average
value for some DER, while for others it may be more appropriate to use an
average on-peak hours of operation, or even hourly operation. In each case the
corresponding LBMP data would be required to value the benefit. The
examples provided herein discuss potential approaches to consider time-
differentiation by DER type.

Necessary to calculate the Avoided Ancillary Services benefit. It captures the
amount of annual average frequency regulation capacity provided to NYISO by
the project over a certain number of hours (n) per year.

ValueOfServiceCYY,, ($/kWh) is the value of electricity service to customers, by
customer class, in dollars per unserved kWh at the retail delivery point. The
value(s) should be determined based on the customers’ willingness to pay for
reliability. If location-, customer class- or customer-specific values are not
available, these values should default to the retail rate of electricity by
customer class. ASAIDI, (Ahr/cust/yr): is the change in System Average
Interruption Duration Index due to the project. The impact on SAIDI can be
determined based on the impact on CAIDI and SAIFI. Baseline system average
reliability metrics can be found in Section 9. A positive value represents a
reduction in SAIDI.

further describes the key parameters identified in Table 8-11.

TABLE 8-5. KEY PARAMETERS
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Key Parameter Description

Necessary to calculate the Avoided Generation Capacity Costs benefit.%? It
captures a project’s or program'’s contribution to reducing bulk system peak
demand relative toits expected maximum demand reduction capability

Bulk System
Coincidence Factor

Necessary to calculate the Avoided Transmission Capacity Infrastructure
benefit. It quantifies a project’s contribution to reducing a transmission system
Transmission element’s peak demand relative to the project’s expected maximum demand
Coincidence Factor>® reduction capability. This would be evaluated on localized basis in most cases,
but in some instances an assessment of coincidence witha system coincidence
factor would be appropriate.

Distribution coincidence factor is required to calculate the Avoided Distribution
Capacity Infrastructure benefit. It captures the contribution to the distribution
Distribution element’s peak relative to the project’s expected maximum demand reduction
Coincidence Factor capability. This would be evaluated on localized basis in most cases, but in
some instances an assessment of coincidence with a system coincidence factor
would be appropriate.

CO; intensity is required to calculate the Net Avoided CO; benefit. This
parameter is dependent on the type of DER being evaluated - emission-free or

CO:Intensity emission-generating. Itis the average CO; emission rate of customer-sited
pollutant-emitting generation. Thisis a project-specific input based on the type
of onsite generation.

Pollutant intensity is required to calculate the Net Avoided SO; and NOx
benefit. This parameter is dependent on the type of DER being evaluated -

Pollutant Intensity emission-free or emission-generating. It is the average SO, and/or NOx
emission rate of customer-sited pollutant-emitting generation. This is a project-
specific input based on the type of onsite generation.

This parameter measures the change in bulk system energy consumed as a
result of specific DER project implementation. This value is reliant on project-
specific details including location. The AEnergy is dependent on the type of
AEnergy (time- DER (e.g., intermittent vs. baseload), and how the DER would be operated (e.g.,
differentiated) load reduction vs. energy conservation vs. backup generation). Thus, the
AEnergy is time-differentiated. It may be appropriate to use an annual average
value for some DER, while for others itmay be more appropriate to use an
average on-peak hours of operation, or even hourly operation. In each case the
corresponding LBMP data would be required to value the benefit. The

%2 This parameter is also used to calculate the Wholesale Market Price Impact benefit

% Bulk transmission effectively has the same coincidence factor as generation since non -project specific transmission
benefits are included in the Avoided LBMP and AGCC. This transmission coincidence factor is applicable for the Avoided
Transmission Capacity Infrastructure and Related O&M benefit; which incorporates incremental value beyond what is
included in the Avoided Generation Capacity Costs and Avoided LBMP benefits.
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examples provided herein discuss potential approaches to consider time-
differentiation by DER type.%

Necessary to calculate the Avoided Ancillary Services benefit. It captures the
amount of annual average frequency regulation capacity provided to NYISO by

ACapacityy (AMW); n (hr)

the project over a certain number of hours (n) per year.

ValueOfServicec y . ($/kWh) is the value of electricity service to customers, by

customer class, in dollars per unserved kWh at the retail delivery point. The

value(s) should be determined based on the customers’ willingness to pay for

ValueOfServicecy, reliability. If location-, customer class- or customer-specific values are not
($/kWh) ; ASAIDI, available, these values should default to the retail rate of electricity by
(Ahr/cust/yr) customer class. ASAIDI, (Ahr/cust/yr): is the change in System Average

Interruption Duration Index due to the project. The impact on SAIDI can be

determined based on the impact on CAIDI and SAIFI. Baseline system average

reliability metrics can be found in Section 9. A positive value represents a
reduction in SAIDI.

Coincidencefactors forDER arean important part of the benefit calculations and can be
estimatedin avariety of ways. What follows is ageneral approach for calculatingthe
coincidencefactors.Typical values are presented as examplesin the sections below, however
determining appropriate values for a specific project or portfolio may require additional
information and calculation.

Thefirststepis toidentify therespective peak times for Bulk System, Transmission element or
Distribution element as needed. Illustrations using a single peak hour are provided below.

8.1.1 Bulk System

Accordingtothe NYISO, the bulk system peaks generally occur during the afternoon hours of
the hottest non-holiday weekday. The peak day might occur from May to October depending
on theweather. For example, the New York Control Area (NYCA) peak typically occursaround
hour ending 5 PM.

Table 8-12 belowrepresentsthe NYCA peak dates and times forthelast 5 years, forillustrative
purposes.

TABLE 8-12. NYCAPEAKDATES AND TIMES

Year Date of Peak Time of Peak

% Note also that annual change in bulk system energy is used in the calculation of Wholesale Market Price Impact benefi.
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201 7/22/201 Hour Ending 5 PM
2012 7/17/2012 Hour Ending 3 PM
2013 7/19/2013 Hour Ending é PM
2014 9/2/2014 Hour Ending 5 PM
2015 7/29/2015 Hour Ending 5 PM
2016 8/11/2016 Hour Ending 5 PM
2017 7/19/2017 Hour Ending é PM

8.1.2 Transmission

Thetransmission peak as defined for the BCA may occur on adifferent day or hour thanthat of
the NYCA peak. The peak is dependent on the location of specific transmission constraints
where utility capitalinvestmentmay be needed. If applicable, usethe hour that the constrained
element on the transmission system experiences its peak load. In general, the benefits of a
reduced transmission peak would be captured throughthe Avoided LBMP and AGCC benefits.

8.1.3 Distribution

Thedistribution peak as defined for the BCA may occur on adifferent day or hour thanthat of
the NYCA peak. The distribution system coincidence factoris highly project specific. The
distribution system serving predominantly large office buildings will peak at a different time or
day than that of adistribution system that serves aresidential neighborhood.

Thedistribution system peak may differ or coincide with the NYCA system peak and the
transmission peak.

System-wide averages have been historically acceptable to use for someinvestment
portfolios such as Energy Efficiency where the programs are broad based, and system-wide
averages are providedin the Technical Resource Manual (TRM), which assumes a historical
coincidencefor the NYCA peak.

Goingforward, forinvestmentsthat are more targetedin nature, amore localized coincidence
factoris more appropriate. The value of reducing the distribution peak is dependent on the
location of constraintsin the distribution equipment where utility capitalinvestment may be
needed. Note thatin some cases with very local benefits objectives, even if the coincidence
factoris high, the capacity value of a DER to the distribution system may be low or zeroif no
constrained elementis relieved (e.g., an increase in capacity in that locationis not required,
thus thereis no distributioninvestment to be deferred even with highly coincident DER
behavior).
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Thereare multiple approaches for estimating coincidence factors that apply different levels of
rigor. Rigorous approaches could be defined and applied acrossarange of DERs; however,
such an approach is likely to require a significantamountof granularinformation (e.g., 8760
hour load shapes for the DER projectsand network information for specific locations) and time
toanalyze.Other approachesthatrequire less granular information may be suitablein some
cases and thus may be preferable in some situations.

Oneapproach for estimating coincidence factors is to model the energy behavior of the DER
on a time specific basis (e.g., hourly output) and normalize this behavior to the nameplate
capacity. This time specific, normalized behavior can thenbe compared to therelevant peaks
(i.e., system, transmission, and distribution) on the same time specific basis to determine the
coincidencefactors.The time basis can be done on an annual basis, using a ‘typical day’, or
using asubset of hours that are appropriate thatspecific DER.

Figure 8-1provides an illustrative plotof the hourly DER output curves forasummer peak day
as a graphical demonstration of the calculation method. The y-axisrepresentsthe percentage
of DER output vs. the DER nameplate, and the x-axis shows the hour of the peak day. By using
the Bulk System, Transmission or Distribution peak hour and the respective percentage of
peak, the coincidence factors can be determined based on the type of resource.

FIGURE 8-1. ILLUSTRATIVE EXAMPLE OF COINCIDENCE FACTORS

Hour Ending
1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16| 17| 18] 19 20| 21| 22 23 24
Solar PV 0%| 0%| 0%| 0%| 0%| 2%| 9%| 22%| 32%| 46%| 51%| 56%| 57%| 52%| 42%| 31%)| 23%)| 11%| 3%| 0%| 0%| 0%| 0%| 0%
CHP 95% | 95% | 95%| 95% [ 95% | 95%| 95% | 95%| 95%| 95%| 95%| 95%| 95%| 95%| 95%| 95%)] 95%) 95%) 95%)| 95%)| 95%| 95%| 95%| 95%
DR - Residential 0%| 0%| 0%| 0%[ 0%| 0%| 0%| 0%| 0%| 0%| 0%| 0%| 0%| 0%| 0%| 0%] 0%)] 91%) 69%| 59%)| 53%)| 43%]|-15%| 0%
EE Small Business Lighting Retrofit 23%|[ 19%( 17%| 13%( 11%| 9%| 8% 9%| 21%| 38%| 48%| 60%| 67%| 71%| 72%| 71%)| 71%)| 71%) 68%)| 65%)| 57%| 49%| 40%| 29%

100%

80%

]

) N
) N

NYCA Peak
Transmission Peak
Distribugioh Peak

Percent of Nameplate

0%

-20%

== Solar PV CHP  =—DR - Residential ==EE Small Business Lighting Retrofit

Source: Consolidated Edison Company of New York
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Theindividual DER example technologies that have been selected are discussed below.>®

Thevalues for the DER examples have been compiled from various sources and each of these
sources may apply different valuation techniques. Some sources performed extensive
simulationsto generate statewide averages, while others performed calculations on avariety
of system specification assumptions. For example, the coincidence factors forthe solar
example were calculatedin E3’s NEM Study for New York (“E3 Report”)>¢ based on a simulation
of alargenumber of solar systems across New York. Because energy storage operation can
vary throughouta given timeframe, the coincidence factor is based on theintended use of the
storage. For example, if the storageis intended for distribution deferral, the energyand
capacity of the storage would be 100% coincident with distribution peak capacity needs.

An area for further investigation will be to assessand develop acommon approachand
methodologyfor determining the values for DER-specific parameters for each type of DER.

Solar PV is selected to depict an intermittent DER, where the electricity generationis
dependent on theresource availability, in this case solar irradiance. The parameter
assumptions and methodology used to develop those assumptions were obtained fromthe E3
Report.

8.3.1 Example System Description

Thesolar PV usedin this exampleis a4 kW-ACresidential rooftop system whichis connected
tothelocal distribution system through the customer’s meter. These detailsallow foran
estimate of material and installation costs, but there are several other system details required
to estimate system energy output, and therefore a full benefit analysis. Local levels of solar
irradiance, panel orientation (azimuthangle from north, south, east, west), tilt (typically, 0°-25°
forrooftop systemslocatedin NY)andtheaddition of atrackingfeature, as well as losses

% The BCA Handbook does not attempt to provide an example of a portfolio of interdependent DERs, such as those that
might be procured to provide an NWA approach. Such a combination of project-specific DERs and distribution system
information is less generalizable for assessing transmission and distribution coincidence factors, and less informatie as
an example than theindividual DER examples selected. For example, when assessing NWAs it is necessary to assess their
functional equivalence with traditional wired solutions. This require s understanding the potentially complex interactions
between the DERs, assessing their joint reliability relative to that of traditional wired investment, and understanding the
uncertainties in performance that may impact ability to maintain safe, reliable, economic energy delivery. The BCA
handbook incorporates derating factors in various benefit calculations to account for these elements, but a discussion of
those factors would complicate this section significantly,and so it was not included.

% The Benefits and Costs of Net Energy Metering in New York, Prepared for: New York State Energy Research and
Development Authority and New York State Department of Public Service, December 11, 2015.
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associated with the balance of system equipment(e.g., inverters, transformers) and system
degradation over time each impact the system’s capacity factorand coincidence factors with
the bulk system, transmissionand distribution.

Theimpact and value of solar output on system, transmission, and distribution systems must
consider theintermittent behavior of solar generation. To conduct this analysis, an hourly
profile of generationbased on project-specific parameters, as well as correspondingsystem,
transmission, and distribution load profiles, provide the information that is necessary to
estimate the coincidence factorsfor this example DER technology. The values that followin
this section arefor asystem-wide deploymentof solarPV.

8.3.2 Benefit Parameters

Thebenefit parametersin Table 8-13 for the intermittent solar PV example are based on
information providedin the E3 Report.

E3 determined utility-specific average values for coincidence and capacity factors. The
statewide weighted-averagesbased on electricity delivered by utility are providedin Table
8-13. Thesevalues areillustrative estimates that may berefined as more databecomes
available. To determine project-specific benefit values, hourly simulations of solar generation,
peak hours, and energy prices (LBMP) would need to be calculated based on the project’s
unique characteristics. Similarly, utility and location -specific specificinformation would be
needed. For example, the distribution coincidence factor can vary significantly dependingon
time of the feeder and substation peak.

TABLE 8-13. SOLARPV EXAMPLE BENEFITPARAMETERS

Parameter Value
SystemCoincidenceFactor 36%
TransCoincidenceFactor 8%
DistCoincidenceFactor 7%

AEnergy (time-differentiated) Hourly

Note: These are illustrative estimates and would change as specific projects and locations are
considered.

1. SystemCoincidenceFactor: Thisvaluerepresents the ‘effective’ percent of the
nameplate capacity, 4 kW-AC, that reduces the systempeak demand, resultingin an
avoided generation capacity benefit. The 36% calculated from results of the E3 Report
aligns with the coincidence values presentedin the NYISO ICAP manual, which
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provides arange from 26%-43% depending on systemazimuthand tiltangle. Itis
acceptable to use the summer average becausein this BCA, the AGCCis calculated
based on the summer impact on-peak load (Section 7.1.1).

2. TransCoincidenceFactor: The transmission coincidence factor includedis for the New
York average sub-transmission coincidence factor. This value would be highly project-
specific, as it depends on the generation profile of the system,and the load profile for
the site-specificarea on the sub-transmission system.

3. DistCoincidenceFactor: Thedistribution coincidencefactoris lowest. Residential
distributionfeeders and substations often peak during early eveninghours when solar
outputis low.58 This value would be highly project-specific, as it depends on the
generation profile of the system, and the load profile for the site-specificarea on the
distributionsystem.

4. AEnergy (time-differentiated): As discussed above solar output would be higher
during daylight hours and summer months. As hourlysolar profiles are available from
SAM, it would be appropriate to compare the projected energy output with hourly
LBMPs.

CHPis an example of a baseload DER which typically operates duringsystem, transmission,
and distribution peaks.

8.4.1 Example System Description

CHP depicts a baseload DER where the electricity is generated at all hours, except during
maintenance.

The CHP system used in this exampleis a 100 kW capacity natural gas-fired engine unit sized
for commercial thermal load followingapplications. In this simplified example, the 100 kW
systemis assumed to be small relative to the commercial building’s overall electric load and
thus the system operatesat full electrical generating capacity at all times, except wheniitis

¥ NYISO ICAP Manual 4, June 2016 - Summer Unforced Capacity Percentage - Solar (Fixed Tilt Arrays) - pg. 4-23

% E3 Report, “Based on E3’s NEM Ratepayer Impacts Evaluation in California it was found (in a granular substation load
analysis) that distribution peak loads are generally aligned with solar PV generation profiles in approximately 30% of the
systems analyzed.” PDF pg. 49.
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down for maintenance. The exampleis described in EPA’s Catalog of CHP Technologies (EPA
CHP Report).??

8.4.2 Benefit Parameters

Benefit parametersfor the baseload CHP example areacombination of assumptions on
systemuseandsystem characteristics.

Coincidence and capacity factors are derived from the assumptionthat the CHPis usedas a
baseload DER whereby the CHP system would berunningat full capacity all the time, with the
exception of downtime for maintenance. Sinceit is not always possible to schedule
downtimes, the CHP unitis assumed to provide 5% power output at all hours, assumingit is
down for maintenance 5% of the year.¢°

The carbon and criteria pollutant intensity can be estimated usingthe EPA’s publicly-available
CHP Emissions Calculator.' “CHP Technology,” “Fuel,” “Unit Capacity” and “Operation” were
thefourinputs required. Based on the example, areciprocating engine, fueled by natural gas,
100 kW in capacity operating at 95% of 8,760 hours/year.

To complete a project-specific analysis, actual design parametersand generation profiles
would be needed to assess thelikelihood of coincidence, emissions, and capacity factors.

TABLE 8-14. CHP EXAMPLE BENEFIT PARAMETERS

Parameter Value
SystemCoincidenceFactor 0.95
TransCoincidenceFactor 0.95
DistCoincidenceFactor 0.95
CO:Intensity (metric ton CO2/MWh) 0.141
Pollutantintensity (metric ton NOx/MWh) 0.001
AEnergy (time-differentiated) Annual average

Note: These are illustrative estimates and would change as specific projects and locations are
considered.

1. SystemCoincidenceFactor: The system coincidence factoris 0.95 under the
assumptionthat the CHP systemis always runningapart from downtime for
maintenance or during forced outages.

* https://www.epa.gov/chp/catalog-chp-technologies
% EPA CHP Report. pg. 2-20.
¥ EPA CHP Emissions Calculator https://www.epa.gov/chp/chp-emissions-calculator.
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2. TransCoincidenceFactor: The transmission coincidence factoris 0.95 under the
assumptionthatthe CHP systemis always runningapart from downtime for

maintenance or during forced outages.

3. DistCoincidenceFactor: The distribution coincidence factoris 0.95 underthe
assumptionthat the CHP systemis always runningapart from downtime for
maintenance or during forced outages.

4. CO:lntensity: Thisvalue was the output of EPA’s calculator, providedin tons/year and
then converted to metric ton/MWh as required for input into the BCA (Section 7.4.1).

5. Pollutantintensity: This value was the output of EPA’s calculator, providedin
tons/year and then converted to metric ton/MWh as required for inputintothe BCA

(Section7.4.2). Thereare no SO, emissions from burningnaturalgas.

6. AEnergy (time-differentiated): Assuming the CHPis used as a baseload resource,
with the exception of downtime for maintenance, capacity factoris 95%. Becauseitis
not possible to predict when the downtime may occur, using annual average LBMP
would be appropriate.

DR depicts an example of a dispatchable DER where the resource can be called upon to
respondto peak demand.

8.5.1 Example System Description

The systemdispatchable DR technology described hereinis a programmable and controllable
thermostatin aresidence with centralair conditioning that is participatingin adirect load
control program.

DRis a dispatchable DER becauseit reduces demand on request fromthe system operator or
utility.6?Each DR program has unique requirements for notification time, length of demand
reduction, number of calls, and frequency of calls. ADR resourceis typically available onlyfor
limited hoursin ayear (e.g., <100 hrs). The major benefit fromDR is ability to reduce peak

% Some DR programs may be “dispatched” or scheduled by third-party aggregators.
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demand. The particular use case or operational objective of the DR determines the value for its
coincidence factors.

The coincidence factors shown below do not accountfor load or device availability.

e Loadavailabilityis defined as the percentage of total potential capacity that can be
shedfromtheload connected to the DR system at the time the DR event is called.

e Device availability is defined as the ability of the DR system to accurately receive the
DR signaland control the load.

Thesefactors, multiplied by the total potential capacity of the DR asset, would produce the
average demand reduction for the asset. Average demand reduction multiplied by the
coincidencefactoris then defined as the average peak coincidence demand. These values are
not presented here but are project- and technology-specificand will differ substantially
among DR technologiesand loads. As such, project-specific analyses would need to consider
theload and system availability, as well as responserate (as described above) to accurately
determine the appropriate coincidence factors.

This DR exampleis designed to reduce system peak (consistentwith most existingDR
programs), thusthe system coincidence factoris 1.0 such that the DR resourceis called to
reduce the system peak load.¢3 Given the small number of calls annually, the coincidence
factor with the system peakis assumed to be1, while the coincidence factorsfor the
transmissionand distribution peaksis assumed to be 0.5 which is consistent with the
assumptionthat this particular DR exampleis not targeted to be coincident with those peaks.*

As an alternative approach, to calculate the coincidence factors for a specific DR resource,
comparative analysis should be performed on the most recentannual data comparing the peak
demand of the targeted system with the peak demand of the other systems. Comparing the
coincidence of thetop 50 hours of total system load and top 50 hours of each feeder’s load
would produce thedistribution coincidence factor fora DR project that targets system peak.
Analysis shouldbe based on datafrom the Day-Ahead Market or Real-Time Marketdepending
on thedesign of the DR program.Coincidence factorsfor DR projects should use the most
recently available data.

Thevalue of reduced energy use attributable to the DR assetcan be calculated using the
average LBMP of the top 50 hours of system peak. A more accurate energy calculation would
consider the expected number of times that DR was called in a given year as well as the length
of the calls beyond the peak houritself (e.g., 2 hour events, 4 hour events). This calculation will

® Note, the controllable load may not be operating at the time of peak.
o Con Edison Callable Load Studly, Page 78, Submitted May 2008.
http://www.coned.com/documents/Con%20Edison%20Callable %20L oad%20Study_Final%20Report_5 -15-08.pdf.
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differif the DR assetis intended to defer another peak, or if the DR program has a substantially
different frequencyof calls. The number of hoursaveraged should be based on the frequency
of DR calls and the selection of those hours should be based on when the DR calls will be
made.

8.5.2 Benefit Parameters

The benefit parameters described here are assumed based on the example and considerations
described above.

TABLE 8-15. DREXAMPLE BENEFIT PARAMETERS

Parameter Value
SystemCoincidenceFactor 1.0

TransCoincidenceFactor 0.5

DistCoincidenceFactor 0.5

AEnergy (time-differentiated) Average of highest 100 hours

Note: These are illustrative estimates and would change as specific projects and
locations are considered.

1. SystemCoincidenceFactor: The system coincidence factoris assumedto bel.0,
based on theassumptionthatthe DR systemis called upon at the time of system peak.

2. TransCoincidenceFactor: Withouttargeting portions of the transmission system, the
coincidencefactoris assumed to be 0.5 but would be greater if the DR is dispatched to
target the transmission peak.¢® Location- and program-specific distribution
coincidencefactors could be calculated using hourly load data per the methodology
described above.

3. DistCoincidenceFactor: Without targetingportions of the transmission system, the
coincidencefactoris assumed to be 0.5 but would be greater if the DR is dispatched to
target the transmission peak.¢¢ Location- and program-specific distribution
coincidencefactors could be calculated using hourly load data per the methodology
described above. If instead the DR asset were used to defer distribution capacity, the
coincidencefactor could be as high as 1 (though the system coincident factor could
then beas low as zero, sinceif the peak periods were to occur at the same time, the
project could only be dispatched for one program).

@ Con Edison Callable Load Studly, Page 78, Submitted May 2008.
h ttp ://www.coned.com/documents/Con%20Edison%20Callable %20L oad%20Study._Final%20Report_5-15-08.pdf.
Con Edison Callable Load Studly, Page 78, Submitted May 2008.

htt,o.//www.conedcom/documents/Con/20Ed/son/ZOCallable/2OLoad/ZOStUdy_F/na[/2OReport 5-15-08.pdf.
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4. AEnergy (time-differentiated): DR would be dispatched a limited number of hours
during the year.NYISO may only callupon DR for ~50hours in ayear. The energy
savings can be estimated based on the average demand savings (notpeak) expected
over thehours called, times the number of hoursthe DR resourceis expected to be
called. This average reduction would be multiplied by an appropriately time-
differentiated LBMP.

Energy efficient lighting depicts a load-reducing DER where the use of the technology
decreases the customer’s energy consumption as compared to what it would be without the
technology or withthe assumed alternative technology. The parameter assumptions, and
methodologyused to develop those assumptions, are developed usingthe NY TRM.¢”

8.6.1 Example System Description

The energy efficient lightingusedin this exampleis indoor installation of linear fluorescent
lightingin acommercial office settingwith an estimated utilization of 3,013 hours/year.$8 The
peak period for this exampleis assumed to occur in the summer during afternoonhours.

EE, including lighting, is aload reducing becauseit decreases the customers’ energy
consumptionand load shape, which in turn, reduces the system, transmission and distribution
peak. This example of an indoor, office-setting lighting system assumes that the coincidence
factor is calculated during operational hours when the load reduction due to this lighting
technology is expected to occur at the time of the system peak, as well as the during the
transmissionand distribution peaks.

8.6.2 Benefit Parameters

Thebenefit parameters described here were developed using guidance from the NY TRM.

TABLE 8-16. EEEXAMPLE BENEFITS PARAMETERS

Parameter Value

SystemCoincidenceFactor 1.0

¥ New York State Technical Resource Manual(TRM): New York Standard Approach for Estimating Energy Savings from
Energy Efficiency Programs - Version 4, Issued on April 29, 2016 - Lighting operating hour data is sourced from the 2008
California DEER Update studly.

8 Ibid.
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TransCoincidenceFactor 1.0
DistCoincidenceFactor 1.0
AEnergy (time-differentiated) ~7 amto ~7 pm weekdays

Note: These are illustrative estimates and would change as specific projects and locations
are considered.

1. SystemCoincidenceFactor: The system coincidence factoris 1.0under the
assumptionthat the system peak occurs while standardoffice lighting systemsare
operating.

2. TransCoincidenceFactor: The transmission coincidence factoris 1.0 under the
assumptionthat the transmission system peak occurs while standard office lighting
systemareoperating.

3. DistCoincidenceFactor: Thedistribution coincidence factoris 1.0under the
assumptionthat the distribution system peak occurs while standard office lighting
systems are operating.

4. AEnergy (time-differentiated): This valueis calculated using the lighting hours per
year (3,013) as provided for General Office types¢?in the NY TRM, divided by the total
hoursin ayear (8,760). This time periodis subject to building operation, which is
roughly between 7 amand7 pm, 5 days a week, 52 weeks ayear. This would define the
correspondingperiod for determining an average LBMP thatwould be used to
calculate the benefit.

This example assumes that a segment of the distribution system needs locational load relief,
illustrates how that relief might be provided through a portfolio approach, and examines some
of the qualitative considerations impacting the development of the portfolio solution.

8.7.1 Example Description

Thehourly locational load relief needis definedin Figure 8-11. This exampleis most likely
representative of alocational needin adensely populated urban area and captures many of

% New York State Technical Resource Manual (TRM)l: New York Standard Approach for Estimating Energy Savings from
Energy Efficiency Programs - Version 4, Issued on April 29, 2016 - pg. 221

87



NYSEG/RG&E Benefit Cost Analysis (BCA)

Handbook ((

the considerationsthatgointo the development of a portfolio of resourcesto provideanon-
wires solution to thelocationalneed.

Figure 8-11LocationLoad Relief Requirement
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8.7.2 Example Solution

Unlike the specific examples considered previouslyin this section, the use of aportfolio
approach tosolveaneedis a more complicated exercise as it will involve a solicitationfor
resources to address the load relief requirement. While many technologies inisolationhave
the potential to address portions of the load relief requirement by passing an individual benefit
costanalysis forthat technology, the utility mustdetermine the most cost-effective
combination of technologies that fully addresses therelief requirement through the
application of abenefit cost analysisto portfolios of resources. Figure 8-12 provides an
illustrative example of how the load relief requirement in Figure 8-11mighttheoretically be
solved.
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Figure 8-12 - Theoretical Solution forLoad Relief Need
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BCAresults areonly one of many factorsthatgointo the developmentof aloadrelief
portfolio. The developmentof a portfolio solutionrequires consideration of amyriad of
considerationswhichinclude but are not limited to:

1.

Public Policy - The ability of respondent’s proposal to address Commission public

policy objectives.

Proposal Content - The quality of information in a proposal must permit arobust
evaluation. Project costs,incentives,andthe $/MW peak payment mustbe clearly

defined.

Execution Risk - The expected ease of projectimplementation within the timeframe
required for the solicitation (e.g., permitting, construction risks, and operatingrisks).

Qualifications - Therelevant experience and past success of Respondents in providing
proposed solutionsto otherlocations, including as indicated by reference checksand

documented results.
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5. Functionality - The extent to which the proposed solution would meet the defined
functional requirements and the ability to provide demand reduction duringthe peak

timeand area of need.

6. Timeliness - Theability to meet utility’s schedule and project deployment requirements
for the particular non-wires opportunity, reflectingthat the detailed project schedule
from contract executiontoimplementation and completion of projectsis importantfor
determination of feasibility.

7. Community Impacts - The positive or negative impact thatthe proposed solution may
have on the community in theidentified area (e.g., noise, pollution).

8. Customer Acquisition - The extent to which arespondent’s proposed solutionfitsinto
the needs of the targeted network(s), the customer segment of the targeted network(s)
and the customer acquisition strategy (Preliminary customer commitments from
applicable customers are highly desirable.)

9. Availability and Reliability - The ability of the proposed solutionto provide permanent
or temporary loadrelief will be considered, along with the dependability and benefits
that would be provided to the grid.

10. Innovation - Innovative solution that (i) targets customers and uses technologies that
are currently not part of Con Edison’s existing programs, (ii) targets generally
underserved customer segments, and/or (iii) is based on the use of advanced
technology that helpsfoster new DERmarkets and provides potential future learnings.

ES depicts an example of a dispatchable DER where theresource can be called upon to
respond to peak demand. Furthermore, the storage will add load to the systemduring times of
charge. This is the most flexible technology, with a wide variety of use cases.

8.8.1 Example System Description

An exhaustive discussion of the types of storage configurations and potentialuse cases is
beyondthescope of this handbook. ES requires understandingthe specifics of how the project
will be designed and operated to provide benefits to the systemand/or customer. In this
section, several of the most common considerations and examples are discussed, but this
flexibleresource must be considered on a case-by-case basis. Key system design parameters
to considerinclude:

1. Storage type: Therearemany physical methodsfor storing energy such as thermal,
chemical (electric battery), pumped hydro, compressed air, hydrogen, etc. All of these
have their own benefits and constraints. In general, it is best to considerhow the
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technical characteristics of the storage type may inhibit or facilitate electric load
reduction or addition to the grid. For simplicity, the following examples consider
electrochemical lithiumion battery storage only as thistechnology currently delivers
desired services from ES at the least cost.

2. Storage size: Sizeis measuredin both energy (kWh) and capacity (kW). The
determination of energy and power aredriven by the use caseand what is needed to
deliver services most cost-effectively.

3. Ownershipand Operation: A wide variety of business models forstorage ownership
and operation exist today. Broadly, these can be characterized into two categories of
utility and customer ownership. The ownership hasimplications forstorage size,
dispatch schedule, and location, which is why two differentownership scenarios are

presentin this example. Forsimplicity, we assume that the ownercontrols the storage

dispatch and operates it to their benefit.

4. Location: ES may connecttothegridin front of the meter or behindthe meter. The
system configuration and isolation scheme determine whether the ES can be used to
provide backup power during planned or unplanned outages. If multiple batteries are
aggregated and dispatched simultaneously using asingle control scheme, whether

thosebatteries areall located on different parts of the system needsto be considered

when calculating transmission and distribution deferral benefits.

5. DispatchOperation:ES may be operatedin avariety of ways, from completely
automatic and optimized operation, to manual, to “standby” operationin which the
storage stays charged until needed for backup power.Generally, itis presumed that

storageis operated according to aset of priorities that establishes the primary reason

for the storageinvestment as the top operational priority, thenuses theremaining
capacity and energy to capture themost economic value.

6. Thetwo examples outlined belowillustrate theinterplay betweenthese various system

design parameters.

TABLE 812. ESEXAMPLE CHARACTERISTICSFORUTILITY AND CUSTOMER SCALE
SYSTEMS

Storage Owner/Operator Utility Scale (In Front of the
(Location) Meter)’°

7% Unless otherwise noted, technical assumptions are sourced from a recent utility-scale storage for NWA analysis:

Customer Scale (Behind the Meter)
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Storage Type
Size (capacity/energy)”!

Cycle Life

Efficiency

Dispatch Operation
Examples

Capital cost

Fixed O&M

Variable O&M

Degradation/
Augmentation Costs

Lithium lon Battery Lithium lon Battery
IMW/5MWh 5kW/13.5kWh
4,500 cycles (to 80% of rated

2,800 cycles”?
energy)
90% 90%73

Prioritized based on 1) distribution
capacity 2) bulk system capacity,
3) ancillary service provisionand
4) LBMP arbitrage

Based on energy and capacity, decreasing annually at 8%/yr through 2022,
then 4%/yr afterward’®

3% of capex per year, inflated
annually

$2/MWh negligible

Annual degradation should be calculated based upon number of cycles each
year and degradation per cycle. For large batteries, augmentation can be
conducted to counteract degradation each year. For smaller batteries, the
battery will need to be replaced at the end of its useful life, which is typically

Prioritized based on 1) minimizing
demand charges’4 2) TOU rate arbitrage
and 3) outage backup

negligible

determined in dispatch cycles rather than years.

Theuse caseof the battery determines the dispatch schedule and system design (size,
location), which in turn determines the coincidence factors and hourly load/savings shape of
storage. The battery needs to have a high enough duration (or be paired with other resources
in a portfolio) to properly address the distribution peak period. There are numerous use cases,
so theloadimpacts of each storage project need to be considered on an hourly basis. Itis also

Puget Sound Energy (PSE) Bainbridge Island Non-Wires Alternative Analysis, Appendix C: Energy Storage Analysis. July
9, 2019.
https://oohpsebainbridgefall2019.blob.core.windows.net/media/Default/documents/Appendix%20D_Bainbridge %20ls
land%20Non-Wires%20Alternative %20Analysis_Navigant%20Consulting July 9 20I19.pdf

7 These examples use round numbers for simplicity. If energy is 5 times the capacity, the battery is said to have 5 hours
of dispatch duration.

2 Based on Tesla Powerwall warranty which includes 37.8 MWh of aggregate throughput. At 13.5kWh per discharge, this
equates to 2800 cycles. https://www.tesla.com/sites/default/files/pdfs/powerwall/powerwall 2 ac warranty us I-
4.pdf

7 Based on Tesla Powerwall datasheet
https://www.tesla.com/sites/default/files/pdfs/powerwall/Powerwall%6202 AC Datasheet en northamerica.podf

”* Demand charges in New York would only apply to customers on commercial rates. In other parts of the US (Arizona for
instance)residential customers are subject to demand charges.

”* These costs reflect front-of-meter installed costincluding a rough estimate of land lease costs for a large bulk system
as well as interconnection. It is important to note that costs are changing in the energy storage industry and although
there is a trend toward cost declines there is uncertainty about future costs. These costdeclines may not apply to widely
available consumer products. From PSE Ibid
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possible that acustomer may own abattery but provide the utility some control of the battery
during certain times, in which case the storage operation would be similar to a DR event.

To calculate the coincidence factors fora specific storage resource, comparative analysis
should be performed on the mostrecent annual data comparing the peak demand of the
targeted system (e.g., distribution) with the peak demand of the other systems(e.g.,
transmission). Comparing the coincidence of the top X hours of each feeder’s load and top X
hours of system load (where X is the storage duration at maximum discharge) would produce
the system coincidence factorfor astorage project that targets distribution peak. Analysis
should be based on datafrom the Day-Ahead Market or Real-Time Market dependingon the
design of the storage dispatch plan. Coincidence factors forstorage projects should use the
most recently available data.

Because storage projects often take advantage of the “value stack” of multiple benefits, it is
important to avoid double counting of benefits. For example, the batterymust be charged and
ready to dispatch duringdistribution peak, thus may not be eligible for energy arbitrage or
ancillary services benefitsin the hoursleading up to and following the distribution peak hours.

8.8.2 Benefit Parameters

The benefit parameters described here are assumed based on the example and considerations
described above.

TABLE 8-12. ESEXAMPLE BENEFITPARAMETERS - UTILITY SCALE

Utility Scale (In Front of the

Parameter
Meter) Storage
SystemCoincidenceFactor 0.8
TransCoincidenceFactor 0.8
DistCoincidenceFactor 1.0

[OEnergy (time-
differentiated)
[ ACapacity] _Y(AMW); "n" | modeled from hourly dispatch
(hr) analysis
Note: These are illustrative estimates and would change as specific projects and
locations are considered.

hourly

1. SystemCoincidenceFactor: Without specifically targeting the overall system peak,
the coincidencefactoris assumedto be 0.8, based on the assumptionthatthe
distributionsystem peak loadis likely coincident with overall system peak load.
However, this is not always the case. Location- and program-specific distribution
coincidencefactors should be calculated using hourly load data per the methodology
described above.

2. TransCoincidenceFactor: Withouttargeting portions of the transmission system, the
coincidencefactoris assumed to be 0.5 but, similar to DR, would be greater if the
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storageis dispatched to targetthe transmission peak.”é Location- and program-
specificdistribution coincidence factors could be calculated using hourly load data
per the methodology described above.

3. DistCoincidenceFactor: In this example, the storageis used as a non-wiresalternative
andthetop priority of dispatch operationis to reduce location-specific distribution
peak capacity. Therefore, the distribution coincidence factoris 100%.

4. AEnergy (time-differentiated): The value of reduced energy use attributable to the
storage project can be calculated using the hourly LBMP compared to the hourly
chargeanddischargecycles of the storage project. Energy impacts should be adjusted
forround-trip efficiency (batterylosses).

5. ACapacity, (AMW);n (hr): In this example, distribution capacity and system capacity
take precedence over ancillary services in the storage dispatch operation. This
dispatch schedule would need to be modeled on an hourly basis to determine the
remaining capacity and hours(n) that the storage would be available for providing
spinningreservesto NYISO. This could be asignificantbenefitif hours when spinning
reserves are needed by NYISO are not coincident with distribution or system peak
capacity needs.

TABLE 8-12. ESEXAMPLE BENEFIT PARAMETERS - CUSTOMER SCALE STORAGE

Parameter Customer Scale (Behind the Meter) Storage
SystemCoincidenceFactor 1.0
TransCoincidenceFactor 1.0
DistCoincidenceFactor 0.5
AEnergy (time-differentiated) hourly
ValueOfServicecy . ($/kWh); Retail rate of electricity (minimum) ; average energy
ASAIDI,, (Ahr/cust/yr) stored compared to customer load

Note: These are illustrative estimates and would change as specific projects and
locations are considered.

1. SystemCoincidenceFactor: Assuming thatcustomer TOUrates and demand charges
align financialincentives towardpeak load reduction, if the customer operatesthe
battery toreduce energy costs the storage will have 100% coincidence with system
peak.

76 Con Edison Callable Load Studly, Page 78, Submitted May 2008.
http://www.coned.com/documents/Con %20Edison%20Callable %20L oad%20Study_Final%20Report_5 -15-08.pdf.
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2. TransCoincidenceFactor: Withouttargeting portions of the transmission system, the
coincidencefactoris assumedto be 0.5. Location - and program-specific distribution

coincidencefactors could be calculated using hourly load data per the methodology
described above.

3. DistCoincidenceFactor: Without targeting portions of the distributionsystem, the
coincidence factoris assumed to be 0.5. Location - and program-specific distribution
coincidencefactors could be calculated using hourly load data per the methodology
described above.

4. AEnergy (time-differentiated): The value of reduced energy use attributable to the
storage project can be calculated using the hourly LBMP compared to the hourly
chargeanddischarge cycles of the storage project. Energy impacts should be adjusted
forround-trip efficiency (batterylosses).

5. ValueOfServicecy,($/kWh); ASAIDIy (Ahr/cust/yr): To determine Net Avoided
Outagecosts, the storage project needs to carry customer loads through an outage.
Thevalue of carrying aload throughan outage shouldbe at least the retail rate of
electricity that would be used during that outage time. The changein SAIDI at the
customer level can be calculated based on the average state of charge of the battery
compared to the customer load to determine how long the battery could carry the load
through an outage. For example, if the maximum energyin the batteryis 10kWh, and
theannual average state of chargeis 50%, then duringatypical outage there willbe 5
kWh available to carry the customer’sload through the outage. If the customer uses 2
kW per hour on average, the storage can reduce the customer-level SAIDIby 2.5 hours
on average.

9. Utility-Specific Data

This section includes utility specific data. Each data point represents a parameter thatis used
throughoutthe benefitandcost methodologies described in Section?7.

The Companies specific data values are contained within this section; along with the data
sourcereference.

Thediscountrateis set by the utility cost-of-capital datais includedin 9-1.
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TABLE9-1UTILITY COSTOF CAPITAL

Cost of Capital
Rate Year 16.10%
NYSEG Rate Year 26.04%
Rate Year 3 6.00%

Source: New York State Electric and Gas Case No.19-E-0378, et al. Joint Proposal.
Appendix B, Schedule G.

Rate Year1-December 1, 2020 - April 30, 2021
Rate Year 2 - May 1, 2021 - April 30, 2022
Rate Year 3 - May 1,2022 - April 30,202377
Rate Year 16.62%
RG&E Rate Year 26.48%
Rate Year 3 6.37%

Source: Rochester Gas and Electric Corporation Case No. 19-E-0378, et al. Joint
Proposal. Appendix D, Schedule G.

Rate Year1-December 1,2020 - April 30,2021
Rate Year 2 - May 1, 2021 - April 30, 2022
Rate Year 3 - May 1, 2022 - April 30,202378

9.2 Line Losses

Utility-specific system averageline loss datais shownin Table 9-2.

Losses percentages come from utility-specific loss studies.

7 Rate Year 3 Cost of Capital percentage will be utilized until next rate case filing
6 Rate Year 3 Cost of Capital percentage will be utilized until next rate case filing

¢
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TABLE9-2 UTILITYLINELOSSDATA

Loss Factor Service Classification
NYSEG
Sub-Transmission 1.50% 3S,7-3
Primary Distribution 3.77% 3P, 7-2
1,2,6,7-1,8,9,12

Secondary Distribution 7.28%
Outdoor & Street Lighting

NYSEG and RG&E T&D Losses 7/17/2008 Case 08-E-0751
RG&E

Primary Distribution 4.91% 3,8,9

1,2,3,4,6,7,8,9
Secondary Distribution 6.93%
Street Lighting

NYSEG and RG&E T&D Losses 7/17/2008 Case 08-E-0751

9.3 Marginal Cost-of-Service

Utility-specific system average marginal costs of servicearefoundin 9-3.

9-3UTILITY SYSTEM AVERAGE MARGINAL COSTS OF SERVICE

Transmission Primary Distribution Secondary Distribution
NYSEG $4.18/kW-yr $12.43/kW-yr $18.41/kW-yr

Source: NYSEG Marginal Cost of Electric Delivery Service 5/11/2015 filed in New York State
Electric and Gas Case No. 15-E-0283

RG&E $3.25/kW-yr $8.16/kW-yr $23.42/kW-yr

Source: Rochester Gas and Electric Corporation Marginal Cost of Electric Delivery Service
10/23/2015 filed in Rochester Gas and Electric Corporation Case No. 15-E-0285
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Utility-specific system 5-year average systemreliability metricsare foundin 9-4A.

Utility-specific 2021 Outage Event Types forthe systemareshownin 9-4B.

Utility-specific Average Restoration Costs are shown in 9-4C.

TABLE9-4AFIVEYEARAVERAGE UTILITY SYSTEM RELIABILITY METRICS

Parameter

NYSEG

Number of Interruptions

Number of Customer-Hours

Numberof Customers Affected

Numberof Customers Served

Average Duration Per Customer Affected (CAIDI)
Average Duration Per Customers Served (SAIDI)
Interruptions Per 1000 Customers Served
Number of Customers Affected Per Customers Served (SAIFI)
RG&E

Number of Interruptions

Number of Customer-Hours

Number of Customers Affected

Number of Customers Served

Average Duration Per Customer Affected (CAIDI)
Average Duration Per Customers Served (SAIDI)

Interruptions Per 1000 Customers Served

Units

int
cust-hours
cust-int
cust
hours/int
hrs/cust/yr
int/1k cust

int/cust/yr

int
cust-hours
cust-int
cust
hours/int
hrs/cust/yr

int/1k cust

¢

Value

1,005
2,261,795
1,114,893
889,747
2.03
2.55
12.43

1.26

3,143
475,875
265,273
376,972
1.79
1.26

8.38
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¢

Numberof Customers Affected Per Customers Served (SAIFI) int/cust/yr 0.71

Source: NY DPS 2021 Electric Reliability Performance Report. Five-year average, 2017-2021"°

TABLE9-4B2021OUTAGEEVENTTYPESFORUTILITY SYSTEM

Outage Type %
NYSEG
Tree Contacts 49.2%
Lightning 4.7%
Equipment Failures 17.9%
Accidents 14.5%
Overloads 2.3%
Other 1.4%
RG&E
Tree Contacts 20.8%
Lightning 2.3%
Equipment Failures 19.1%
Accidents 12.1%
Overloads 2.5%
Other 43.2%

Source: NY DPS 2021 Electric Reliability Performance Report.

7 https://dps.ny.qov/system/files/documents/2022/12/202]-electric-service-reliability-report.pdf
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TABLE 9-4CAVERAGERESTORATIONCOSTS

Average Restoration Costs

Restoration Costs will be determined for each specific

NYSEG . .
project as applicable

Restoration Costs will be determined for each specific

RG&E . .
project as applicable

Source: Project-Specific

The utility Operation & Maintenance Cost datais includedin 9-5.
TABLE 9-5UTILITY OPERATION & MAINTENANCE COSTS

Operation & Maintenance Costs

O&M Costs will be determined for each

DEEES specific project as applicable

O&M Costs will be determined for each

RG&E e . .
specific project as applicable

Source: Project Specific

The utility Restoration Cost datais includedin 9-6.
TABLE9-6 RESTORATIONCOSTS

Restoration Costs

Restoration Costs will be determined for

RAEES each specific project as applicable

Restoration Costs will be determined for

RG&E each specific project as applicable

Source: Project Specific
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Utility-specificNYISO, ICAP and Ancillary Services Zones are shownin 9-7.

TABLE9-7NYISO ZONES THE COMPANIES SERVE

NYISO Zones

NYSEG

RG&E

Source: NYISO

NYISO Zones

A - West
C - Central

D - North

E - Mohawk Valley

F - Capital

G - Hudson Valley

H - Millwood

B - Genesee

ICAP Zone

Rest of State (ROS)
Rest of State (ROS)

Rest of State (ROS)

Rest of State (ROS)

Rest of State (ROS)

Lower Hudson Valley

(LHV)

Lower Hudson Valley

(LHV)

Rest of State (ROS)

«

Ancillary Services Zone

WEST
WEST
EAST

EAST/WEST (locational
dependent)

EAST/WEST (locational
dependent)

SOUTH EAST NY (SENY)

SOUTH EAST NY (SENY)

WEST

10. Document References and Links

The References and Links listed below are applicable to the Initial and subsequentBCA

Handbook Versions.

References and Linksremain in effect untilthey are superseded by subsequent issuances as
described furtherin thissection.
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Energy and Demand Forecast:

NYISO: Load & Capacity Data“Gold Book”. The 2016 Load & Capacity Data “Gold Book”
reportis availablein the PlanningData and Reference Docs folder at:

http://www.nyiso.com/public/markets_operations/services/planning/documents/index.jsp

NYISO updated website menu. New link:

https://www.nyiso.com/planning

Avoided Generation Capacity Cost (AGCC):

DPS Staff: ICAP Spreadsheet Model. The January 21,2016 ICAP Spreadsheet Modelis found
under Case 14-M-0101at the Commission’s website.

Thedocumentis “BCA Att AJan 2016".

Locational Based Marginal Prices (LBMP):

NYISO: Congestion Assessment and Resource Integration Study Phase 2 (CARIS Phase 2).
CARIS 2 reports arelocated on the NYISO Planning Studies site, under Economic Planning
Studies (CARIS), sub tab CARIS Study Outputs.

Until CARIS 2 is posted, work with Staff on appropriate values.

http://www.nyiso.com/public/markets_operations/services/planning/planning_studies/inde

X.jsp
NYISO updated website menu. New link:

https://www.nyiso.com/library

Historical Ancillary Service Costs:

NYISO: Markets & Operations Reports. Historical ancillary service costs are available at:

http://www.nyiso.com/public/markets_operations/market_data/custom_report/index.jsp
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NYISO updated website menu. New link:

https://www.nyiso.com/manuals-tech-bulletins-user-quides

Wholesale Energy MarketPrice Impacts:

DPS Staff: Tobe provided. DPS Staff will perform the modeling andfile the results with the
Secretary to the Commissionon or before July 1of each year. Referenceand/or Link will be
provided upon DPSissuance of information.

Allowance Prices (SO2and NOx):

NYISO: CARISPhase2. Theallowance price assumptions forthe 2016 CARIS Phase 2 study
will be available in the CARIS Input Assumptions folder within Economic Planning Studies at:

http://www.nyiso.com/public/markets_operations/services/planning/planning_studies/inde
X.jsp

NYISO updated website menu. New link:

https://www.nyiso.com/library

Net Marginal Damage Cost of Carbon:

DPS Staff: To be provided. DPS Staff will perform the modeling andfile theresults with the
Secretary to the Commission on or before July 1of each year.

Energy and Demand Forecast:

NYISO: Load & Capacity Data “Gold Book”. The 2018 Load & Capacity Data “Gold Book”
reportis availablein the PlanningDataand Reference Docs folder at:

http://www.nyiso.com/public/markets_operations/services/planning/documents/index.jsp

NYISO updated website menu. New link:

https://www.nyiso.com/planning
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Avoided Generation Capacity Cost (AGCC):

DPS Staff: ICAP Spreadsheet Model. The May 2,2018 ICAP Spreadsheet Model is found under
Case14-M-0101at the Commission’s website.

Thedocumentis “ICAP Spreadsheet”.

Locational Based Marginal Prices (LBMP):

NYISO: Congestion Assessment and Resource Integration Study Phase 2 (CARIS Phase 2).
CARIS 2 reports arelocated on the NYISO Planning Studies site, under Economic Planning
Studies (CARIS), sub tab CARIS Study Outputs.

Until the next update of CARIS 2 in 2018, the 2016 CARIS Phase 2 Base Case Annual Average
LBMPs fileis in effect.

http://www.nyiso.com/public/markets_operations/services/planning/ planning_studies/inde
X.jsp

NYISO updated website menu. New link:

https://www.nyiso.com/library

Historical Ancillary Service Costs:

NYISO: Markets & OperationsReports. Historical ancillary service costs are available at:

http://www.nyiso.com/public/markets_operations/market_data/custom_report/index.jsp

NYISO updated website menu. New link:

https://www.nyiso.com/manuals-tech-bulletins-user-quides

TheNYISO manualis located at:

http://www.nyiso.com/public/webdocs/markets_operations/documents/Manuvals_and_Guides
/Manuals/Operations/ancserv.pdf

NYISO updated website menu. New link:

https://www.nyiso.com/documents /20142/2923301/ancserv.pdf/df83ac75-c616-8c89-c664 -
99dfealéfe2f
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Wholesale Energy MarketPrice Impacts:

DPS Staff: Tobe provided. DPS Staff will perform the modeling andfile the results with the
Secretary to the Commissionon or before July 1 of each year. Referenceand/or Link will be
provided upon DPSissuance of information.

Allowance Prices (SO;and NOx):

NYISO: CARISPhase?2. Theallowance price assumptions forthe 2016 CARIS Phase 2 study
are availablein the CARIS Study Outputs sub tab

Until the next update of CARIS 2 in 2018, the 2016 CARIS Phase 2 s file is in effect.

http://www.nyiso.com/public/markets_operations/services/planning/planning_studies/inde
X.jsp

NYISO updated website menu. New link:

https://www.nyiso.com/library

Net Marginal Damage Cost of Carbon:

The Net Marginal Damage Cost of Carbonis determined by the NYSERDA REC acquisition
price. Until 2018 REC valueis posted, refer to the 2017 NYSERDAdata.

NYSERDA RECinformationis foundat:

https://www.nyserda.ny.gov/All-Programs/Programs/Clean-Energy-Standard/REC-and-
ZEC-Purchasers/2017-Compliance-Year

Energy and Demand Forecast:

NYISO: Load & Capacity Data “Gold Book”. The 2019 Load & Capacity Data “Gold Book”
reportis availablein the PlanningReports:

https://www.nyiso.com/planning

Avoided Generation Capacity Cost (AGCCQC):
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DPS Staff: ICAP Spreadsheet Model. The May 2, 2018 ICAP Spreadsheet Model is found under
Case14-M-0101 at the Commission’s website.

Thedocumentis “ICAP Spreadsheet”.

Locational Based Marginal Prices (LBMP):

NYISO: Congestion Assessment and Resource Integration Study Phase 2 (CARIS Phase 2).

CARIS 2 reports arelocated on the NYISO Planning Studies site, under Economic Planning
Studies (CARIS), sub tab CARIS Study Outputs.

Until the next update of CARIS 2 in 2018, the 2016 CARIS Phase 2 Base Case Annual Average
LBMPs fileis in effect.
https://www.nyiso.com/library

Historical Ancillary Service Costs:

NYISO: Markets & OperationsReports. Historical ancillary service costs are available at:

https://www.nyiso.com/manuals-tech-bulletins-user-quides

TheNYISO manualis located at:

https://www.nyiso.com/documents/20142/2923301/ancserv.pdf/df83ac75-c616-8c89-c664 -
99dfeaO6fe2f

Wholesale Energy MarketPrice Impacts:

DPS Staff: To beprovided. DPS Staff will perform the modeling andfile theresults with the
Secretary to the Commissionon or before July 1 of each year. Referenceand/or Link will be
provided upon DPSissuance of information.

Allowance Prices (SO2and NOx):

NYISO: CARISPhase 2. Theallowance priceassumptions forthe 2016 CARIS Phase 2 study
are availablein the CARIS Study Outputs sub tab

Until the next update of CARIS 2 in 2018, the 2016 CARIS Phase 2 fileis in effect.

https://www.nyiso.com/library

Net Marginal Damage Cost of Carbon:
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The Net Marginal Damage Cost of Carbonis determined by the NYSERDA REC acquisition
price. Until 2020 REC value is posted, refer to the 2019 NYSERDAdata.

NYSERDA RECinformationis foundat:

https://www.nyserda.ny.gov/All-Programs/Programs/Clean-Energy-Standard/REC-and-
ZEC-Purchasers

System Average Reliability:

NY DPS: 2018 Electric Reliability Performance Report - Utility-specific system 5-year average
system reliability metricsand 2018 outage event types for the system.

http://www3.dps.ny.gov/W/PSCWeb.nsf/96f0fecOb45a3c6485257688006a701a/d82a20068

7d96d3985257687006f39ca/ $FILE/Electric%20Reliability%202018%20DMM.pdf

Energy and Demand Forecast:

NYISO: Load & Capacity Data “Gold Book”. The 2013 Load & Capacity Data “Gold Book”
reportis availablein the PlanningReports:

https://www.nyiso.com/planning

Avoided Generation Capacity Cost (AGCC):

DPS Staff: ICAP Spreadsheet Model. The October 3,2022 ICAP Spreadsheet Model is found
under Case 14-M-0101at the Commission’s website.

Thedocumentis “ICAP Spreadsheet”.

Locational Based Marginal Prices (LBMP):

NYISO: 2021-2040 System & Resource Outlook (The Outlook) reportis availablein the
Planning Reports:

https://www.nyiso.com/planning
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Historical Ancillary Service Costs:

NYISO: Markets & Operations Reports. Historical ancillary service costs are available at 8°:

Manuals, Tech Bulletins & Guides - NYISO

The NYISO manualis located at:

https://www.nyiso.com/documents /20142/2923301/ancserv.pdf/df83ac75-c616-8c89-cb64-
99dfealéfe2f

Wholesale Energy MarketPrice Impacts:

DPS Staff: Tobe provided. DPS Staff will perform the modeling andfile the results with the
Secretary to the Commissionon or before July 1of each year. Referenceand/or Link will be
provided upon DPSissuance of information.

Allowance Prices (SO;and NOx):

NYISO: 2019 CARIS Emission Allowance Price Forecasts

https://www.nyiso.com/documents /20142/7239276/03c+2019_CARIS_EmissionsForecastinfo
rmatio.pdf/a%ccb4fd-317f-b3fd-b475-
112c54602430?version=1.0&t=1561031785776&download =true

Net Marginal Damage Cost of Carbon:

The Net Marginal Damage Cost of Carbonis determined by the NYSERDA REC acquisition
price.

NYSERDA REC informationis foundat:

2023 Compliance Year - NYSERDA

80 Historical ancillary service costs are available on the NYISO website at: https://www.nyiso.com/custom-reports. The
values to apply are described in Section 7.1.5.
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System Average Reliability:

NY DPS: 2021 Electric Reliability Performance Report - Utility-specific system 5-year average
systemreliability metricsand 2021 outage event types for the system.

https://dps.ny.gov/system/files/documents/2022/12/2021-electric-service-reliability-
report.pdf

11. Attachments
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Joint Utilities Approach to Unused Land Inventory and Valuation

Definition for Suitable, Unused, and Undedicated Land: Utility-owned property in reasonable proximity and
electrically connected for possible use by non-wires alternatives opportunities which the utility determines to
satisfy the following criteria:

e Suitable — The land can reasonably accommodate the technology proposed in light of environmental
and other restrictions and limitations; and

e Unused — The land is not allocated to any utility use (i.e., the land is not included in “utility plant in
service”); and

e Undedicated — The land has not been identified as needed in the utility’s filed 5- or 10-year capital plan.

Process

1. Once a capital project has been identified as a non-wires opportunity and prior to releasing a request
for proposal (RFP), the utility may either:

a. Conduct an internal review to identify any Suitable, Unused, and Undedicated Land in
reasonable proximity and electrically connected for possible use in the non-wires opportunity
targeted area; or

b. Conduct an internal high-level “desktop” environmental review of potentially available utility-
owned land to identify any initial red flags and consult with utility transmission and distribution
planners to confirm there are no planned uses of the property in the filed 5 or 10-
year plan.

2. If the property passes either of the reviews described in Item 1(a) or 1(b) above, a general description
of the property will be included in the RFP, although a final determination of whether the land is
Suitable, Unused, and Undedicated will be made at the time of inquiry by the bidders.

3. Ineach utility’s project-specific RFP, utilities will provide the following information regarding
Suitable, Unused and Undedicated Land:

a. Location and satellite view;
b. Footprint available (sg. ft. or acres);

¢. An estimated fair market value or (ii) the assessed value used for property tax purposes
where the correlation between fair market value will in part depend on what percentage of fair
market value the municipality uses to determine assessed value and whether property values
are re-assessed annually. Alternatively, the RFP could provide a market value based on a
formal appraisal. If a formal appraisal is not the basis of the estimated market value provided in
the RFP and there is interest expressed by bidders in the property during the course of
responding to an RFP, the utility will proceed with a more formal environmental review and
any other reviews needed and will then proceed to secure a formal real estate appraisal of the
property to determine the fair market value which is a requirement in order to comply with
Public Service Law (“PSL”) Section 70.* This formal appraised value will be used in the
benefit-cost analysis (“BCA”) should the bidder elect to proceed with lease or sale of the
property.

! The lease orsale of real property by the utility will require Commissionapproval under PSL Section 70.
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d. The utility will either provide estimated utility-sided interconnection costs in the RFP for non-
binding planning purposes for distributed energy resources that could be situated on the
identified utility land (customer-sided interconnection costs cannot be reasonably estimated at
the time of the RFP release), or an indication that interconnection costs will be borne by the
utility. Utility-borne interconnection costs will be included as a cost in the BCA calculations.

e. Guidance on local situations that (1) may have a substantial impact on interconnection costs
and (2) can reasonably be anticipated shall be provided to bidders. Any interconnection is
highly dependent on the technology proposed and the configuration at the proposed site.

4. Costs incurred by the utility associated with securing property appraisals, environmental studies, and any
other necessary documentation to support the sale or lease of Suitable, Unused, and Undedicated Land,
excluding utility labor costs, shall be borne by the requesting party unless the utility otherwise indicates
that such costs will be borne by the utility. Such utility-borne costs will be included as a cost
in the BCA calculations.

5. Thereis no implied promise or obligation that there will be any Suitable, Unused, and Undedicated
Land included in any non-wires alternatives opportunity solicitation.

Proposed Valuation Method
o Real property is valued through an appraisal process.
o Atthe sole discretion of the utility, licenses or term-limited leases may be offered for land

where there is an anticipated future utility use.
e For Suitable, Unused, and Undedicated Land, lease and/or sale options shall be offered to bidders:
o Leasing:

= May allow the utility to make the opportunity available to selected parties
(i.e., RFP
respondents/winning bidder(s)).
= Allows the utility to match lease duration with non-wires project deferral
duration.
= Allows for renewal/extension of lease if non-wires project is
extended.

o Sale:
= May be subject to open market offering (i.e., not limited to bidders only) to

assure the maximum proceeds from the property sale is realized for the benefit
of utility customers.
e For any property disposition (lease or sale), utilities must comply with the requirements of PSL Section
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