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Agenda

« REV Background

« System Data Sharing Objectives and Definition
« DSIP Order — System Data Issues

* Overview of Central Hudson’s (CH) Position

« Overview of Distributed Energy Resource (DER)
Provider Position
» Detailed Discussion
— Historic and Forecasted Load
— Power Quality and Reliability
— Information Security
— Monitoring and Control
— Hosting Capacity



Appendix A1 - Initial DSIP Stakeholder Engagement - System Data

REV Background

 Reforming the Energy Vision (REV) is an initiative to transition
the energy industry in New York State, bringing regulatory
changes with several policy goals in mind.
— Self-assessments and roadmaps to facilitate evolution of

planning and operations to be included in Distributed System
Implementation Plans (DSIP) filed by the utilities

« Order on the DSIP filings filed on April 20, 2016
« May 5" Stakeholder Engagement Plans

« As an aspect of the REV orders and discussions with the DPS
Staff, the topic of System Data was highlighted as an area
where the utilities would benefit from a stakeholder
engagement process that will be used to inform development
of their DSIP filings
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System Data Sharing - Objectives

* Develop mutual understanding of the
information currently available from each
party vs. needs and business models of DER
providers.

* |dentify gaps and what alternatives or
additions can be provided while meeting
essential adequacy, safety, resiliency and
reliability needs.

— Data, frequency, and granularity
— Market participation
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SOLAR GROWTH A DRIVER OF DATA SHARING NEEDS

System Data Sharing - Objectives

Cumulative PV MW's Installed by Year
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System Data Definition

As modeling and technology advance, an increasingly greater
volume of data becomes available to generate insightful information.
This information can be valuable in supporting real-time grid
operations, forecasting and planning, and encouraging the
appropriate siting and development of DERs.

Potential data elements include:

— Planning: historic coincident & non-coincident peak loads, load profiles,
forecasted coincident and non-coincident loads, DER penetration
forecasts and load/output profiles, existing distribution characteristics at
substation and feeder-level, capacity levels, capital plans, projected
investment plans/needs, historic reliability

— Grid Operations: historic or real time voltage, current, power factor, real
and reactive power, and status of DERs

— Market Ops: Customer load data and Customer information (out of
scope of today’s discussion)
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DSIP Order — System Data Issues

« Guidance was initially more prescriptive — The Order is less detailed

The Initial DSIPs will require the utilities to provide a base level of data,
including information related to forecasts, planned investments, and
operating systems, and a description of their system planning practices

The Initial DSIPs should include a base level of system planning data
and information that will allow DER providers to make economic
decisions regarding best locations for future DER investments

Utilities should identify specific locations within the distribution system
that are the highest priority for distribution capacity and operational relief
(beneficial locations)

Utilities should define and provide current hosting capacity data and
how it is calculated

Utilities should provide current forecast method and include granular
forecast data

Granular substation and feeder level data should also be provided,
recognizing that, the full range of system data is not likely to be
available at this time. However, utilities should identify those data gaps
and plans to address system data collection and sharing

data access policies for customer and system data,
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CH Position Overview

« CH supports sharing insightful information to achieve
iIncreased participation of third parties toward establishing
sustained investments which will benefit the grid.

« Stakeholder engagement discussions such as this and the
larger engagement process in support of the Supplemental
DSIP should be used to develop data acquisition and
information sharing approaches.

« Security issues must be considered in sharing information.

« We will need to adapt current data collection systems and
iInformation processing to support stakeholder informational
needs including investing in systems and staff. Stakeholder
input is helpful to guide this process.

« This will be a continuing and evolving process.
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Stakeholder Discussion

« Questions for DER providers:

— What are your business processes and needs to
expand DER resources on the NY grid?

— What are the highest priority needs for utility
system data and information?

— How do you intend to use such data?

— Will data need to be shared outside of your
Company?

— Are there concerns about sharing data back to
Central Hudson?

— Are there concerns about Central Hudson sharing
your data?
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Discussion — Historic and Forecasted Load

« Central Hudson Highlights

— Available historical load data varies significantly, even
within the service territory

« Approximately 78% of Central Hudson circuits have
electronic 8760 metering data.

« Approximately 22% of Central Hudson circuits have chart
data only.

- Gathering/inputting chart data is a manual process. Central
Hudson only inputs winter and summer coincident peaks for
circuits with chart data.

— Even metered or real time, 8760 data requires
correcting or scrubbing by utilities. Peak and minimum
loads can be skewed due to:

» Metering Errors
« Load Transfers/Switching
« Qutages
— System wide net load forecasts and substation load
forecasts anticipated in Initial DSIP filing
« Will include Solar PV, Energy Efficiency, and other DERs.
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Discussion — Historic and Forecasted Load

e Questions for DER Providers

How does historical and forecast load data by circuit contribute
to DER development success?

How is this different from Hosting Capacity?

Is there a preference for corrected or un-corrected/raw metered
data, and why?

What is the highest level of granularity which value can be
derived (system, substation, feeder, etc.)?

What type of Historic and Forecasted load information is most
useful for you?

+ Peak load

» Representative Day hourly load,

 annual hourly load

 Circuit Minimum load levels
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Discussion — Power Quality and Reliability

» Central Hudson highlights

— SAIFI (frequency) and CAIDI (duration) of
interruptions is provided by feeder annually

— In addition some power quality concerns.
— System power factor studies completed annually.
— Measured voltage is not readily available.

« Questions for DER providers

— How does voltage, VAR, and reliability data contribute
to DER development success?

— Does the currently available information in utility
filings provide enough useful information? If not, what
is lacking?
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Discussion — Information Security

« Joint Utility practices
— Standardization still underway at the national level
— Working towards common framework of standards

— Should a portal be developed, any access to
confidential information will require the user to be
registered and comply with secure password and
registration protocols.

« Questions for DER providers

— Please identify any concerns related to registration,
confidentiality, privacy and cyber requirements.

— To the extent that information on DERs will become
shared information, please identify your concerns?



Appendix A1 - Initial DSIP Stakeholder Engagement - System Data

Discussion — Monitoring and Control

- CH may require inverter data and/or other from
solar developers for the following reasons:

— Facilitate greater penetration of DERs

— Ensure system stability and voltage/flicker maintained
In standard ranges

— Operate within thermal ratings of equipment
— Ensure operational flexibility is maintained
— Enable participation in REV markets

» Monitoring and Control will be discussed further in
the Interconnection Technical Working Group
meetings
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Discussion — Monitoring and Control

« Questions for DER providers

— At what system size would you consider installing smart
inverters? What functionality would they have?

— What size systems do you currently remotely monitor?

— What is the frequency of polling, latency and
communication medium for inverter data currently?

— How would you propose transferring data to the utility?

— Do you currently transfer data to any utilities? If yes,
please discuss how the data is transferred, what
communication medium and protocol is used, and how it is
integrated with the utility system.

— What alternatives to telemetry are available for smaller
scale resources (and what threshold is considered smaller
scale)?

— How do you maintain confidentiality of the data?
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Discussion — Hosting Capacity

« Ultilities developing a 4 stage approach to be
discussed in a separate stakeholder engagement
session through the supplemental DSIP

»

Stage 4 —
Fully
Stage 3 — Integrated
Advanced DER Value
Stage 2 — Hosting Assessments
Hosting Capacity
Stage 1 — Capacity Evaluations
Distribution Evaluations
Indicators

Increasing effectiveness, complexity, and data requirements
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Discussion — Hosting Capacity

ALBATNY

SCHOHARTE

e Questions for DER
Providers

— How does hosting
capacity contribute to
DER development
success?

— Does hosting capacity
assist DER providers or
aggregators in
developing new products
to serve the grid needs
and benefit society?
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Agenda

* Introduction

« REV and DSIP Background

« DSIP Filing

* Action Plans & Demonstration Projects
« Data Sharing
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REV and DSIP
Background and History
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REV Background

Reforming the Energy Vision (REV) is an
initiative to transition the energy industry in
New York State, bringing regulatory changes
with several policy goals in mind.

Essential purpose is to:

1. Improve system efficiency

2. Empower customer choice

3. Encourage greater penetration of distributed energy resources
(energy efficiency, demand response, distributed generation)
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REV Background

Initiated in 2014 with the Following Stated
Pollcy Goals:

Enhance customer knowledge and tools that will support
effective management of their total energy bill

« Market animation and leverage of ratepayer
contributions

« System-wide efficiency

« Fuel and resource diversity

« System reliability and resiliency
* Reduction of carbon emissions
 Affordability
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REV Background

What is Driving REV:

* Increased adoption of Distributed Energy
Resources

Aging infrastructure in NYS

— $30 billion in the next 10 years

Inefficient grid

— 60% utilization; design for peak

Rising energy costs

— Delivery rates/surcharges

Increased demand for uninterrupted service
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REV Background

* |nitial REV Order established utilities as DSP

« Required each utility to file a Distribution
System Implementation Plan (DSIP)

« Described the goal of the DSIP

— Transparency — a source of public information
regarding DSP plans

— Template — a way to articulate an integrated
approach to planning

— Consistency — enable the Commission to oversee
the implementation
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DSIP Guidance

* October 2015 DPS Staff issued its proposed
DSIP Guidance Document

« Recommended a two step approach to the
filing of the DSIP
— Initial DSIP to be filed June 30, 2016
— Each Utility to file its own Initial DSIP

— Supplemental DSIP to be filed September 1,
2016

— '[I;réelputilities must Jointly file the Supplemental

« Many meetings held with DPS Staff to try to
clarity aspects of the Guidance
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DSIP Guidance Order

 April 20, 2016 - Order on the DSIP filings

— May 5! Stakeholder Engagement Plans

—June 30, 2016, Individual Utility Initial DSIP
Plans to be filed

— November 1, 2016, Joint Utility Supplemental
DSIP Plans to be filed
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Other REV related filings

 Distribution Level Demand Response Tariffs

« Non Wires Alternative/Targeted Demand
Response Program

« Benefit/Cost Analysis (BCA) Handbook

« Clean Energy Standards (CES) — Advisory
Committee Charter

* Net Energy Metering Filing
« Community Distributed Generation Tariff

« Energy Efficiency Transition Implementation
Plan (ETIP)

« Demonstration Projects
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DSIP Filing

Filing Overview
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Initial DSIP — an invitation to innovate

« Self Assessment and Near « Capital Plans

Term Initiatives + Data Sharing
« Foundational Investments + AMI — Advanced Metering
« Demonstration Projects Infrastructure (Smart
« Distribution Planning Meters)

+ Load and DER Forecasting * CYBER Security

» Interconnection and Hosting * DSP Costs
Capacity

 Distribution Grid Operations

e Distribution Market
Operations

Central Hudson
o FORTIS Cupirany
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Supplemental DSIP filing —

The other Major filing in REV

« Must be a Joint Utility Filing

 Efforts to be done in parallel with the Initial
DSIP filing

« Should further the concepts of the Initial DSIP

« Must involve Stakeholders/Market
Participants in the Development

* Will focus on the same 3 areas as the Initial
DSIP
— Distribution System Planning
— Distribution Grid Operations
— Distribution Market Operations
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DSIP Filing

Purpose of the Plan
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Initial DSIP

» Based on the October 2015 DSIP
Guidance Document and the subsequent
April 2016 DSIP Guidance Order

 |nitial DSIP to be filed June 30, 2016
— Each Utility to file its own Initial DSIP
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Initial DSIP Report

« Why the DSIP is being developed

 Where we are today and where we are
going in the near term

« What we need to do now and in the near
term to meet the REV goals

 How we perform the functions of Planning,
Operations, and Markets today and how
they are changing
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Initial DSIP Report

» Order described the goal of the DSIP

— Transparency — a source of public information
regarding DSP plans

— Template — a way to articulate an integrated
approach to planning

— Consistency — enable the Commission to
oversee the implementation
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DSIP Filing

Overview of Self Assessment and Current State
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Where Are We Today

 Distribution Planning
— Provides for safe, reliable electric service

— Integration of DER and new technology require changes on how we
perform our planning

— Non-Wires Alternatives are being built into the capital planning process
— Distribution Automation and a Distribution Management System are well
under way
 Distribution Operations
— Provides for the safe operation of the distribution system

— Have developed a roadmap through pilot projects for Communication
Network Strategy, CVR, and DMS.

— Have identified gaps to implementation,

* Distribution Markets

— Central Hudson has developed a new forecasting methodology to
develop annual load curves and better incorporate DER

— Central Hudson has developed new maps and portals to provide system
and customer information

19
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DSIP Highlights

« System Data
— Will provide 8760 Historic Load Data by Circuit
— Will provide 8760 Forecasted Load Data by Substation
— Will provide the impact of DER on the Load Forecast
« Central Hudson has significant areas of low load growth
— There are limited Beneficial Location areas

— Central Hudson has identified new areas where Non-Wires Alternatives
will be considered

» Interconnection Portal and Hosting Capacity Improvements

« Customer Data access through CenHub

« AMI
— Central Hudson will not have either a Full or Partial deployment of AMI
— Explanation to follow below

« Significant Additional Costs beyond the already in progress
Foundational Investments will not be needed

20
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DSIP background
AMI business case

“Filings should examine the issue of AMI deployment from the
perspective of three alternative scenarios:

(a) full AMI implementation by the utility,

(b) utility implementation of AMI to 20% of customers, with remaining
customers receiving AMR (automated meter reading) meters, and

(c) AMR implementation by the utility, with AMI deployed to individual
customers by ESCOs and/or competitive DER providers.

In each scenario, assume the utility will maintain the communications
network, and meter data management systems. Compare the costs and
risks of each alternative scenario, including flexibility, scalability, and
level of ratepayer investment, as well as overall net benefits.”
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Central Hudson — Current Landscape

« Approximately 300,000 electric customers and 79,000 gas
customers

« Service territory is 2,600 square miles, stretching from 25 miles
north of NYC to 10 miles south of Albany

« Sizeable portions of the territory have limited or no network access
 Almost 50% of electric meters are AMR or demand electronic

« Bi-monthly meter reading, with nearly half the meter reading sub-
contracted

« Plan for Distribution Automation in the service territory has been
approved by the Commission

— Significant portions of the VVO/CVR and outage location benefits will
already be achieved

22
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Context: Central Hudson is on track to

have 58% electronic meter deployment
by 2020

m Electromechanical m Electronic Demand-Electronic
300,000
250,000
49%
200,000 Electronic* 58%
in 2016 Electronic*

150,000 in 2020
100,000

50,000

2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

* Electronic including Demand-Electronic

23
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Context: Significant portion of system
demand and usage concentrated in a
small percentage of customers

Number of % of % of System |

Interval ° 5 o
Metered (HPP) 0.1% o1 o1
Demand 12,000 4.0% 129, 25%
Metered

Total 12,310 4.1% 39% 46%

24
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The full deployment scenario doesn’t pay
for itself

Benefit and Cost Summary

$120
£ $100
$80
$60
$40 -
$20 -

$0 + | |
Societal Test Utility Costs Tests Rate Payer Impact

Millions

m Benefits

m Costs

...trl:e partial deployment scenario doesn’t pay for itself
either

Benefit and Cost Summary

$30
g
S $25
E $20
$15 u Benefits

$10 m Costs
$5

$0 +—— SIS i [ ‘
Societal Test Utility Costs Tests Rate Payer Impact
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Mark Sclafani
Senior Program Coordinator
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Non-Wires Process

- Identification of future Capital projects that may be avoided
through a non-wires alternative project

* Request for Proposal (RFP) sent out, which includes a
detailed description of the system need

« Third Party Evaluation — assists in analyzing the proposed
solutions for effectiveness and cost

 Revise traditional benefit cost model to allow for innovative
projects

« Select winning proposal(s) — enter into contract negotiations

Central Hudson
o FORTIS Cupirany
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Non-Wires: System Need

North West Area

ST R -
10MW by 2019 S S _
@) CenHub

Peak Perks

Shenandoah/
Fishkill Plains
5MW by 2020

Merritt Park
1MW by 2020
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Targeted Demand Response Solution

CenHu

Peak Perks

e e e e

gcomverge

energy made better
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How Demand Response Works

« Deploy controllable devices
to curtail load

« Cycling of equipment
« Utilize real time two-way

communication to measure
impact

Dispatch to reduce magnitude of
system peak

Central Hudson’s peak typically
occurs during the hottest
summer afternoons




Appendix A2 - Initial DSIP General Information Session

Targeted Demand Response Incentives

Residential incentives Commercial incentives

Installation Annual Installation Annual

Central air $125
Water heater $25 $24 $40 $36
Pool pump $85 $50 $125 $75

Customers will receive free WiFi-enabled thermostats,
switches and installation of these devices

Central Hudson
o FORTIS Cupirany
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Tariff Program: Dynamic Load Management

« BYOQOD (Bring your own device) Program
— Available to residential & small commercial customers anywhere within the service territory
— Customers can purchase a compatible WiFi enabled thermostat on the CenHub Store
— $25/year incentive for participation

CenHub Peak Perks Smart
Wi-Fi Thermostat

MODEL: INTELLITEMP_CHGE

$185:00

After a Instant Rebate
%165 in Rewards Could Be Available

« GCSRP (Commercial System Relief Program)
— Available to large commercial & industrial customers anywhere within the service territory
— Custom curtailment strategies
— Minimum curtailment commitment of 50kW
— Pay-per-performance

o PoWET P‘njs.'ll_':.-l.-l.l,.l.ll"

o

Central Hudson 34

& FORTIS curany

?\l



Appendix A2 - Initial DSIP General Information Session

Questions?
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My Account
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Soft Launch

CENTRAL HUDSON PUTS THE POWER OF SAVING IN YOUR CONTROL

CenHub

Highlights
® CenHub Store: New online marketplace features
energy efficient products with instant rebates,

® CenHub Insights: Customized home energy
profiles and enerqy savings tips

Energy Efficient Products with
Instant Rebates

® CenHub Points: tarn points and redeem for gift
cards to save even more!
Start earning and saving.
CentralHudson.com/CenHub
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iPhone and Android devices.
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© Central Huchon Gas 8 Bectrc Comp. 2013

Cenkub My Account
CenHub Store

Welcome to our mobile website, optimized for

+
You

SHOP FOR THE LATEST
ENERGY-SAVING
PRODUCTS

Limited time offers exclusively for NY
Central Hudson customers:

» Upto S185 off 2 smart thermostat

+ Upto $48 off a &-pack of LED light
bulbs

+ Upto 520 off advanced power strips

+ Free shippire on all ordes .- Chat

/ ), —

0 Overview

Last 30 Days:

Energy Wise

i My Home

How you compare to similar
households last month:

-
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CenHub

Insights

nvice  Cenbub Insights ~ CenHub Store  Energy Choice  Storms & Outsges

Incompiete  Completed

Explore Tips in the Virtual Home
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Sell-Service  CenHub Insighls ~ CenHub Store  Energy Choice  Storms & Outages

™ (1) Cart ¥ Products ~ Buyer's Guides v o Support v

TWO WEEKS ONLY - $70 OFF AN
ECOBEE3

LIMITED TIME OFFER

Marked down from $249 to $179 after instant rebate® and manufacturer discount
Control from your phone, tablet or PC
Free shipping

Claim yours now! This special offer ends 6/23 at 2:5%am EST

“Valid only for qualified NY Central Hudson customers.

FEATURED ENERGY-SAVING PRODUCTS

66w

equivalent

ECOBEE3 HOMEKIT-ENABLED GE ENHANCE 10W LED BR30 TRICKLESTAR 7-OUTLET APS

R el e e

R

2 OF
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Coming Soon

Phase 2

® Online Account Security
Enhancements

* Enhancing the underlying
web infrastructure to
streamline future
integration processes

Phase 3

e Offer customers the ability
to subscribe to value
added services

CenHu

Continued
Enhancements

* New Tips & Reward
Opportunities

* New Product offerings
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Capital Plan Overview —
2017-2021

Central Hudson 44
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Five-Year Capital Forecast

« Corporate Plan encompasses three business
areas:

— Electric

— Gas

— Common

eﬂ ol - Possd) -"é'.";_-_"
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Central Hudson Five-Year Forecast
Summary

ELECTRIC PROGRAM $448,113
2017-2021 FORECAST
GAS PROGRAM $284,040

2017-2021 FORECAST

COMMON PROGRAM $212,426
2017-2021 FORECAST

CORPORATE TOTAL $944,579
2017-2021 FORECAST

Central Hudson
o FORTIS Cupirany
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Five-Year Plan Development

» Developed annually
» Based on updated load forecasts
» Based on newest inspection data

* Modified for changes in business (i.e. new
compliance requirements)
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Key Capital Plan Drivers

Responsible for safe & reliable operation
of the electric system

 Daily operational needs

« Compliance requirements

« Maintain reliability

 Forecasted load and DER

« Address aging infrastructure through
condition-based replacement programs
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CHG&E Annual Peak Load
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(In Millions)

2017-2021 Electric Capital Forecast
by Investment Category

$350
$300
$250
$200
$150
$100

$50

$0

Study Based Load Infrastructure Compliance New Business Daily Operations
Growth
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CHG&E Electric Svstem_{

600 Miles Transmission Lines
345kV, 115kV, 69kV

80 Electric Substations P L SR

KINGSTON
DIVISION  weuesn

8700 Miles Distribution Circuits

TFISMCILL
.., DIVISIGN.

e POWET Pﬂ““'r"l"“"f-"-"l:ﬁ

-
Y
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Transmission
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Transmission cont’d

 High Priority Replacements

— Based on comprehensive aerial/ground
inspections

" POVWEr P‘nss.-'b‘.lf”.

?'*D)"-B. =X
Central Hudson 53
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Transmission cont’d

» Condition Based Line Rebuilds -
— WH-1/WH-2 Lines
— P & MK Line
structure replacements
— G Line North
— KM/TV Line
— EF Line rebuilds
— CL Line rebuilds
— H & SB Line rebuilds

Central Hudson 54
A FPOHRTIS cUMTaHY
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Transmission Rebuilds

l.e,.'Fﬁ‘Mr' Pnssr'b,.-,r,m_
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Substation

Percent of System
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Substation cont’d

» Major Infrastructure related rebuilds:
— Sturgeon Pool - Union Avenue

— Knapps Corners - Woodstock
— Greenfield Road - Montgomery

— Modena gVl L=
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Substation cont’d

« Condition Based

Infrastructure Replacement
— Power Transformers

— Power Circuit Breakers

— Circuit Switchers/Disconnect Switches

— Relaying, Controls, Communications &
Metering

—

GWET- P‘nss.-'bml,

-zﬂp.-"—‘--."'z' . ey,
R
Central Hudson 58
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Substation
Capital Work

99
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Distribution Improvements

« Day-to-day operations
— Distribution Improvements (small)
— Relocations
— Road Rebuilds
— Conversions

« Thermal/Voltage Issues —
— Capacity related — ability to supply peak demand
— Voltage constraints
— Stepdown transformer replacements
— Conversions/Rebuilds/Extensions

55_1’9"*" P‘nss.-'b,lf”.l.

Central Hudson 60
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Distribution cont’d

 Reliability/Resiliency
— $/COA criteria
— Operating improvements
— 10X Program
— Targeted replacements (i.e.
porcelain cutouts)
* Infrastructure
— Reconductoring or rebuild projects
— Distribution pole replacements

— 5kV Aerial Cable/Copper Wire/4800 V
Conversions/Open Wire Secondary etc.

power P‘nss.-'b,lf”.l.

Central Hudson 61
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Distribution cont’d

Poles By Age

# Poles

Q
Q
S
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Distribution cont’d

e Substation/Transmission related
— Circuit exits/integration studies/conversions
— Coordinated with substation work

e Distribution Automation

o PoWET Pus:ib#,%

A
R
f‘ Central Hudson 63
o FORTIS Cupirany
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New Business, Meters, and Transformers

* Requirement to serve new customers/
upgrades for existing customers

ower- Possibiy,

o ey,
R
f Central Hudson 64
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Foundational Investments

Distribution Automation
~ $34.4M in five-year forecast ($42M total)

DMS/DSCADA
~ $1.3M in the five-year forecast ($7.5M total)

Network Strategies
~ $17M in the five-year forecast ($22M total)

Central Hudson
o FORTIS Cupirany
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DSP Foundational Investment
Plans

Data Sharing
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Central Hudson’s Foundational
Investment Strategy

* Distribution Automation commenced at Central Hudson

approximately 14 years ago with significant reliability benefits
« Benefits would soon plateau without an integrated, centralized

approach that considered the utility on a holistic basis
— System efficiency, available technology, aging infrastructure

Gaps ldentified:

» Peak day system model with asset
gaps

» No remote control of distribution
devices

» Decentralized communications
with many platforms

) Asset communications driven by
vendor

) Does not integrate customer-
owned devices

-

Transition
began in
2011 via

Pilot
Projects
and Cross-

Functional

Teams

»

Future State:

Real time system model with
detailed asset information
2-way communication with
control via Operations Center
Centralized communications
through single strategy

Central Hudson led
communications via vendor
partnership

Integrates customer-owned

Distributed Energy Resources

. POWED Pﬂ"“":'-"f-"f.-'.":::
T
Central Hudson

i FORTIS CURiraHy
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Central Hudson’s Foundational
Investment Strategy

« Foundational to our core strategy / pre-dates REV (2011)
« Foundational for REV

« Three key components underpinned with the ESRI
Model

Distribution Distribution Management
Automation (DA) - field System (DMS) - office

NETWORK
STRATEGY (NS)
(Real-Time Data)

ESRI GIS
(Asset Model)

R i
R
f Central Hudson 68
# FORTIE CUKTAHY



Appendix A2 - Initial DSIP General Information Session

Distribution Automation (DA)

- Install intelligent devices capable of
providing 2-way status and control

— Electronic Reclosers/ Mid Point Ties
— Switched Capacitors

— Regulators

— Monitors & Sensors

- Upgrade key portions of our existing
distribution circuitry to current standards

— Increase switching capabilities
— Improve voltage profile
— Reduce losses

« Two Key Objectives accomplished via DMS
— CVR/VVO
— FLISR/Automatic Load Transfer

POVWEr P‘nss.-'b,lf”.l.r

i"*“}""lle' -
Central Hudson 69
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Distribution Management System (DMS)

« “Brains” of the operation

« Two Key Objectives:
1. CVR/VVO
2. FLISR/Automatic Load Transfer

« Integrate Distributed Energy
Resources

270

250

o 230

210

~Poly. (CVR ON)
«Poly. (CVR OFF)

190

=

170

150

\\\\\\\\\
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Network Communications Strategy (NS)

« Two-way Communications and Control

CENTRAL
DATA CENTER

s High speed (Tier 1) L l'h'L
— Medium speed (Tier 2) - = M ma l.l'
—— | ow speed (Tier 3)

power- Possibiy,.

Central Hudson
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Foundational Investments - Schedule

_ _ , * In-progress
Distribution . >80% completion by 2020

Automation

Distribution °[§;pf°9re~°’f s
» Site acceptance by with continue
Management development through 2020+

System

Network * In-progress
* >80% completion by 2020

Communications
Strategy

Central Hudson
o FORTIS Cupirany
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Beneficial Locations — Method
and Map

Data Sharing

73



Appendix A2 - Initial DSIP Genera | Information Session

Three types of locations:

— Beneficial Locations — potential T&D
System constraints based on
probabilistic load forecasting methods

—Non Wires Alternatives (NWAs) locations
— areas where DERS are considered to
defer or eliminate planned T&D upgrades
due to forecasted capacity constraints

— Remainder of our service territory — DR
Tariff Programs
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NWAs

Three existing:

—Northwest Area (Transmission Area)
—Philips Road (Substation Area)
—Merritt Park (Distribution Area)

One new:
— Coldenham (Distribution Area)
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Areas

Alternatives

-W

Non
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Beneficial Locations

— Based on growth trends/rates probability exists
that facility design ratings may be exceeded

— Uncertainty and allowable risk are factored into
decision making

— Utilized probabilistic methods - > 5% probability
of exceeding rating within a 10 year period

— No reinforcement projects for these areas in our
current forecast

— Not assigning value — in some cases mitigation
canh be low or no cost load transfers, other
cases may require T&D investments

________
rrrrrrrrrrrrrrrrrrrrrrrrrrr

Central Hudson
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Beneficial Locations

Four substation areas:
—Woodstock
—Lawrenceville
—Grimley Road
—Coldenham

One transmission area:
—RD-RJ Lines
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Beneficial Locations

BT T T
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DER System Indicator Map

Data Sharing

Central Hudson 80
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Hosting Capacity Evolution

« Joint Utilities worked with EPRI to develop a
whitepaper including a four-stage approach

« Whitepaper included in Initial DSIP
« Wil be discussed further through the

Supplemental DSIP ‘
&»

Stage 4 —
y Fully
Stage 3 — Integrated
A Advanced DER Value
Stage 2 — Hosting Assessments
Hosting Capacity
Stage 1 — Capacity Evaluations
Distribution Evaluations

Indicators

Increasing effectiveness, complexity, and data requirements

Source: EPRI
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DER Stage 1 System Indicator Map

The locations highlighted fall into 4 categories based upon the current queue:

Category 1

» Low voltage circuitry (5kV class)

meel  Category 2

 Single phase circuitry

Category 3

» Feeders where minimum load is anticipated to be significantly exceeded
(>4 MW of solar PV in queue)

Category 4

» Feeders emanating from a substation transformer that is anticipated to
experience significant backfeed (average of 4 MW per feeder in queue
emanating from a particular substation bus)

Link: hitp://centralhudson.com/dg/DERmap.aspx
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DER System Indicator Map

w= (D.E.R.) System Indicator App Central Hudson Gas & Electric
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DER System Indicator Map

%= (D.E.R.) System Indicator App Central Hudson Gas & Electric

fl Q) 199 main strest new patzny 63 |

.. Circuit ID and
number of phases
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DER System Indicator Map

#= (D.E.R.) System Indicator App Central Hudson Gas & Electric
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Interconnection Process
Improvements

Data Sharing
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SOLAR PV GROWTH A DRIVER OF DATA SHARING NEEDS

Interconnection Growth

70

60

50

40

30

20

10

Cumulative PV MW's Installed by Year

___....|||I

2005 2006 2007 2008 2009 2010 2011

mExisting mNew

*2016 projection is regression-based and will likely be higher based upon current CDG queue.

2012

Projected*

2013 2014

As of5/31/2016
Net-Metered Non-Wind | Connected | Proposed | Total
MW 50.525 726.648 | 777.173
# of systems 5,486 1,215 6,701
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SOLAR PV GROWTH A DRIVER OF DATA SHARING NEEDS

Internal Improvements & Best Practices

» Contractor number allows for autofill
* Required fields reduce deficiencies

Online Portal

» Central phone number and e-mail address

@1V (o] g 174D IEN/C o] o l-T@l - Transitioned from mailing approval letters to
Interaction electronic only

« Host solar summit annually

» Approval letters automatically pull customer
Database & Load- data

Flow Software - Load-flow software automatically pulls in
existing and proposed DG systems
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SOLAR PV GROWTH A DRIVER OF DATA SHARING NEEDS

Industry Process Improvements

Interconnection Technical Working Group (ITWGQG)

 Provide transparency for technical requirements
« Develop better understanding of technical challenges
 Build consensus solutions

Ombudsman Working Group

 Establish clear rules for managing interconnection queue
» Resolve disputes between utilities and customers/developers
« Share best practices

Queue Management

« Ultilities are working directly with developers to clean up queue

« Most developers are being cooperative and voluntarily
removing projects
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Questions?
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Beneficial Location Load Characteristics

Appendix B Beneficial Location Load Characteristics

Section VI identified one transmission area and four substations where DER deployments could be
beneficial because of the risk of triggering an infrastructure upgrade within the next ten years. This
section provides additional detail about the transmission areas and substation where DER deployments
could be beneficial, including:

Historical peak days and load shapes
Load duration curves
Weather sensitivity

Historical growth trends and forecasts with uncertainty

B.1 RD-RJ Transmission Area

The RD-RJ transmission area (Figure B-1) comprises the Union Avenue and Bethlehem Road Substations
located in Orange County, South of Newburgh. The area load serving capability is 144 MW. Potential
upgrades to the area include a project to increase load serving capability to 177 MW and, if needed, an
upgrade from 177 MW to 230 MW. There is sufficient load serving capability to accommodate growth
over the next five years with little to no risk of overloads, but the loads since 2010 have been growing at a
2.1% per year pace. Given the uncertainty in forecast, there is a 6% chance and upgrade would be needed
by 2025.

Figure B-1: RD-RJ Transmission Area

Figure B-2 summarizes the hourly loads for each annual peak from 2010 to 2015. Figure B-3 summarizes
the load duration curve for the top 250 hours for each year over the same time frame. The area tends to
peak during summer months, mostly but not exclusively between 12 to 6 pm. The area loads are
relatively weather sensitive as illustrated in Figure B-4, with demand growing larger during afternoon
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hours of hotter days. The figure shows the average hourly load curves at different temperature ranges.
Figure B-5 shows the historical peak loads and forecast, with uncertainty, over the next 10 years.

Figure B-2: RD-RJ Historical Peak Day Load Patterns

Hourly Loads on Peak Days
RD-RJ Lines -2010 to 2015

100.0
80.04 — 2010-7/6
— 2011-7/22
= ————— 2012-6/21
= ———— 2013-7/18
—— 2014-7)2
60.0 ————— 2015-7/20
40.0
T T T T T T T T T
0 3 6 9 12 15 18 21 24
Hour ending
Figure B-3: RD-RJ Historical Load Duration Curves
Annual Load Duration Curves
RD-RJ Lines - Design rating 144 MW
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Figure B-4: RD-RJ Weather Sensitivity

Weather sensitivity to hotter temperatures Weather sensitivity to colder temperatures
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Figure B-5: 1-in-2 Normalized Historical Peaks and Probabilistic Forecast
Weather Normalized Peak Load
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B.2 Coldenham Substation

The Coldenham Road Substation (Figure B-6) is located near the village of Walden in Orange County, East
of the Hudson River. The substation’s load serving capability is 47.8 MW. Expanding capacity would likely
require installing a third transformer. It should be noted, however, that a neighboring substation,
Maybrook, is currently being upgraded and it is possible to transfer loads to it and temporarily alleviate
loads in Coldenham. Since 2010 peak demand at Coldenham has been growing at a rate of 1.5% per year.
Given the uncertainty in forecast, there is a 14.8% chance and upgrade would be needed by 2025.

Figure B-6: Coldenham Station

Figure B-7 summarizes the hourly loads for each annual peak from 2010 to 2015. Figure B-8 summarizes
the load duration curve for the top 250 hours for each year over the same time frame. The 2013 peak
loads were substantially higher than 2014 and 2015, in part due to differences in weather conditions. The
area tends to peak during summer months, mostly but not exclusively between 11 am and 7 pm. The
loads for Coldenham are relatively weather sensitive as illustrated in Figure B-9, which shows average
hourly load curves at different temperature ranges. The demand follows a classic summer peaking
pattern with loads growing larger during afternoon hours of hotter days. Figure B-10 shows the historical
peak loads, normalized for 1-in-2 weather year conditions, and the 10 year forecast, with uncertainty.
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Figure B-7: Coldenham Historical Peak Day Load Patterns

Hourly Loads on Peak Days
Coldenham - 2010 to 2015
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Figure B-8: Coldenham Historical Load Duration Curves - Top 250 Hours
Annual Load Duration Curves
Coldenham - Design rating 47 MW
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Figure B-9: Coldenham Weather Sensitivity

Weather sensitivity to hotter temperatures Weather sensitivity to colder temperatures
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Figure B-10: Coldenham 1-in-2 Normalized Historical Peaks and Probabilistic Forecast
Weather Normalized Peak Load
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B.3 Grimley Rd Substation

The Grimley Rd Substation (Figure B-11) is located in the Ellenville load area and has a load serving
capability of 7.2 MW. The cost of alleviating capacity needs in the region may be low due to the ability to
transfer loads to neighboring substation. Since 2013, however, peak demand at Coldenham has been

growing at a rate of 3.6% per year. Due to limited, valid data prior to 2013, estimates on the rate of
growth are highly sensitivity and the uncertainty regarding the growth pattern is substantial. Based on the
data available, there is a 38.6% and upgrade would be needed in five years and a 76.6%% chance and
upgrade would be needed by 2025.
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Figure B-11: Grimley Rd Substation
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Figure B-12 summarizes the hourly loads for each annual peak from 2010 to 2015. Under hotter
temperatures, such as in 2013, the loads can be high for a substantial number of hours, driving peaks in
the evening hours. Figure B-13 summarizes the load duration curve for the top 250 hours for each year
over the same time frame. The 2013 peak loads were substantially higher than 2014 and 2015, in part
due to differences in weather conditions. The loads for Grimley Rd are relatively weather sensitive as
illustrated in Figure B-14, which shows average hourly load curves at different temperature ranges. Figure
B-15 shows the historical peak loads, normalized for 1-in-2 weather year conditions, and the 10-year
forecast, with uncertainty.

Figure B-12: Grimley Rd Historical Peak Day Load Patterns

Hourly Loads on Peak Days
Grimley - 2010 to 2015
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Figure B-13: Grimley Rd Historical Load Duration Curves

Figure B-14: Grimley Rd Weather Sensitivity
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Figure B-15: Grimley Rd 1-in-2 Normalized Historical Peaks and Probabilistic Forecast

Weather Normalized Peak Load
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B.4 Lawrenceville Substation

The Lawrenceville Substation (Figure B-16) is located near Hurley Mountain in the Northwestern part of
Central Hudson’s territory. The areas is winter peaking and experiences prolonged peaks. The substation
is capable of serving 19.2 MW of load and experiences peaks of 17.0 MW. Increasing load serving
capability would most likely require replacing a transformer at a cost of $2M. Due to limited, valid data
prior to 2013, estimates on the rate of growth are highly sensitivity and the uncertainty regarding the
growth pattern is substantial. Based on the data available, the area loads are growing at a rate of 6.8%
per year. There is a 9.7% chance and upgrade would be needed in five years and a 47.9% likelihood an
upgrade would be needed by 2025.

Figure B-16: Lawrenceville Substation
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Figure B-17 summarizes the hourly loads for each annual peak from 2010 to 2015. Because of when the
data for the study was extracted, it did not include December 2015, which is the typical peak month for
Lawrenceville. Figure B-18 summarizes the load duration curve for the top 250 hours for each year over
the same time frame. The loads for Lawrenceville are relatively weather sensitive as illustrated in Figure
B-19, but unlike most regions, loads grow substantially larger the colder it gets. Figure B-20 shows the
historical peak loads, normalized for 1-in-2 weather year conditions, and the 10-year forecast, with
uncertainty.

Figure B-17: Lawrenceville Historical Peak Load Patterns
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Figure B-18: Lawrenceville Historical Load Duration Curves - Top 250 hours
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Figure B-19: Lawrenceville Weather Sensitivity
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Figure B-20: Lawrenceville 1-in-2 Normalized Historical Peaks and Probabilistic Forecast
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B.5 Woodstock Substation

Woodstock substation (Figure B-21) is located in the northern part of the Ulster County, northwest of
Kingston, and lies within the borders of the Catskill Park. The substation has a load serving capability of
20.9 MW. In 2014 and 2015, the substation loads peaked at 20.9 MW and 20.2 MW, respectively. The
area is dual peaking — peak loads during summer and winter and relatively similar. Alleviating loads,
however, may be facilitated by the ability to transfer loads to neighboring substations. Since 2010,
substation peak loads have been growing at a rate of 1.2% per year. Because of the uncertainty in

forecasts and ability to exceed the design rating, there is a 23.5% chance an upgrade would be needed in
five years and a 47.1% likelihood an upgrade would be necessary by 2025.
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Figure B-21: Woodstock Substation

Figure B-22 summarizes the hourly loads for each annual peak from 2010 to 2015. The historical peak
days reflect the dual nature of substation loads. In 2011 and 2013, loads peaked during the summer in
the month of July. In all other years, the peak occurred in winter months. The winter and summer load
shapes are quite distinct. Figure B-23 summarizes the load duration curve for the top 250 hours for each
year over the same time frame. Figure B-24 shows the weather sensitive of the customer loads at
Woodstock. Unlike most regions, loads grow substantially with both hotter and cooler weather. Figure B-25
shows the historical peak loads, normalized for 1-in-2 weather year conditions, and the 10-year forecast,
with uncertainty.

Figure B-22: Historical Peak Day Load Patterns
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Figure B-23: Historical Load Duration Curves - Top 250 Hours
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Figure B-25: Woodstock 1-in-2 Normalized Historical Peaks and Probabilistic Forecast
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Electric Distribution System Operations Whitepaper

Appendix C Electric Distribution System Operations
Whitepaper

A key component of Central Hudson’s Smart Grid Strategy is the role of Distribution System Operations.
Above all, the mission of Distribution System Operations is to provide for the safe operation of the
distribution system. In the model that summarizes Central Hudson’s Smart Grid Strategy, Distribution
System Operations is the organization responsible for the use of the Distribution Management System
and the continued safe and reliable operations of the Company’s distribution system of a 24/7 real time
basis. Figure C-1 illustrates how these projects interact, along with the underpinning ESRI GIS Asset
Model.

Figure C-1: Smart Grid Projects
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In order to meet these new requirements staffing additions for Distribution System Operations will be
needed. It is anticipated that the skill sets needed for the individuals staffing these positions will be more
technical than what is the current requirements are for the transmission system operators. As such it is
likely that these positions will be filled with degreed engineers. It is anticipated that one of these
positions will be filled initially with the individual responsible for the development of the policies and
procedures necessary to establish the Distribution System Operations Department. It is ultimately
anticipated that an additional twelve (12) operating positions will be needed with similar technical skills
as described above. The purpose of this whitepaper is to provide a general direction as we transform to
Centralized Operational Authority of the Distribution System.

C.1 Operational Authority

Operational Authority for the Distribution System will be centralized under the control of the Senior
System Engineer — Distribution, and his or her staff of Distribution System Engineers. This Operational
Authority for the Distribution System will fall within the context of the Operational Authority for the
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Transmission System as defined in OP-1, and will have specific exceptions. There will be provisions for the
delegation of the Operational Authority for both Storm and Non-Storm operating modes.

A device designated as "TD" (Transmission-Distribution) is defined as the point of demarcation between
facilities under the Operational Authority of Senior System Operator — Transmission and the Operational
Authority of the Senior System Engineer - Distribution. A "TD" device is under joint jurisdiction of both the
Senior System Operator — Transmission and the Senior System Engineer — Distribution. Any changes in
state (i.e. open or close) of these devices must be coordinated with both Operating Authorities.

There are specific exceptions to the Operational Authority of the Senior System Operator - Distribution.
These exceptions include all facilities operating at secondary voltages and all distribution fuses that serve
single transformers (single phase and three phases). Secondary voltages are defined for this purpose as
being 600 volts phase to phase or less. Operational Authority for these devises resides with the District
Operating Superintendents.

C.2 Electric Emergency Operations Mode

Declaration of an Electric Emergency, consistent with the Electric Emergency Plan will allow the Senior
System Engineer — Distribution to delegate Operational Authority for the Distribution System to one or
more District Operating Superintendents. This delegation will be a formal written documentation that is
effectively communicated to the entire organization. This delegation will remain in effect until the District
Operating Superintendent returns Operational Authority for the specific operating district back to the
Senior System Engineer — Distribution. Again, this return of Operational Authority will be a formal written
documentation that is effectively communicated to the entire organization. Decentralized operation of
the Distribution System can be broken down into smaller areas at the discretion of the District Operating
Superintendent.

C.3 Distribution Management System—Modes

The Distribution Management System will have two modes. There will be a Control Mode and a Read
Only Mode. Under normal system operating conditions, workstations with Control Mode will only reside
within the Centralized Distribution System Operations Center. Workstations with Read Only Mode will
reside with District Operating Superintendents. Under Electric Emergency Operations Mode, the
workstations for the Distribution System Operators will be converted to Read Only Mode for any district
(or portion of a district) where Operational Authority has been delegated.

C.4 Security

Any workstations with Control Mode will reside within a secure environment. This secure environment
will consist of a physical security perimeter with controlled access, monitoring and logging. Access control
lists will be developed and maintained by the Senior System Engineer — Distribution, and reviewed and
approved on a quarterly basis.

The Distribution Management System will be afforded the same cyber security protection as that of the
nagement System, although the components of the Distribution System will not be considered
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Critical Cyber Assets. The Distribution Management System components will reside within an electronic
security perimeter. All access points to the electronic security perimeter will be identified, documented,
monitored and protected.

C.5 Switching and Tagging

The Manual of Safe Practices Section 12 and Section 14 cover General Requirements for Equipment
Tagging and Procedures for Switching, Valving, and Tagging Electric and Gas Facilities under the
Operational Authority of System Operations. No changes to these documents are recommended.

Distribution Switching Orders for planned work will continue to be developed as they currently are,
although potentially using the DMS as a platform for the development and testing of the Distribution
Switching Order. Distribution Switching Orders will be executed by the Distribution System Operators.

Distribution Switching Orders for unplanned work (i.e. fault restoration) will be developed by the DMS
and executed by the Distribution System Engineers. It is anticipated that eventually these Distribution
Switching Orders will be executed automatically by the DMS.

C.6 Distribution Management System—Application Maintenance

Application Maintenance of the DMS will reside with the System Specialist Project Leader for the DMS.
This application will interface with other applications including the EMS, ESRI Database, and the Outage
Management System. Maintenance responsibility of the ESRI Database will reside with the Drafting
Supervisor. Policies and procedures will be developed for controlled updates to the production version of
the database. Consideration will be given to the long-term goal of integrating the DMS and the OMS into
one product.

C.7 EMS / DMS Boundary / Application Overlap

The substation fence, in most all locations, will serve as the boundary between the EMS and the DMS. The
EMS will be used as the SCADA interface to the distribution feeder breaker and the substation load tap
changer. The DMS will use applications, notably Volt-VAR control and FLISR that will need to use the EMS
SCADA interface to the distribution feeder breaker and the substation load tap changer. Typically, the
distribution feeder breaker will be a TD point with joint jurisdiction. For the purpose of Volt VAR control
schemes, substation load tap changers will also have similar joint jurisdiction.

C.8 Distribution System Operator Training and Qualification

Policies and procedures will be developed for the training and development of new Distribution System
Operators by the Senior System Engineer — Distribution. This training and development will prepare new
Distribution System Engineer for a Qualification Test.

Distribution System Engineers will work on a rotating shift similar to Transmission System Operators.
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C.9 Coordination with Distribution Dispatching

Distribution Dispatchers® will be assigned to work with Distribution System Operators. This relationship
will be one to one or one to many, but will not include two Distribution System Operators sharing a single
Distribution Dispatcher. A team consisting of a Distribution System Operator and Distribution
Dispatcher(s) will be assigned a geographical location consisting of one or more Operating Districts.

Distribution Dispatchers will have responsibility for dispatching gas orders, and commercial locks and
unlocks. Distribution Dispatchers will have primary responsibility for using ARCOS to perform callouts,
although this will not preclude Distribution System Operators from performing callouts.

It is generally anticipated that the Distribution System Operator and Distribution Dispatcher(s) will be
located in close proximity to ensure effective communications, although if technically feasible solutions
exist, consideration will be given to alternative solutions.

C.10 Progression / Coordination with Transmission System Operations

It is generally anticipated that there will be a progression for the Distribution System Engineers and more
junior personnel will be paired with more experienced personnel.

It is generally anticipated that Distribution Operations and Transmission Operations will be located in
close proximity to ensure effective communications, although if technically feasible solutions exist, it is
not a requirement.

C.11 Logistical Requirements

The transition to Distribution System Operations will include the addition of one Senior System Engineer —
Distribution, 12 Distribution System Engineer, the Distribution Management System, and two associated
application support staff. This will create the need for both additional office space for the Distribution
Control Center and additional workstation space to hold the necessary computer monitors. This
additional space must be included as part of the overall considerations for this project.

Central Hudson contracted with a design consultant to develop a conceptual design to modify its existing
Transmission Primary Control Center facility to accommodate the addition of Distribution System
Operations. The consultant has provided a high level cost estimate of $1.9M for console and casework
systems. In addition, General Construction, which includes construction and demolition services,
architectural engineering, cost estimation, and mechanical/electrical/plumbing engineering are estimated
to cost $3.0M. More detailed estimates of this project will be included in Central Hudson’s next rate filing.
Subject to approval it is planned that construction of the new Distribution Control Center will be
complete by late 2018 to early 2019.

! For the purpose of this document, the term Distribution Dispatcher is generic and refers to the family of positions including
Junior Distribution System Operator and Assistant Distribution System Operator. [Note: we will be developing a new title for
is.position other than Distribution Dispatcher.]
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C.12 Labor Costs

As described above, Central Hudson plans to add an incremental twelve (12) Distribution System
Engineers starting in order to meet the new requirements operating as a DSP. The detailed justification
for these additions will be included in a future rate filing. The estimated payroll for these 12 positions is
approximately $1.4M annually.
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1 Introduction

One vital role of the electric utility is to ensure
that electricity supply remains reliable. By
projecting future demand and reinforcing the
local distribution network so that distribution
capacity is available to meet local needs as they
grow over time, costly outages are avoided.

A key focus of the New York Public Service
Commission’s REV proceeding is to defer or
eliminate the need for traditional T&D
infrastructure investments by using DERs. This
requires quantifying the potential to avoid or
defer infrastructure upgrades as granularly as
possible.

The growth of DERs is fundamentally changing
the nature of distribution system forecasting,
planning, and operations. Forecasting location
specific loads and DERs using probabilistic
methods is becoming increasingly critical for
T&D planning. However, local demand growth
trajectories based on historical growth are
inherently uncertain and those forecasts grow
more uncertain further into the future. Location
specific, granular forecasts are also essential to
establishing the location specific value of DERs
and identifying locations where DERs are
beneficial. Simply put, location specific
forecasting and planning methods have direct
implications for DER integration.

To our knowledge, no other utility to date has
attempted to implement a location specific
avoided T&D cost study that relies on
probabilistic analysis and quantifies the option
value of reducing peak demand. We emphasize
that the development of probabilistic load
forecasts and avoided T&D costs at a granular,
local level is a new endeavor and will require
refinements and improvements with more
applied experiance.
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This study focuses on substation and transmission
costs (it does not include circuit feeders) and
was designed to meet the following objectives:
= Analyze load patterns, excess capacity,
load growth rates, and the magnitude of

expected infrastructure investments at a
local level

= Develop location specific forecasts of
growth with uncertainty

= Quantify the probability of any need for
infrastructure upgrades at specific
locations

= (Calculate local avoided T&D costs by
year and location using probabilistic
methods

= |dentify beneficial locations for DERs

There are several aspects of the study that make
it unique. First, the T&D avoided costs estimates
being produced are at a local level. Most studies
of avoided T&D costs have been conducted in
the context of energy efficiency and focused on
producing system wide values, often concentrating
on historical T&D expenditures rather than
future infrastructure investments.

Second, the study uses a bottom-up approach to
guantify historical year-to-year growth patterns
and the amount of variability in growth.

Third, we develop load growth forecasts and
avoided cost estimates using probabilistic methods
rather than straight-line forecasts. The approach
takes into account the reality that we have much
greater uncertainty 10 years out than a year out,
and accounts for the risk mitigation value of
resources that manage local peak loads.

As a general rule, only growth-related T&D
investments that are shared across multiple
customers can be avoided by DERs or demand
management. As loads grow, the excess



distribution capacity that provides reliability
dwindles. If a customer helps reduce coincident
demand, either by injecting power within the
distribution grid or by reducing demand, the
unused capacity can accommodate another
customer’s load growth, thereby helping

avoid or defer investments required to meet
load growth. Avoided or deferred T&D
investments free up capital for other alternate
uses, improving the efficient use of resources.

Not all distribution investments are driven by
local, coincident peak loads. Some investments
are tied to customer interconnection costs and
are essentially fixed. Other investments must
take place because of aging or failed equipment
or because of the need to improve reliability and
modernize the grid. These investments typically

cannot be avoided by managing loads with DERs.

The value of distribution deferral varies
significantly across local distribution areas
because of:

= |oad growth rates and anticipated
changes in load curve shapes, which
affect whether infrastructure upgrades
can be avoided and how long they can
be deferred;

=  The amount of existing excess capacity
or the amount of additional load that
can be supported without upgrades;

= The magnitude, timing, and cost of
projected distribution upgrades; and
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= The design of the distribution system.

In areas with excess distribution capacity—or
areas where local, coincident peaks are declining
or growing slowly—the value of distribution
capacity relief can be minimal. In areas where a
large, growth-related investment is imminent,
the value of distribution capacity relief can be
quite substantial, especially if it is possible to
delay or defer distribution infrastructure upgrades
for a substantial time. However, many Central
Hudson distribution areas have declining or slowly
growing loads, or they have sufficient capacity
already built such that distribution investments
are not needed in the foreseeable future.

The remainder of this report is organized in five
sections.

= Section 2 provides an overview of the
methodology.

= Section 3 presents the historical growth
estimates.

= Section 4 details the avoided costs and
the risk of triggering infrastructure
upgrades or load transfers by location.
We separately present the avoided T&D
costs.

= Section 5 discusses how probabilistic
forecasting and valuation is used to
identify locations where DERs can be
beneficial.

= Section 6 summarizes the key findings
and conclusions.



2 Methodology

This section details the risk tolerance for different types of equipment, data sources used, and key steps

in developing location specific forecasts and avoided T&D cost. Before doing so, we discuss why probabilistic

methods are critical not only to forecasting, but also to quantifying location specific avoided T&D costs.

2.1 Risk Tolerance for T&D Components

When demand exceeds normal and emergency
equipment ratings, equipment can become
overloaded and degrade more quickly,
considerably increasing the risk of an adverse
reliability event, although overloads are
uncommon. With the exception of rural
substations, most of Central Hudson’s system is
designed to withstand the loss of the highest
rated source (e.g., the loss of a transmission line,
transformer, or other component) without
violating thermal or voltage limits — that is, the
substation or area design rating is often equal to
the rating of the lowest equipment rating. As a
result, loads in excess of the load serving

capability, or design rating, do not automatically
result in overloads or an infrastructure upgrade.
However, Central Hudson also does not wait for
loads to exceed the allowable risk to begin
construction.

Central Hudson has specified explicit risk
tolerances and detailed the total hours that
forecasted load can exceed design ratings. The
risk tolerance varies by component and more
risk is tolerated for less critical components, as
shown in Table 2-1. The risk tolerance levels are
based on the total hours design ratings are
exceeded.

Table 2-1: Risk Tolerance Levels

Transmission Network
Transmission Loop
Urban Substation

Rural Substation

Figure 2-1 illustrates the practical implications of
the risk tolerance levels on the demand level
that can be accommodated. The graphs reflect
the 2013 load duration curves for Central
Hudson’s 10 transmission areas. All of the lines
rank demand for each hour in the year from
highest to lowest. The graph only shows the top
350 (<4% of hours) in the year. All of the load
duration curves show hourly demand as a
percent of each area’s 2013 (1-in-2) peak,
allowing side-by-side comparisons for areas with
a different magnitude of demand.
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2% of seasonal capability period (88 hours)

6% of seasonal capability period (263 hours)

6% of seasonal capability period (263 hours)

8% of seasonal capability period (350 hours) or 7 MVA unreserved

Because of inherent variation in load duration
curves, the amount by which loads can exceed
the design ratings varies for individual
transmission areas and substations. For
transmission networks—Ellenville, Northwest
115-69 kV, Northwest 69 kV, and Pleasant Valley
69kV—this means loads can exceed design
ratings by 13-16% without exceeding the
allowable risk tolerance. For transmission loops,
loads can exceed design ratings by 20-45%.



Figure 2-1: Normalized Load Duration Curves
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2.2 Why Use Probabilistic Forecasting and Planning Methods?

No one knows in advance precisely when loads
will exceed design ratings or by how much;
however, linear forecasts assume precise
knowledge. In practice, actual growth
trajectories are rarely linear and growth patterns
trend across time — both load growth and load
declines follow cyclical patterns.

Figure 2-2 contrasts a linear forecast against two
simulated potential growth trajectories, all using

the same 1.5% growth rate. The linear forecast
indicates loads will exceed the design rating in
10.5 years and the risk tolerance cutoff in
exactly 21 years. But actual growth rarely
follows a linear pattern. Loads could exceed the
design and risk tolerance far earlier, as shown by
Path 1, or never at all, as shown by Path 2. But
the two potential outcomes are not equally
probable.

Figure 2-2: Comparison of Linear Forecast and Potential Growth Patterns
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Figure 2-3 illustrates the critical role of
probabilistic, location-specific forecasts. This
type of forecasting requires estimating historical
load growth patterns and simulating potential
load growth trajectories thousands of times, as
shown in the top panel. Some outcomes are far
more likely than others and are summarized into
probabilistic bands that identify the likelihood of
load growth falling within specific confidence
bands, as shown in the bottom panel.

Forecasts inherently include uncertainty and
become more uncertain further into the future.

Because a linear forecast assumes exact
knowledge, no value is assigned to the years
before the linear forecast exceeds the risk
tolerance. Probabilistic methods, on the other
hand, reflect the potential reality that
infrastructure could be triggered earlier.
Probabilistic methods will assign value to
periods earlier than the linear forecast would
dictate based on the probability of triggering an
earlier infrastructure upgrade.

Figure 2-3: lllustration of Location Specific Simulations and Probabilistic Forecasts
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2.3 Data Sources

The study relied on six main data sources:

1. 2010-2015 hourly interval data for most
substations and each transmission area;

2. 2010-2015 weather data from the
Dutchess County Airport;

3. 1-in-2 weather year peak conditions data;

4. 1-in-2 forecasted Central Hudson
System loads;

5. Design rating information for each
substation and transmission area; and

6. Costs for infrastructure upgrades.

With the exception of the 2010-2015 weather
data, all of the above data was supplied by
Central Hudson. A few points are noteworthy,
however. First, the 2010-2015 time period was
selected because of data availability and due to
the significant shift in loads that occurred with
the 2009 economic downturn.

Secondly, not all substations have hourly interval

data, and the quality and availability of the data
degrades when longer time spans are included.

2.4 Key Analysis Steps

Third, resources that have been procured as
part of Central Hudson’s NWA projects are
incorporated by adjusting the design rating. The
additional resources reduce loads, thereby
leading to additional room for growth.

Finally, the quality of the data improves for larger
aggregation points, such as transmission areas,
where all of the historical data is available. Not
all substations and feeders have hourly data and
among those that do, not all of them have the
same amount of historical data. To define the
growth trends one needs several years of data.

Because multiple years of data are required, the
forecasts and location specific estimates of T&D
avoided costs were developed for locations with
at least three years of valid hourly data. This
includes 54 of Central Hudson’s 62 distribution
load serving substations. All of the transmission
areas were included in the analysis.

Figure 2-4: Key Steps in Estimating Location Specific Avoided Costs
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Clean the data

One of the key challenges in estimating load
patterns and growth at granular locations is the
quality of data. Not all substations have metered
data over the relevant historical period and, for
those that do, it is important to identify and
remove load transfers, outages, data gaps, and
data recording errors. Nexant used data
analytics to identify loads with irregular
patterns, load transfers, data gaps, and outages

from substation level data. We subsequently
reviewed those loads with Central Hudson’s
engineers to confirm dates where load transfers
occurred.

Figure 2-5 below illustrates an example of a
location with load transfers, which, unless
detected, can be mistaken for a load increase
and distort the sensitivity of the area’s loads to
weather.

Figure 2-5: Example of Data Cleaning

Weather graph - Pre clean up

Daily Peak MW

XX X

04 X HOHORIOORIORIRI 0K X X IO X SR, ORI
T T T T T
0 20 40 60 80
Average Daily Temperature (F)

© Individua days X Outlers

Moving trend

Time graph - Pre clean up

Daily Peak MW

X =X

T T T T T T T
01jan2010 01jan2011 01jan2012 OlJTar\ZOIS 03jan2014 01jan2015 01jan2016
ime

© Individua days X Outlers

Moving trend

Estimate historical load growth.

The objective of this step was to estimate
historical load growth for each year in 2010-
2015 in percentage terms. The year-to-year
growth patterns were then used to assess the
growth trend and the variability of load growth
patterns; the degree of growth in a given year
was related to growth during the prior year—
technically known as auto-correlation. The
econometric models were purposefully designed
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to both estimate historical load growth and
allow us to weather normalize loads for 1-in-2
weather peaking conditions. We normalized
2010-2015 peaks for 1-in-2 weather peak
conditions because it is Central Hudson’s criteria
for distribution design. Appendix A describes the
econometric models.

Figure 2-6 illustrates some of the key outcomes
from this analysis. First, the analysis produces



year-by-year estimates of the historical growth
or decline in loads after controlling for
differences in weather, day of week, and season.
Second, the year-by-year estimates allow us to
estimate the growth trend. In the below

example, loads are declining at a rate of 1.8%
per year. Third, the results enabled us to
estimate of the variability in year-to-year growth
patterns (also known as the standard error of
the forecast).

Figure 2-6: Year-by-year Estimates of Historical Growth
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Simulate potential load growth trajectories

The load growth forecasts were developed
using probabilistic methods—Monte Carlo
simulations—that produced the range

of possible load growth outcomes by year. It
simulates the reality that the near-term forecast
has less uncertainty than forecasts 10 years out.
A total of 2,000 simulations were implemented
for each substation and load area, and 10,000
simulations were implemented for each
transmission area. Each simulation produced a
distinct growth trajectory that took into account
the historical trend, variability in growth
patterns, and the fact that growth patterns are
auto-correlated.

The simulations are based on historical growth
patterns from the econometric models.
Each forecast year’s growth is a combination of
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an independent growth component and the
prior year’s growth trajectory.’ The independent
growth component is based on a random draw
that factors in the historical trend, the
uncertainty around the trend, and the year-to-
year variation at the location. The forecasts are
cumulative, meaning that each simulation’s
forecast trajectory builds on the prior year,
producing a path. The process was repeated
2,000 times for each substation & load area and
10,000 times for each transmission area. The
result is a full picture of the possible load growth
outcomes by year. Each of the 2,000 (or 10,000)
simulated growth trajectories produces specific
information about if and when the design rating

! Annual growth, = Independent growth, - (1 —
autocorrelation) + Annual growth,_, - autocorrelation



would be exceeded and the amount of demand
management required to maintain loads below
the design ratings.

Estimate costs with and without demand
management

The estimates of the avoided T&D costs are
based on the load growth forecast and the
outcome of each simulation run. The process
involved applying the below four steps to each
of 2,000 (or 10,000) simulation runs for each
location:

1. Identify the timing of the infrastructure
investments for each simulation run,
location, and year. For each location, each
simulation run produced a potential growth
trajectory, which either exceeded the design
rating or remained below it. As noted earlier,
when loads exceed design ratings, they do
not automatically trigger infrastructure
upgrades. Loads can exceed design ratings
without triggering overloads and Central
Hudson has explicit risk tolerance levels
where less risk is tolerated for more critical
components. Because load growth doesn’t
follow a perfect linear trajectory, loads also
can exceed the design ratings for a year or
two, but revert to levels below the design
rating. To reflect this complexity, the timing
of infrastructure upgrades was simulated to
occur the year after loads exceeded design
ratings for two consecutive years.

2. ldentify the magnitude of demand
management needed to maintain loads
below the design rating. Once demand
management resources were needed, we
assumed they were in place for 10 years.

3. Model T&D infrastructure costs with and
without demand management for each
simulation run, location, and year. When the
design ratings were exceeded for two
consecutive years, the costs of the
infrastructure investments were included in
the third year and allocated based on the

O Nexanrt

book life of the upgrade. For example,
equipment worth $15 million with a 50-year
book life would be spread or annualized over
50 years, with a 20% carrying cost.

The operations and maintenance costs were
included using standard values for
transmission, distribution substations, and
feeders.” This replicated how the T&D costs
would be reflected in the rate base. We also
implemented the same calculations but
instead assumed the investment could be
deferred for up to 10 years or until 10% of
the peak was managed through DERs,
whichever came first. This process reflected
the reality that most projects cannot be
postponed indefinitely and the length of
deferral may be shorter in areas with rapid
growth.

4. Calculate the avoided costs per kW for each
simulation run, location, and year. If loads
were not projected to exceed the respective
design rating, no costs are avoided since a
growth related infrastructure investment
would not have taken place anyhow. If the
loads in a particular simulation exceeded the
design rating, reducing loads to levels below
the design rating would avoid or defer
growth related infrastructure investment.
Thus, the avoided costs are the difference
between the costs with and without the
reduction in loads necessary to avoid or
defer the upgrade.

The detailed calculations for each of the 2,000
or 10,000 simulations at each site were
subsequently used to estimate the expected
avoided costs per kW at each location for each
year.? Because the analysis relied on probabilistic

% The annualized cost were calculated using the below
standard formula, where ris the post-tax discount rate and
n is asset book life:

r(1+1)"
(1+r)n-1

Annualized Cost = Total cost -

®The expected avoided costs is calculated across all
simulation runs for each year (t) at an individual location (i)
by using the ratio of the average avoided costs and
average demand reductions required to attain them.



methods, the avoided cost estimates reflects the
risk mitigation value of managing loads to
remain below the design rating. That is, the
probabilistic method assigns T&D avoided costs
to location and year with, for example, a 10%
likelihood of an upgrade. In contrast, a linear
forecast would not assign any value to that year.

Figure 2-7 illustrates the process with and
without demand management for a single
simulation at one location, assuming a S5M
infrastructure upgrade. This process is repeated
thousands of times.

Figure 2-8 illustrates the probabilistic approach
to avoided costs. In the example, 68% of the
simulations do not lead to any infrastructure
upgrades over the immediate 10 years. A
straight line forecast would lead to an avoided
cost estimate of zero (p50), yet due to the
probability of exceeding design rating, DERs still
provide value.

2.5 Integration of DERs

One of the most important considerations is
accurately reflecting the locational value of
incremental resources. This creates a paradox:
including DERs which have not yet been built
and installed into forecasts, lowers load
forecasts and dilutes the locational value of DER
resources. The forecasts reflect the trends in net
loads and, arguably reflect naturally occurring
DER and energy efficiency targets, which in the
near term are similar to past goals. They do not
include incremental DER resources which are
not naturally occurring since the goal of the
study is to quantify the avoided T&D
infrastructure costs per unit of demand
reduction.

fofo Avoided Costir

Eiﬁfu MW reduction required;r

Expected Avoided Costs;, =
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Figure 2-7: Example Calculation of T&D Costs with and without Demand Management

Calculations Costs without DER Costs with DER
Cummulative Forecasted Risk Annualized
Forecast Annual growth MW (no tolerance DER resources  Forecast MW Annualized Upgrade Cost
year growth multiplier DER) cutoff MW over needed (with DER) capital cost 0&M (w DER) O&M Avoided cost $/kw
0 53%| 105.3% 54.8 65 0.0 0.0 54.8 S0 S0 S0 S0 $0 $0.00
1 48% 110.9% 57.6 65 0.0 0.0 57.6 S0 $0 $0 $0 50 $0.00
2 45%| 116.2% 60.4 65 0.0 0.0 60.4 S0 S0 S0 S0 $0 $0.00
3 1.2%| 121.5% 63.2 65 0.0 0.0 632 $0 $0 $0 $0 50 $0.00
4 1.9%| 123.0% 64.0 65 0.0 0.0 64.0 $0 $0 $0 $0 $0 $0.00
5 16%| 1253% 65.2 65 02 0.2 65.0 $636,624 $176,584 S0 S0 $813,208 $4,857.66
6 0.6%| 127.4% 66.2 65 12 1.2 65.0 $636,624 $180,292 S0 S0 $816,917 $664.08
7 2.0% 126.6% 65.8 65 08 12 64.6 $636,624 $184,079 S0 S0 $820,703 $667.16
8 0.8%| 124.1% 64.5 65 0.0 1.2 63.3 $636,624 $187,944 50 50 $824,568 $670.30
9 43%| 123.0% 64.0 65 0.0 1.2 62.8 $636,624 $191,891 $0 $0 $828,515 $673.51
10 26%| 128.4% 66.7 65 17 17 65.0 $636,624 $195,921 S0 S0 $832,545 $477.71
11 1.8%| 131.7% 68.5 65 35 35 65.0 $636,624 $200,035 $0 $0 $836,659 $241.26
12 2.5%| 134.0% 69.7 65 4.7 4.7 65.0 $636,624 $204,236 $0 $0 $840,860 $178.85
13 2.7%| 137.4% 714 65 6.4 6.4 65.0 $636,624 $208,525 50 50 $845,149 $131.31
14 42%| 141.1% 734 65 8.4 8.4 65.0 $636,624 $212,904 50 $0 $849,528 $101.41
15 3.0%| 147.0% 76.4 65 114 8.4 68.1 $636,624 $217,375 $783,683 $267,588 -$197,272 -$23.55
16 40%| 151.4% 78.7 65 13.7 8.4 70.4 $636,624 $221,940 $783,683 $273,207 -$198,327 -$23.67
17 18%| 157.4% 81.9 65 16.9 8.4 735 $636,624 $226,600 $783,683 $278,945 -$199,403 -$23.80
18 14%|  160.2% 833 65 183 8.4 749 $636,624 $231,359 $783,683 $284,803 -$200,503 -$23.93
19 2.2%|  162.4% 84.4 65 19.4 8.4 76.0 $636,624 $236,218 $783,683 $290,783 -$201,625 -$24.07
Figure 2-8: Example of Probabilistic Avoided Cost Estimates
2,000 Trials Split View 1,930 Displayed Risk of
10 Year NPV Statistic Forecast volues = triggering
0.70 1.400 Triols 2,000
B $0.00 upgrade
Moan $1857
060 + 1,200 Median $0.00 = Year (no DER)
1.100 Mode $0.00 0 0%
Standard Deviat $1an
0.50 1,000 Variance $12.929.36 1 0%
Skewness 2953
900
2 | Kurtosis 1.092 45 2 0%
= 040 800
£ .g Coeff. of Variati 8.12 _ 3 [ 1%
_g 7005 ~ =
e g Percentile | Forecast values » 4 H 49,
a 030 002 |P100 $0.00 H
500 PS0 $0.00 5 7%
P80 $0.00 |
020 400 P70 $0.00| 6 [| 12%
300 P60 $0.00 = 7 E 17%
P50 $0.00
0.10 @ P40 $0.00 8 E 23%
100 P30 $8.50 9 E 28%
0.00 I P20 $19.09
$0.00 520,00 $40.00 $60.00 $50.00 $100.00 P10 $3866 10 .:\ 32%
P s200 Centainty: 3227 % 4 infinity
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3 Historical Load Growth Trends

This section presents the data on historical peak
loads, design ratings, and load growth estimates.
The results are presented separately for
transmission and distribution areas. A key
distinction between probabilistic and straight
line forecasts is that the former approach
explicitly accounts for the reality that forecasts
are more uncertain further into the future.

Growth can slow down or accelerate in
comparison to recent growth patterns and, in
practice, actual growth trajectories rarely are
linear. When a location has more room for
growth, the chances it will exceed the design
rating and trigger the need for infrastructure
upgrades is lower. The results presented in this
section focus on the growth rates, loading
factors, and the standard error of the forecast.*

3.1 Transmission Load Growth Estimates

Locations with potential T&D infrastructure
deferral value are areas where loads are growing
but there is limited room to accommodate
growth. Areas with sufficient load serving

capability and areas where local, coincident
peaks are declining are less likely to trigger
growth related infrastructure upgrades.

Figure 3-1 compares the annual load growth
rate to the loading factor (peak / design rating)
for each of Central Hudson’s ten transmission
areas. The majority of Central Hudson’s
transmission areas are experiencing slowing or
declining loads or have ample room for growth
without having to upgrade the transmission
system. However, upgrades may be required
due to aging equipment or grid modernization
efforts.

Locations with a growth factor above 0% are
experiencing growth and locations where the
2015 loading factor is closer to 100% have less
room for growth. All other things equal, a
location with a 2.0% annual growth rate will
exceed ratings in half the time as a location with
a 1% growth rate. The chart, however, does not
factor in the uncertainty of future growth
patterns.

Figure 3-1: Transmission Area Growth Rates Versus Room for Growth
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Table 3-1 summarizes the historical year by year
growth for each transmission area, the growth
trend, and the variability in the growth patterns,

also known as the standard error of the forecast.

The year-by-year growth estimates are indexed
so 2015 equals 100%. They were estimated
using econometric models designed to
disentangle year by year growth rates from
differences in weather patterns, day of week
effects, and seasonality. For the most part, the
year by year estimates of growth are relatively
precise. The confidence bands around those
estimates and the explanatory power of the
models are summarized in Appendix A.
Historical year by year growth does not follow a

linear pattern and varies around the general
trend line. This variation was used to develop
the standard error of the forecast, which reflect
how year to year growth can vary. This
variability or uncertainty in the growth pattern is
critical to probabilistic forecasting. Because
growth and declining loads compound over
time, growth patterns can deviate substantially
from the straight line forecast. An area where
loads are projected to remain flat can exceed
the load serving capability five to ten years out
due to the uncertainty in the forecast, though
the likelihood of doing so is lower than for an
area that is growing.

Table 3-1: Transmission Area Historical Load Growth Estimates (2010-2015)

= " 2015 Peak . Growth Factor (2015 =100%) Historical annual growth trend St Efrror

SmEEREtes e e RAe o010 | 2011 | 2012 | 2013 | 2014 | 2015 (AT For:cast
Ellenville 60.7 251 1016% | 100.2% | 953% | 97.3% | 96.7% | 1000% | -0.5% 2.5%
Hurley-Milan 80.7 193 104.2% | 102.9% | 103.3% | 101.3% | 101.2% | 100.0% | -0.8% 0.5%
Mid-Dutchess 1216 226 1032% | 103.1% | 106.0% | 103.4% | 99.0% | 1000% | -0.9% 21%
Northwest 115-69 Area 116.3 155 - 102.1% | 101.1% | 101.2% | 101.4% | 100.0% | -0.4% 0.5%
Northwest 69KV Area 95.0 140 1105% | 101.8% | 100.3% | 101.1% | 101.6% | 100.0% | -1.5% 3.1%
Pleasant Valley 69 67.2 100 106.7% | 106.0% | 104.8% | 111.3% | 103.6% | 100.0% | -1.0% 3.6%
RD-RI Lines 88.7 144 85.7% | 99.7% | 99.9% | 99.7% | 99.5% | 1000% | 2.2% - 4.9%
Southern Dutchess 1438 211 106.1% | 103.6% | 1050% | 1035% | 101.3% | 100.0% | -1.1% ‘ 1.0%
WM Line 418 68 96.1% | 88.4% | 94.0% | 90.3% | 925% | 1000% | 0.8% . 43%
Westerlo Loop 66.4 91 1014% | 99.2% | 99.9% | 101.9% | 101.6% | 1000% | 0.1% I 1.2%

Figure 3-2 summarizes the likelihood that loads
will exceed design ratings for each transmission
area by year. However, loads can exceed design
rating without automatically triggering an
infrastructure upgrade. Sustained growth needs
to be observed before transmission lines are

of triggering an infrastructure upgrade due to
load growth. Based on the trajectory and
variability in load growth, with the exception of
the RD-RJ lines, the likelihood that loads will
trigger an infrastructure upgrade over the next
10 years is less than 5% for all areas.

upgraded. Figure 3-3 summarizes the likelihood
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Figure 3-2: Probability of Load Exceeding Design Ratings
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Figure 3-3: Probability of Growth Related Infrastructure Upgrade
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3.2 Distribution Load Growth Estimates

Figure 3-4 compares the annual load growth
rate to the loading factor (peak / design rating)
for each of Central Hudson’s substations with at
least 3 years of hourly data. The majority of
substations are experiencing slowing or
declining loads or have ample room for growth
without having to upgrade them. Locations with
a growth rate above 0% are experiencing growth
and locations where the 2015 loading factor is
closer to 100% have less room for growth. Some

O Nexanr

substations, such as Lawrenceville and Grimley,
are experiencing high growth levels but the
growth trajectory is more uncertain because
those substations have less historical hourly data
than other sites. The only substation with

limited room for growth is Woodstock. However,
because of the distribution configuration, loads
at Woodstock can be easily transferred to
neighboring substations.
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Figure 3-4: Substation Growth Rates Versus Room for Growth
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Figure 3-5 summarizes the likelihood that loads
will exceed design ratings for each substation by
year. However, loads can exceed design rating
without automatically triggering an
infrastructure upgrade. Sustained growth needs
to be observed before substations are upgraded.
Figure 3-6 summarizes the likelihood of
triggering an infrastructure upgrade due to load
growth. Based on the trajectory and variability in
load growth, four substations — Coldenham,

-2 0
Annual peak demand growth rate(%)

Grimley, Lawrenceville, and Woodstock — exhibit
more than a 5% probability of triggering a
growth related upgrade over the next 10 years.
In some cases, upgrades can be deferred for
longer periods through relatively low costs
distribution upgrades or load transfers. DERs are
still beneficial at those locations and their costs
can be compared to the distribution upgrade
and load transfer options.

Figure 3-5: Probability of Loads Exceeding Design Ratings

100.0% ‘ w— Hunter
a0 90.0% BE
-.E D..-—-[‘]"—‘L =x=Lawrenceville
< 80.0% — oL F "
2 0o% J’Up-"[ n —x — =C=\Woodstock
]
: o ] = IS
b / ,}("’ e — —Modena
g S00% /r ' —
3 200% %{’Jr as ——Bethlehem
©
T 30.0% 1 et = =Coldenham
% 20.0% T =M aybrook
-
I 10.0% 1 = | ——PulversCornersi3kV
0.0% = : == ——é—
2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030

O Nexanr

15




Figure 3-6: Probability of Growth Related Infrastructure Upgrade
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Central Hudson groups substations in 10 distinct Tables 3-2-through 3-10 summarize the results
planning load areas. They represent adjacent of the historical load growth analysis for each of
geographic regions, but, more importantly, the distribution load serving substations with at
nearly all load transfers between substations least three years of hourly data in each load
occur within planning load areas. While the load area. Similar to the transmission areas, most of
growth estimates for specific substations can be the substations have ample room to

influenced by load transfers and outages, the accommodate additional load growth.

load areas provide a more stable unit of analysis.

Table 3-2: Northwest Distribution Load Area — Historical Load Growth Estimates (2010-2015)

Substation 2015 Peak| Design Gonthlseton(Z0IE100 4] Annual growth trend Std.oEfrror

Demand Rating (2010-2015) Forecast
Hunter 10.7 19.5 | 84.1% | 99.7% |102.1% | 113.6% | 106.0% | 100.0% | 3.3% 8.7%
Lawrenceville 124 19.3 - - - | 83.3% | 104.3% | 100.0% | 6.8% _ 10.3%
New Baltimore 9.2 258 | 105.9% | 99.9% | 98.6% | 99.8% | 99.0% | 100.0% | -1.0% ‘ 2.4%
North Catskill 228 35.1 | 103.4% | 100.6% | 100.3% | 101.5% | 99.9% | 100.0% | -0.5% 1.0%
Vinegar Hill 9.8 18.8 | 98.4% | 95.1% | 95.7% | 99.7% | 99.5% | 100.0% | 0.7% 1.9%
Westerlo 8.1 27.0 | 102.3% | 99.5% | 99.4% | 103.0% | 103.2% | 100.0% | 0.1% 2.0%
Overall load area 66.2 0.0 | 88.8% | 91.6% | 91.1% | 97.1% | 102.9% | 100.0% | 2.7% 2.5%
The Hunter and Lawrenceville substations both and seasonal activity and may or may not reflect
show relatively high growth forecasts; however, future growth patterns.

both are winter peaking—rather than summer

peaking—and therefore are not managed by Most of the substations in the Kingston-

Dynamic Load Management programs designed Saugerties load area are experiencing load

for the summer. The growth in these regions declines rather than growth. With few

was driven by the addition of large customers exceptions, most of the substations have ample

capacity to accommodate additional load
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growth. While the Boulevard and Hurley because of the distribution configuration, the
substations have experienced relatively high additional loads can be easily transferred to
loadings in the past—87% and 89%, neighboring substations at minimal cost.
respectively—loads in these substations have
been declining and the likelihood of an The Ellenville load area substation loads are
infrastructure upgrade is minimal. Woodstock
had a historical high loading factor and the

substation’s loads have been growing. However, growth over the next 10 years.

generally growing. However, they also have
ample capacity to accommodate additional

Table 3-3: Kingston-Saugerties Distribution Load Area — Historical Load Growth Estimates (2010-2015)

Substation 2015 Peak| Design Sowthlsetonig0i>E106 4] Annual growth trend Std.oEfrror
Demand Rating (2010-2015) R
Boulevard 20.6 30.6 106.8% | 104.0% | 104.6% | 106.1% | 102.2% | 100.0% | -1.1% 1.7%
East Kingston 12.0 48.0 105.8% | 103.2% | 105.3% | 102.1% | 101.9% | 100.0% | -1.0% 1.2%
Hurley Ave 17.0 23.1 106.8% | 100.9% | 100.5% | 103.4% | 102.2% | 100.0% | -0.8% 2.3%
Lincoln Park 41.0 84.0 108.1% | 107.2% | 105.1% | 102.8% | 101.6% | 100.0% | -1.7% 0.4%
Saugerties 20.6 50.0 - - - 101.2% | 101.3% | 100.0% | -0.6% 0.6%
Woodstock 20.2 20.9 100.2% | 85.9% | 98.3% | 101.2% | 101.8% | 100.0% | 1.2% 6.0%
Overall load area 105.0 0.0 106.1% | 102.0% | 103.1% | 101.1% | 102.0% | 100.0% | -0.9% 1.3%

Table 3-4: Ellenville Distribution Load Area — Historical Load Growth Estimates (2010-2015)

= 0,
. 2015 Peak | Design oot cton RUIEIN0%) Annual growth trend S
Substation ) of
Demand Rating (2010-2015)
Forecast
Clinton Ave 1.4 7.7 96.7% | 96.5% | 95.6% | 103.4% | 103.1% | 100.0% | 1.2% 2.8%
Dashville 1.1 2.0 97.1% | 99.6% | 100.8% | 102.1% | 103.9% | 100.0% | 0.8% 1.9%
Grimley 4.4 7.2 - - | 80.4% | 94.9% | 99.0% | 100.0% | 3.6% B |
High Falls 17.0 34.5 98.9% | 97.4% | 97.9% | 100.8% | 100.2% | 100.0% | 0.5% I 1.2%
Honk Falls 5.8 18.2 98.3% | 92.9% | 98.0% | 98.3% | 100.8% | 100.0% | 0.8% 2.4%
Overall load area 24.5 0.0 97.7% | 94.6% | 97.9% | 100.3% | 101.5% | 100.0% | 1.0% 1.8%

Table 3-5: Modena Distribution Load Area — Historical Load Growth Estimates (2010-2015)

= 0,
Substation 2015 Peak| Design (S G (P O, Annual growth trend St Efrror
Demand | Rating (2010-2015) o

Forecast
Galeville 10.9 28.7 71.5% | 80.1% | 84.2% | 86.1% | 88.1% | 100.0% | 4.4% 3.0%
Highland 17.0 32.9 95.4% | 94.9% | 96.4% | 99.3% | 100.4% | 100.0% | 1.2% 1.0%
Modena 12.4 21.1 90.7% | 98.2% | 101.4% | 99.9% | 99.3% | 100.0% | 1.4% 3.2%
Ohioville 22.7 29.7 120.0% | 110.5% | 106.9% | 108.3% | 108.4% | 100.0% | -2.9% 3.6%
Overall load area 61.4 0.0 92.2% | 98.2% | 99.3% | 100.2% | 101.1% | 100.0% | 1.4% 2.2%

The substations in the Modena distribution load g.rowth W|thgut t.r|gge.r|ng infrastructure. The
single exception is Ohioville, where loads have
exceeded the current design rating in the past..

Ohioville was one of the initial locations included

area are experiencing growth but generally have
ample capacity to accommodate additional
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in Central Hudson’s non-wire alternative
demonstration projects. However, the DER
resource bids were unable to cost-effectively

address the need within the required timeframe.

Four of the substations in the Newburgh
distribution load area are experiencing
moderate growth but the remaining three
substations are experiencing declining loads.
There are three substations that have
experienced high loading factors of 96.7%,
94.3%, and 90.2% in the 2010-2015
timeframe—Bethlehem Road, Maybrook, and
West Balmville, respectively. However, loads at
Bethlehem and West Balmville exhibit

a downward trend and, as a result, loads are not
forecast to exceed the design ratings. Maybrook

loads are growing, albeit slowly. The low growth
rate seen in Maybrook’s historical data may be
due, in part, to the recent history of transferring
portions of the Maybrook areas to adjacent
substations to accommodate new large loads
that are fed from Maybrook. These circuit
transfers will need to be reversed in the near
future for reliability purposes.

With a few exceptions, the Northeastern
Dutchess distribution load area substations have
been experiencing declining loads. The two
substations that have been experiencing
growth—Hibernia and Milan—have ample
capacity to accommodate additional load
growth over the foreseeable future.

Table 3-6: Newburgh Distribution Load Area — Historical Load Growth Estimates (2010-2015)

Substation 2015 Peak| Design Gt seton g0l E106%] Annual growth trend Std.;rror

Demand Rating (2010-2015) ER—
Bethlehem 35.2 47.8 104.4% | 102.8% | 95.3% | 97.6% | 102.2% | 100.0% | -0.6% 3.6%
Coldenham 30.7 47.8 98.2% | 97.7% | 107.2% | 114.0% | 108.4% | 100.0% | 1.5% 6.8%
East Walden 14.6 26.2 99.3% | 93.5% | 97.4% | 98.2% | 100.3% | 100.0% | 0.7% I 2.4%
Marlboro 19.6 30.9 96.6% | 95.6% | 99.4% | 97.7% | 94.3% | 100.0% | 0.4% I 2.3%
Maybrook 17.7 30.0 93.3% | 88.0% | 84.6% | 79.4% | 83.4% | 100.0% | -0.1% ‘ 8.3%
UnionAve 55.6 94.5 - 98.9% | 102.8% | 100.5% | 98.2% | 100.0% | -0.2% 2.0%
West Balmville 34.9 47.8 113.3% | 112.3% | 102.5% | 104.1% | 106.7% | 100.0% | -2.4% 3.5%
Overall load area 203.9 0.0 95.0% | 96.6% | 94.1% | 99.8% | 97.3% | 100.0% | 0.9% 1.8%
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Table 3-7: Northeastern Dutchess Distribution Load Area — Historical Load Growth Estimates (2010-2015)

= )
Substation 2015 Peak | Design Coamthllactor 201100 ) Annual growth trend Sk F;rror
Demand | Rating (2010-2015) o

Forecast
East Park 12.4 24.2 106.0% | 110.4% | 105.1% | 102.2% | 99.4% | 100.0% | -1.9% 2.5%
Hibernia 10.5 17.8 94.3% | 99.1% | 99.2% | 102.1% | 102.5% | 100.0% | 1.2% I 2.2%
Milan 5.1 25.9 87.8% | 88.3% | 87.0% | 90.8% | 95.6% | 100.0% | 2.4% . 2.6%
Millerton 5.0 8.3 106.3% | 100.7% | 100.9% | 99.7% | 100.9% | 100.0% | -0.9% 1.9%
Pulvers Corners 13kV 4.4 5.8 109.5% | 99.0% | 101.1% | 93.7% | 91.3% | 100.0% | -2.2% 5.4%
Pulvers Corners 34kV 2.7 17.2 137.7% | 137.6% | 138.7% | 136.0% | 103.4% | 100.0% | -8.4% 11.0%
Rhinebeck 27.7 47.8 102.7% | 100.7% | 101.9% | 101.5% | 100.8% | 100.0% | -0.4% 0.7%
Smithfield 1.4 5.8 100.8% | 101.3% | 102.0% | 95.6% | 103.7% | 100.0% | -0.2% 3.0%
Staatsburgh 8.0 27.2 106.8% | 102.7% | 103.9% | 105.7% | 101.6% | 100.0% | -1.0% 1.9%
Stanfordville 5.2 17.0 108.6% | 108.5% | 109.4% | 107.6% | 102.8% | 100.0% | -1.8% 2.2%
Tinkertown 13.0 19.1 105.3% | 98.9% | 101.6% | 102.1% | 102.1% | 100.0% | -0.5% 2.2%
Overall load area 92.8 0.0 105.8% | 104.1% | 104.5% | 100.7% | 98.8% | 100.0% | -1.4% 1.3%

Based on the historical analysis, loads in the
Poughkeepsie distribution load area have been
trending downward. Moreover, the existing
substations can accommodate substantial
growth, should it occur, without growth related
infrastructure upgrades.

Most of the substations in the Fishkill load area
have been experiencing declining loads. The sole
substation experiencing load growth, North
Chelsea, has enough capacity in place to
accommodate growth over the foreseeable

future. One substation, Myers Corners,
experienced a substantial drop in loads over the
2010-2015 period due in part to the closure of
a large industrial facility.

The Poughkeepsie industrial substations have
been experiencing moderate declines in peak
loads and, more importantly, have ample
capacity to accommodate load growth, should it
occur. One of the load areas with a single
substation is excluded because it exclusively
serves a single large customer.

Table 3-8: Poughkeepsie Distribution Load Area — Historical Load Growth Estimates (2010-2015)

= [
. 2015 Peak | Design Goamtnllacton(20EEIU0 +) Annual growth trend Sl
Substation ) of
Demand Rating (2010-2015)
Forecast
Inwood Ave 24.6 47.8 94.3% | 109.1% | 94.7% | 97.9% | 103.0% | 100.0% | 0.5% I 6.2%
Reynolds Hin™ 34.7 45.9 113.8% | 108.3% | 106.6% | 105.4% | 100.0% - -2.7% 0.0%
Spackenkill 32.0 47.8 - - 102.5% | 101.4% | 100.4% | 100.0% | -0.8% 0.3%
Todd Hill 22.0 47.8 119.2% | 118.3% | 103.7% | 101.3% | 101.0% | 100.0% | -4.4% 4.5%
Overall load area 78.0 0.0 110.8% | 124.7% | 135.2% | 132.8% | 102.4% | 100.0% | -3.0% 15.5%
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Table 3-9: Fishkill Distribution Load Area — Historical Load Growth Estimates (2010-2015)

= % 0
Substation 2015 Peak | Design Scenthllacton(201im100%) Annual growth trend S Efrror
Demand | Rating (2010-2015) °

Forecast
Fishkill Plains 38.7 52.8 105.2% | 104.5% | 106.4% | 103.1% | 100.0% | 100.0% | -1.2% 1.6%
Forgebrook 26.2 47.4 106.7% | 101.5% | 104.0% | 102.5% | 101.5% | 100.0% | -1.0% 1.6%
Knapps Corners 18.9 47.8 - - 106.9% | 102.1% | 98.5% | 100.0% | -2.3% 2.3%
Merritt Park 30.3 52.2 100.1% | 102.4% | 98.7% | 98.1% | 99.1% | 100.0% | -0.3% 1.5%
Myers Corners 21.0 35.1 132.2% | 126.9% | 127.5% | 121.0% | 100.1% | 100.0% | -7.0% 6.1%
North Chelsea 19.1 48.3 78.8% | 95.9% | 99.0% | 99.7% | 98.5% | 100.0% | 3.3% - 6.1%
Sand Dock 4.3 8.0 108.3% | 102.5% | 111.6% | 101.7% | 100.5% | 100.0% | -2.1% 4.0%
Shenandoah 9.2 18.0 106.3% | 99.2% | 104.7% | 110.8% | 106.3% | 100.0% | -0.2% 4.9%
Overall load area 179.0 0.0 113.6% | 107.7% | 102.9% | 98.9% | 92.9% | 100.0% | -3.4% 4.1%

Table 3-10: Poughkeepsie Industrial Load Area — Historical Load Growth Estimates (2010-2015)

= 0,
. 2015 Peak | Design Scenthllactod(201=100%) Annual growth trend SRl
Substation ) of
Demand Rating (2010-2015)
Forecast
Barnegat 8.5 47.8 103.7% | 116.2% | 120.5% | 116.0% | 111.2% | 100.0% | -1.1% 8.6%
SandDock 23.4 51.0 103.9% | 110.4% | 106.8% | 101.3% | 99.5% | 100.0% | -1.6% 3.3%
Overall load area 31.7 0.0 103.5% | 112.0% | 110.8% | 105.4% | 102.4% | 100.0% | -1.3% 4.3%
20
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3.3 Beneficial Locations for DERs

Locations were identified as potentially benefitting from DERs when there was a 5% or greater likelihood
of triggering an infrastructure investment by 2025 (10 years). In total, this includes one transmission area
—the RD-RJ Lines— and four substations — Coldenham, Lawrenceville, Grimley Road, and Woodstock. Two
of the substations, Lawrenceville and Woodstock, are winter peaking. While the locations can benefit
from DER’s, in some instances Central Hudson can provide temporary relief through load transfer or
other low cost steps. For areas that lack distribution engineering options for deferring upgrades further,
more costs are avoided by placing the right type of DERs with the right availability at those locations.

Figure 3-7: Map of Beneficial Locations for DERs

r ot
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4  Avoided T&D Cost Estimates

Historically, avoided T&D cost studies have not
produced location specific estimates and have
not relied on probabilistic methods, which
quantify the risk mitigation value of managing
demand.

The estimates produced here are based on
2,000 or 10,000 simulations of potential load
growth patterns for each substation

and transmission area, respectively. For each
simulation, we are thus able to assess if the
relevant design rating is exceeded, identify the
timing of infrastructure upgrade, quantify the
magnitude of demand reductions needed to
avoid the infrastructure upgrade, and calculate
what the avoided costs associated with deferral
of infrastructure upgrades would be if demand
reductions were in place. The detailed
calculations from each of the simulations at each
location are used to estimate the expected
avoided costs per kW. That is, the probabilistic
method assigns T&D avoided costs when, for
example, only 10% of potential growth
trajectories leads to infrastructure upgrades.
This approach quantifies the risk mitigation
value provided by resources that reduce
demand at the right times at each location.

The purpose of producing avoided T&D costs
estimates is not necessarily to establish
payments or incentives for DERs. The objective
is to allow distributed energy resources to
compete against each other and against
traditional engineering solutions — wires,
transformers, etc. —and thus increase
competition and improve efficiency. The avoided
cost estimates signal to DER providers not only
where DERs are most beneficial but where they
are most likely to be monetized. They also

O Nexanrt

provide a reference point and allow comparison
of DER costs to traditional engineering solutions.

To deliver value, however, DERs needs to ramp
up at the right time and the right place, for the
right hours, with the right amount of availability,
and the right level of certainty.

4.1 Avoided Transmission Costs

Table 4-1shows the avoided cost estimates for
each transmission area and year, as well as

the 10-year levelized avoided cost by location.
None of the areas are expected to exceed the
design ratings over the next few years, but there
is a small probability the ratings will be exceeded
due to the uncertainty in the growth patterns.

For most transmission areas, the probability of
triggering infrastructure upgrades is negligible
even at ten years out. As shown in Figure 3-3,
the likelihood of triggering an upgrade by 2025
is 6.0% for the RD-RJ lines and 2.6% for the WM
Line. Despite the fact that infrastructure
upgrades are low probability events, due to the
magnitude of the anticipated investments —
$5.5M for the RD-RJ lines and $3M for the WM
line —demand reductions provide risk mitigation
value. The 10 year levelized cost for the RD-RJ
lines is 58.05 S/kW-year and $102.11 S/kW-year
for the WM line.

The majority of the transmission areas
experience little or no avoided costs from DER
investments. In practice, all avoided T&D costs
are location specific. Without precise targeting,
the likelihood that reductions defer or delay
transmission upgrades is relatively low. We
include a system wide value, but highlight that it
is a weighted average of beneficial locations and
locations without any T&D avoided cost value



Forecast

Table 4-1: Avoided Transmission Cost Estimates (S/kW-Year) — 2016-2030

Northwest

Transmission (S/kW-year)

Pleasant

Year Ellenville Du'\t/'cf(;ss 115-69 zgfvhlvfat Valley 69 | RD-RJ Lines SD?JL:ZE(ZZ: WM Line Wfézeprlo T(Err:itzorgergj;a
Area kV
2016 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
2017 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
2018 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
2019 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
2020 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $231.66 $0.00 $12.38
2021 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $148.58 $0.00 $233.00 $0.00 $26.65
2022 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $165.01 $0.00 $233.33 $0.00 $31.52
2023 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $139.04 $0.00 $176.03 $0.00 $36.28
2024 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $143.78 $0.00 $175.36 $0.00 $37.42
2025 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $147.15 $0.00 $177.41 $0.00 $38.82
2026 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $144.97 $0.00 $176.77 $0.00 $38.89
2027 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $145.94 $0.00 $177.93 $0.00 $39.47
2028 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $149.59 $0.00 $185.31 $0.00 $55.99
2029 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $148.50 $0.00 $186.25 $0.00 $56.19
2030 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $152.71 $0.00 $187.10 $0.00 $58.02
S/kW-Year
(10-year $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $58.05 $0.00 $102.11 $0.00 $14.33
levelized)

Notes: (1) For semi-targeted and untargeted values, the estimates take into account the % of load in the areas with growth related investments; (2) The discount

rate, 9.43%, was used to annualize the avoided costs; and (3) All values are nominal S.
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4.2  Avoided Distribution Substation Cost Estimates

Table 4-2 shows the 10-year levelized avoided
cost estimates by substation and load area. A
total of three substations have potential avoided

costs — Lawrenceville, Coldeham, and Hunter.

Most substations either have ample room for
growth or declining loads. For a couple of
substations — Grimley and Woodstock — load

growth can be addressed via relatively low cost
permanent load transfers to neighboring

substations. Without targeting, the likelihood
that reductions will be at a location where it

might help defer or delay substation upgrades is
relatively low, diluting the value to $0.23 /kW-

year.

Table 4-2: Avoided Substation Cost Estimates (S/kW-Year) — 10 Year Levelized Value

Load Area

Substation

S/kW-Year

(10-year levelized)

Load Area

Substation

S/kW-Year
(10-year
levelized)

Hunter E $31.46 EastPark
Lawrenceville $275.34 Hibernia $0.00
New Baltimore $0.00 Milan $0.00
1 Northwest |North Catskill $0.00 Millerton $0.00
Vinegar Hill $0.00 Pulvers Corners 13kV $0.00
Westerlo $0.00 | 6 Northeastern |Pulvers Corners 34kV $0.00
Load area (untargeted) | $1.04 Dutchess Rhinebeck $0.00
Boulevard $0.00 Smithfield $0.00
East Kingston $0.00 Staatsburgh $0.00
Hurley Ave $0.00 Stanfordville $0.00
2 Kingston - . ]
) Lincoln Park $0.00 Tinkertown $0.00
Saugerties
Saugerties $0.00 Load area (untargeted) $0.00
Woodstock $0.00 InwoodAve $0.00
Load area (untargeted) $0.00 ~ |Spackenkill $0.00
7 Poughkeepsie ]
Clinton Ave $0.00 ToddHill $0.00
Dashville $0.00 Load area (untargeted) $0.00
Grimley $0.00 Fishkill Plains $0.00
3 Ellenville
HighFalls $0.00 Forgebrook $0.00
Honk Falls $0.00 Knapps Corners $0.00
Load area (untargeted) $0.00 Merritt Park Industrial $0.00
Galeville $0.00 8 Fishkill Myers Corners $0.00
Highland $0.00 North Chelsea $0.00
4 Modena |Modena $0.00 Sand Dock $0.00
Ohioville $0.00 Shenandoah $0.00
Load area (untargeted) $0.00 Load area (untargeted) $0.00
Bethlehem $0.00 9 Poughkecosi Barnegat Industrial $0.00
oughkeepsie
Coldenham .:l $119.91 Indgustriarlj '® |sand Dock Industrial $0.00
East Walden $0.00 Load area (untargeted) $0.00
Marlboro $0.00 10 Fishkill Shenandoah Industrial $0.00
5 Newburgh )
Maybrook $0.00 Industrial Load area (untargeted) $0.00
Union Ave $0.00
West Balmville $0.00
Load area (untargeted) $0.60
Territory wide (untargeted) $0.23

Notes: (1) For semi-targeted and untargeted values, the estimates take into account the % of load in the areas with growth

related investments; (2) The discount rate, 9.43%, was used to annualize the avoided costs; and (3) Values are in $2016.
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Table 4-3 summarized the expected avoided costs (in nominal $) by year for each substation with

potential for avoided costs.

Table 4-3: Substation Locational Specific Avoided Cost by Year (S/kW)

FO;::;:SJE Coldenham Hunter Lawrenceville
2016 $0.00 $0.00 $0.00 $0.00
2017 $0.00 $0.00 $0.00 $0.00
2018 $0.00 $0.00 $0.00 $0.00
2019 $0.00 $0.00 $0.00 $0.00
2020 $0.00 $0.00 $414.81 $0.03
2021 $343.87 $0.00 $544.89 $0.19
2022 $292.97 $0.00 $607.05 $0.43
2023 $285.85 $0.00 $610.35 $0.62
2024 $298.68 $445.78 $604.95 $0.85
2025 $313.39 $0.00 $649.32 $0.95
2026 $324.93 $626.94 $628.66 $1.07
2027 $321.31 $655.33 $578.95 $1.14
2028 $316.23 $648.10 $687.88 $1.25
2029 $313.80 $653.86 $616.11 $1.25
2030 $339.49 $698.17 $595.83 $1.45

S/kW-Year

(10-year $119.91 $31.46 $275.34 $0.23

levelized)

Notes: (1) For system-wide untargeted values, the estimates take into account the
likelihood reductions would be in areas with value (2) Values are in nominal dollars.

4.3 Total Avoided System Cost Estimates

Table 4-4 summarizes the system wide avoided
T&D costs by year and includes the 10 year net
present value used to annualize future value. As
noted several times, in practice, all avoided T&D
costs are location specific. Without precise
targeting, the likelihood that reductions defer or
delay transmission upgrades is relatively low. For
system-wide untargeted values, the estimates
take into account the likelihood reductions
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would be in locations with value due to random
chance. We emphasize that system wide value is
essentially a weighted average of a few
beneficial locations with numerous locations
where reductions do not lead to avoided T&D
costs. As beneficial locations are included for
non-wire projects, they are removed from the
system-wide value.
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Table 4-4: System Wide Avoided T&D Cost Estimates for 2016—-2026

Distribution

Forecast Year Substation Transmission
2016 $0.00 $0.00 $0.00
2017 $0.00 $0.00 $0.00
2018 $0.00 $0.00 $0.00
2019 $0.00 $0.00 $0.00
2020 $0.03 $12.38 $12.41
2021 $0.19 $26.65 $26.84
2022 50.43 $31.52 $31.94
2023 $0.62 $36.28 $36.90
2024 50.85 $37.42 $38.27
2025 $0.95 $38.82 $39.76
2026 $1.07 $38.89 $39.95
2027 $1.14 $39.47 $40.62
2028 $1.25 $55.99 $57.24
2029 $1.25 $56.19 $57.43
2030 $1.45 $58.02 $59.47

10 Year
Levelized Cost $0.23 $14.33 $14.55
(S/kW-year)

Notes: (1) For system-wide untargeted values, the estimates take into account the
likelihood reductions would be in areas with value (2) Values are in nominal
dollars
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5

Key Findings and Conclusions

The key findings from the analysis are:

Most substations and transmission areas
are experiencing declining loads or have
ample room for growth over the next 10
years.

The expected avoided costs vary by
location and year and are highly
concentrated. Avoided costs are realized if
additional resources are placed in the right
locations. Without targeting, the value of
distributed resources is diluted.

For many distribution substations and
transmission areas that have expected
growth, the potential for avoided
infrastructure upgrades through DER
resources is minimal because there is
already sufficient capacity built in the area
to meet load growth.

The avoided cost estimates reflect the
uncertainty in the forecasts and the risk
mitigation value of demand management.
Despite a low likelihood of exceeding
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design rating in the next 10 years, DER
resources can provide risk mitigation value
at targeted transmission areas and
substations if they are at the right
locations, target the right hours, and are
available at the right times.

= |n practice, all avoided T&D costs are
location specific. For system-wide
untargeted values, the estimates take into
account the likelihood reductions would be
in locations with value due to random
chance. Without precise targeting, the
likelihood that reductions defer or delay
transmission upgrades is relatively low.

The study demonstrates the value of developing
T&D avoided cost estimates at a local level using
probabilistic methods. Because the
methodology is relatively novel, it may require
future refinements and improvements. Future
studies can be further bolstered by conducting
sensitivity analyses and refinement of
engineering rules, which trigger T&D
infrastructure upgrades.
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Appendix A Econometric Models Used to Estimate Historical Growth

The econometric models were purposefully designed to both estimate historical load growth in
percentage terms and allow us to weather normalize loads for 1-in-2 weather peaking conditions.

The key to this process was to model the natural log of the daily peak loads as the dependent variable and
include year-specific coefficients to estimate the percent change in loads, after controlling for other
factors. By using the natural log as the dependent variable, all of the explanatory variables reflect the
percent change in load associated with a unit change in the independent variable.

The regressions were estimated on the highest 75 local peak days for each year in the 2010 to 2015
timeframe for a total of up to 450 observations per location. The goal was to include a sufficient number
of days that reflected peaking conditions for each year. The number of observations by location varies
slightly because of differences in the amount of data available and because peaks occurring on weekends
or holidays were excluded. The model estimated daily peaks as a function of weather interacted with day
of week, month, and historical year. Weather was included using a process that avoids assumptions about
the type of relationship between weather and load. Rather than assume a constant linear relationship,
the weather data is split into equally sized bins and a separate relationship is estimated for different
temperature ranges—also known as a spline regression. All models were estimated using time series
methods to take into account auto-correlation.’

Figure A-1 illustrates the model output for one location. A separate model was estimated for each
substation, transmission area, and planning area. The model explained 98.3% of the variation and, more
importantly, produced estimates of the percent change in loads—the load growth—relative to 2010,
after controlling for weather, day of week, and other factors. Figure A-2 shows the year-to-year growth
and the general trend. The growth trend and the amount of year-to-year variation differ by location

and are central to developing the probabilistic load forecasts. In addition, the confidence bands for the
historical growth estimates are linked to the explanatory power of the models. When explanatory power
is high, confidence bands are tight. When explanatory power is lower, confidence bands are broader.

The estimates of year-to-year historical load growth also were used to assess the degree to which growth
patterns are related to each other—that is, the degree to which growth in the prior year predicts growth
in the following year, technically known as auto-correlation. Each individual site had a limited number of
individual year growth estimates—five years at most—so the estimate of auto-correlation was developed
across all sites. The auto-correlation in growth was 0.75 for substations and 0.52 for transmission areas.

> We relied on an iterative feasible GLS model with first order auto-correlation. Other time series options—such as ARIMA and
the Newey-West model—do not handle gaps in the time series as easily. All options, however, produce consistent estimates.
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Figure A-1: Example Load Growth Econometric Model
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Figure A-2: Example of Historical Load Growth Estimates
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Introduction

Change to the electric grid is occurring due to the addition of dis-

tributed energy resources (DER). The result is a new set of challeng-
es for planning and operating the grid, especially on the distribution
system that serves these new resources. Utilities are faced with mak-

ing decisions on how to consider this growing penetration of DER.

With this change in mind, the New York State Public Service Com-
mission (PSC) issued an Order Instituting Proceeding to launch its
Reforming the Energy Vision (REV) initiative. This initiative aims
to reorient both the electric industry and the ratemaking paradigm
and intends to more fully integrate and utilize distributed energy

resources (DER) with distribution planning and operations.

The Joint Utilities of New York are required to establish a structure
for a transparent planning process in addition to identifying where
DER can be best accommodated. Separately, utilities must identify
where DER participation may provide the greatest benefit on local

distribution systems.! As both methodologies are established and
mature, they can then be quantified and integrated together into a
single map. Advances in distribution planning methods are expected
to help provide visibility, consistency and transparency into the

process.

For these things to become reality, there is a need for a consistent
method to understand impacts of distributed resources in the elec-
tric system. A foundational element these analyses is the capability

to assess the ability of distribution systems to “host” DER capacity.
y Yy Y.

Hosting capacity is defined as the amount of DER that can be
accommodated without adversely impacting power quality or reli-
ability under existing control configurations and without requiring

infrastructure upgrades.

Hosting capacity assessments should consider a wide range of

grid impact factors, including voltage/flicker, protection, thermal
impacts, as well as safety, reliability, and power quality. The range of
DER a feeder can host depends on the location of interconnection
and the characteristics of both the feeder and DER. Additionally,
hosting capacity will change over time as load, DER and circuit

configurations changes.

Models of the entire distribution system are necessary to perform
hosting capacity analysis. Hosting capacity is intended to inform
interconnection processes and facilitate DER developer understand-
ing as to where there may be more costs to interconnect. It is also

foundational to planning the distribution system of the future.

While hosting capacity analysis is foundational and also enables
other more advanced system analysis, there are also challenges to
utilizing this method to its fullest today. The main challenge consists
of the data and models needed to perform the analysis. In most
cases, utilities do not have their entire system modeled. Data that
currently exist on paper needs to be translated into the planning
tools utilities use and validated based on current operating condi-
tions. In addition, the existing DER needs to be captured within
utility planning/GIS tools to be able to be utilized as part of the
evaluation process. Currently utility planning tools are beginning
to incorporate this method as part of the analysis toolset, but this

process will take time.

1 Joint Utilities — Informal Feedback on Draft Report of the Market Design
and Platform Technology Working Groups — July 31, 2015
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the DSP’s responsibility to identify where DER adversely impacts

In this whitepaper an approach and method is recommended by
the NY Joint Utilities to be applied to DER hosting capacity in NY
State. It focuses on methods that support the REV objectives related
to effective integration of DER. The main outcome of this paper is
to inform stakeholders of the recommended approach and methods,

needs and challenges for implementation, and applications in NY.

Hosting Capacity Analysis Described

Providing safe, reliable, and affordable service to all customers re-
mains paramount and the responsibility of the distribution utilities.
With the addition of DER, utility engineers must ensure it does
not adversely impact power quality or reliability. Currently, custom-
ers and developers, as well as utilities, do not have visibility into

the potential impacts of DER across the distribution system and
where DER may have less of an impact. Performing detailed studies
requires a great deal of data and time, but there is a need to better
understand: How much DER can be accommodated, what poten-
tial issues may arise over time, as well as where DER can be more

optimally located.

What is it and Why is it so Important?

This “hosting capacity” of a distribution system is the amount of
DER that can be accommodated without adversely impacting power
quality or reliability under existing control configurations and with-
out requiring infrastructure upgrades. Hosting capacity can vary
across feeders, along a single distribution feeder, as well as within

a secondary distribution system. Hosting capacity will also change
over time as the distribution system infrastructure and operations
change. Hosting capacity can sometimes be increased with infra-
structure upgrades or through the use of DER with smart inverters”

or other advanced control schemes.

Responding to the DSIP Order issued in April, the Joint Utilities
of New York are seeking a structured and transparent planning

process as part of the DSIP. Under this planning process, it will be

2 Grid Impacts of Distributed Generation with Advanced Inverter Functions:
Hosting Capacity of Large-Scale PV Using Smart Inverters. EPRI, Palo
Alto, CA: 2013. 3002001246.

3 Joint Utilities — Informal Feedback on Draft Report of the Market Design
and Platform Technology Working Groups — July 31, 2015.

4 Joint Utilities — Informal Feedback on Draft Report of the Market Design
and Platform Technology Working Groups — July 31, 2015.

5 Impact of High-Penetration PV on Distribution System Performance:
Example Cases and Analysis Approach. EPRI, Palo Alto, CA: 2011.
1021982.

the distribution system and where DER participation provides the

greatest benefit to the local distribution system.?

The objectives are to provide increased transparency as to where
each utility has hosting capacity, provide developers/customers vis-
ibility into better or worse locations for DER, and to understand
where and how DER impacts the entire distribution system. Over
time, combining this analysis with existing DER penetration and
long-term DER forecasts, it can help inform where infrastructure

upgrades may be considered.

Hosting Capacity: Providing a Foundation

The concept of hosting capacity is not new, but the uses of it are
becoming more widespread as the industry needs a comprehensive
approach to understanding the impacts of DER. The concept of
hosting capacity and associated methods for analysis were first intro-
duced to the US industry back in 2011,%° in which EPRI published
a consistent, repeatable, and transparent method for performing
detailed hosting capacity studies. EPRI then worked with many
utilities through the next few years and examined millions of PV
deployment scenarios across dozens of distribution feeders.” The en-
gineering time associated with the detailed study on a single feeder
was on the order of weeks and required significant engineering and
computation time to perform. The lessons learned from this broad
industry effort led EPRI to develop a more streamlined and efficient
method to determine feeder hosting capacity for PV and other
forms of DER, thus allowing engineers to analyze feeders within a
matter of minutes using automated methods that work with existing
distribution planning tools. Due to automation, this method can be
applied across an entire distribution system service territory. Work-
ing with a number of utilities, over 3000 distribution feeders have
been analyzed to date using this methodology. EPRI is also working
with vendors of commercial distribution planning tools for incorpo-

ration into their existing toolset.®

6  Analysis of High-Penetration Solar PV Impacts for Distribution Planning:
Stochastic and Time-Series Methods for Determining Feeder Hosting
Capacity. EPRI, Palo Alto, CA: 2012. 1026640.

7 Distributed Photovoltaic Feeder Analysis: Preliminary Findings from
Hosting Capacity Analysis of 18 Distribution Feeders. EPRI, Palo Alto, CA:
2013. 3002001245.

8 A New Method for Characterizing Distribution System Hosting Capacity
for DER: A Streamlined Approach for PV. EPRI, Palo Alto, CA: 2014.
3002003278.
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The simulations and impacts observed through application of
the Streamlined Approach on specific feeders can be beneficial in
determining how DER can impact the distribution system as well as

providing the utility criteria for the particular feeder.
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Figure 1 — Broad Application of Utilities Participating in EPRI’s Hosting
Capacity Projects

The hosting capacity method that has been defined and implement-
ed has been used by utilities across the country and internationally
(Figure 1). Hosting capacity methods have served as a foundation

and have been built upon in order to perform:

*  Mapping: One requirement of the DSIP guidance is for DER
developers and others to have greater visibility into what areas
of the utility system may be better suited for accommodating
DER. The ability to provide maps, similar to what has been
done in California, has been a central discussion point as it
relates to streamlining interconnection processing in NY. Hav-
ing a defined hosting capacity method gives developers/others
the ability to understand better/worse locations for DER on the

system as an indicator of potential costs.

There are some considerations concerning the presentation of
this information that must be understood. Maps illustrate a
point-in-time representation of the hosting capacity. Any new
applications that have been received into the queue, approved
or installed, may not be represented on a previously-developed
map and could impact the hosting capacity. Similarly, any
change in utility operation on particular portions of the feeder
may also change the hosting capacity. Due to the operational
requirements of the distribution system and rate of application
acceptance, the information provided is not real-time. As such,
utilities should clearly identify the date on which the analysis

was performed and have an established refresh process.

ng a Roadmap for Successful Implementation of a Hosting Capacity Method for New York State

»  Interconnections: A key objective outlined in the Track 1 Order
is an improved interconnection process and establishing greater
consistency across the state. Hosting capacity information helps
guide developers to apply for interconnection where detailed
engineering studies are less likely to be required, improving
efficiency of the process. As hosting capacity reaches advanced
stages, incorporation into internal processes could help facilitate

the interconnection process.

There are similar challenges with interconnection as with map-
ping. Particularly important in this process is to ensure that
DER applications in the queue and existing DER are consid-
ered. The frequency of updates to this data and of refreshing the

hosting analysis should be done as applications are approved.

o System Planning: As the NY utilities develop an integrated

planning roadmap, hosting capacity analysis is a critical piece

in the analytical framework and methodologies needed. Host-
ing capacity can be enhanced with load and DER forecasts to
evaluate different planning scenarios on a feeder-by-feeder basis.
Under these scenarios, utilities can evaluate potential mitigating
factors, infrastructure upgrades, as well as a system-wide cost
benefit assessments of DER. In the future, this enhanced level
of analysis will enable utilities to determine the ability of the
distribution system to utilize services from DER, the impacts of
DER on grid reconfiguration, operational strategies, as well as

smart inverter technologies.

*  Locational Value: The ability to determine variations in loca-
tional value of DER for grid operations is a key objective of
REV. The data, tools, and processes utilized in hosting capacity
analysis can also help identify locations where benefit from DER

can be maximized without incurring additional costs.

Implementation Plan — A Roadmap to Success-
ful DER Integration

While an effective hosting capacity method has been developed

and is compatible with existing planning tools, implementation of
hosting capacity analysis requires time and resources to obtain and
maintain the required data necessary for application across an entire
distribution service territory. Each utility may be starting from a
different state of readiness with respect to the necessary data. There-
fore, a phased approach is recommended (Figure 2) that outlines a
roadmap to fully integrated DER value assessments. This implemen-

tation roadmap would provide increased effectiveness, complexity
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»

Stage 4 -

Integrated DER
Stage 3 - Value
Advanced Assessments

Stage 2 — Hosting

Hosting Capacity
Stage 1- Capacity Evaluations
Distribution Evaluations

Indicators

Figure 2 — Phased Implementation Plan

and data requirements over time. It should also be noted that initial
efforts will focus on solar PV in New York State, but other DERs

can be prioritized into the process. The four phases include:

*  Phase 1 Distribution Indicators — Recognizes specific indicators
that contribute to hosting capacity based on available data, but

does not represent a complete hosting capacity evaluation

*  Phase 2 Hosting Capacity Evaluations — Evaluation of hosting
capacity on a feeder-level basis considering the key components
of DER impacts

*  Phase 3 Advanced Hosting Capacity Evaluations — Evaluation of
the hosting capacity on the more granular (node) level includ-
ing considerations for operational flexibility and transmission

constraints

*  Phase 4 Fully Integrated DER Value Assessments — Hosting
capacity assessment combined with DER value assessments
that identifies potential benefits including improved efficiency,
reliability, and capacity deferral. Means for increasing hosting

capacity through use of smart inverters and storage.

Utility Challenges

An entire distribution service territory often consists of multiple large
planning areas where substations and feeders have widely varying
design and control parameters. As portrayed in Figure 3, within each
planning area, utilities may have tens to hundreds of substations that
connect and deliver energy from the transmission system to serve
hundreds to thousands of different distribution feeders. Each of these
feeders are outfitted with equipment for providing both voltage con-
trol and system protection with custom settings to enable the utility

to serve all customers in an efficient and reliable manner.

Within each service territory there may be thousands to millions of
service transformers that deliver power from the medium voltage
down to a more usable, low-voltage service level. These transformers
distribute this service through multiple secondary systems that con-
nect each service transformer to individual residences, commercial

buildings, and industrial complexes.

Therefore, located at the very “edge” of the grid — the typical distri-
bution utility can have from hundreds of thousands to millions of
customers— all served by a vast and diverse number of feeders, substa-
tions, planning areas, and ultimately an entire distribution service
territory. Planning for and integrating large amounts of DER located

near the “edge” of the grid, as a result, can be quite a challenge

Throughout a service territory, utilities may or may not have dis-

tribution feeder models of the system. In some cases, distribution

Typical

Distribution

Utility

Service Territory 1

Planning area 15-10%

Substations 10's - 100's

Feeders 100s -
1000's

Service 1000s -

Transformers 1,000,000's

Customers 100,000's -
1,000,000's

Distribution diagrams courtesy of Salt River Project

Figure 3 — Characteristics of a Typical Distribution Service Territory

feeder models have not necessarily been required for traditional
planning purposes where there is only one-way power flow. In such
cases, it is not uncommon for utilities to rely on other means for
planning that do not require detailed load flow and take advantage
of experience combined with other data repositories such as GIS,

asset documentation, and customer information systems.

In some cases only a limited number of distribution models are avail-
able. This typically occurs as a result of model development on an as-
needed basis. Model development can be a time-consuming exercise.
Utilities are now in the process of documenting the system in a more

detailed fashion in light of the need to study DER interconnections.
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With growing penetration of DER, more detailed models are re-
quired. While traditional rules of thumb have proven quite effective
through the years, with the proliferation of DER, non-model based

techniques of system analysis are no longer suflicient.

Through effective modeling of the distribution system a broad range
of benefits can be realized from improved confidence in decision
making to increased efficiency of DER impact assessments, visibil-
ity into the distribution system, and better utilization of existing
assets. Rather than relying on rules-of-thumb, model-based analysis
methods enable utilities to more accurately assess DER impacts on
the distribution system. Models also allow utilities to better evaluate
solutions to accommodate DER and perform value determinations.
When models are readily available, utility engineers can also save
considerable time assessing the impacts of DER. Variations in grid
and DER conditions can be evaluated allowing distribution engi-
neers to consider a wide range of possible conditions by which DER

can interact with the grid.

Hosting capacity analysis is a prime example where distribution
feeder models are required in order to effectively determine grid

impacts due to DER.

Developing and maintaining distribution models that cover the
breadth (large number of feeders) and depth (clarity and fidelity
through each feeder) allows utilities to better reflect grid assets and
performance across the entire distribution system and at the “edge”
of the grid. Depending upon where a utility resides on the spectrum
of distribution system modeling (breadth and depth), the time it
takes can be rather significant (man-months to years) to develop dis-
tribution system models with the necessary “breadth” and “depth,”

and this model expansion will come at an added cost.

As the grid is modernized, available and valid data will become more
prevalent but it still remains a difficult and time consuming process
to incorporate into planning models. One aspect of this difficulty in
modeling will be an abundance of data and knowing what is perti-
nent to the feeder model. Utilities are in the process of document-
ing the system in a more detailed fashion and developing accurate

system models in the process.

Industry guidance regarding distribution system modeling require-
ments, gaps, and prioritizations are covered extensively in a recent
EPRI report.’

9 Integration of Hosting Capacity Analysis into Distribution Planning Tools.
EPRI, Palo Alto, CA: 2016. 3002005793.

Feeder Models and Associated Data

‘The vast majority of data needed to perform the hosting capacity
analysis are based on “typical” distribution feeder models which
distribution planners use today. Valid electrical feeder models will
need to include feeder medium voltage lines and regulation equip-
ment, customer loads modeled as they are in the field (location and
phase), and substation equivalent impedance. Additional data that
may or may not be readily available include non-peak solutions for
the feeders as well as accurate models of regulation equipment (set-

tings, etc).

In order to perform this type of analysis across an entire distribution
system, a large amount of validated data is required. Since not all
utilities have models of their entire distribution system, filling this
data gap is a priority to utilizing a hosting capacity method. In NY,
the main challenges are to populate the utility tools with data that
has not been previously tracked, data that may be kept on paper,

and current operating conditions that may have changed.

Another consideration is the type of system being modeled. In New
York, there are both radial and network systems. Radial systems
employ a hub and spoke configuration to transfer power from high-
voltage lines to low voltage customer premises while network systems
maybe designed to suffer two failures (hence the designation as de-
signed to a N-2 contingency) without interrupting loads as depicted
in Figure 4. The result is reliability up to two orders of magnitude
better than can be achieved with radial systems. Due to the different

designs of these systems, the modelling needs are different.

Ntwork
transdormer
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1o -]
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Radial Network

Figure 4 — A typical radial distribution feeder and network distribution
system
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Opver time, distribution feeders change due to new customer inter-

connections, planned upgrades, maintenance, outage restoration,
etc. Additionally, new DER is being added on an ongoing basis.
Maintaining system models is an ongoing process. Capturing the
existing “status” of DER in addition to the traditional distribution
assets will be key to creating valid distribution models. This requires
new processes be established to track this data and incorporate it
into planning models. A refresh cycle must also be established that
provides a timeline for regular updates to the existing approved

and installed DER. One example of the importance of this step is
illustrated in Figure 5 with the continued growth in PV penetration
across the NY utilities. The number of systems, size of systems, and
location of systems in the queue must be considered as part of any

hosting capacity assessment.

Cumulative Connected Distributed PV (MW)
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Figure 5 — Installed DER in NY State (Cumulative and Fraction of Peak
Demand)

Hosting Capacity and Load Levels

With the introduction of DER, it is essential to consider
non-peak load conditions as a distribution feeder hosting
capacity changes throughout the day as load varies. With
solar PV, for example, the most limiting constraint may
occur during low-load conditions when the load is at or
near minimum values. This can be quantified by examin-
ing DER impacts with feeders at minimum daytime load.
However, utility planning methods have traditionally
focused on optimizing system design for peak loading con-
ditions. As a result, the toolsets and data sources will need

to be adopted to consider non-peak solutions as well.

Distribution Planning Tools

Utilities currently use load flow analysis tools from several vendors
for planning purposes. This core functionality needed to perform
hosting capacity analysis (load flow and short-circuit analysis) is
available within these tools. Rather than retooling, the hosting
capacity method can be an add-on that can work within existing
distribution planning tools. Using tools distribution planners are
familiar with today, the method can also leverage the existing avail-
able data set to provide a much needed new functionality. Distribu-
tion planners are enabled to use this tool on an as-needed or regular
basis to analyze individual feeders or the entire distribution system.
This analysis can be done in conjunction with traditional distribu-
tion planning and grid modernization assessments. By utilizing this
tool, the translation of models between platforms is alleviated and

improves data management and upkeep in the process.

Integration of the hosting capacity method into the common plan-
ning tools is currently underway with the expectation that most
planning tools will have the ability to perform hosting capacity
analysis in the next 2-3 years. EPRI is releasing the methodology in
2016 such that it is compatible with the most commonly utilized
planning tools and one vendor is adopting the methodology with

the planned release of 2016 as well.

10 Distribution Modeling Guidelines: Executive Summary, Recommendations
for System and Asset Modeling for Distributed Energy Resource
Assessments. EPRI, Palo Alto, CA: 2016. 3002008894.
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Impact Factors that Contribute to Hosting Capacity
‘The main factors that drive the amount of DER that can be hosted
are: 1) DER location, 2) DER technology, and 3) feeder design

and operation. These factors act as inputs to the hosting capacity

Phase 1 = Indicator Assessment

Recognizing that a true hosting capacity assessment requires distri-
bution feeder models and not all utilities have the present tools and
darta to model their entire system, distribution indicators will be used
to provide information to identify areas where DER can be accom-
modated on distribution feeders fed from each substation. Possible
indicators would include such items as estimated level at which sub-
station backfeed may occur, feeder voltage class, radial vs. networked,
etc. Indicators will vary by utility based on the data that is available.
Utilities are currently making “red zone” maps available based on
these indicators to help provide visibility into locations where there

may be a cost to connect.

These indicators will allow developers to consider the type of con-
straints that may exist in different areas they are considering installa-
tions. Locations along feeders where specific limitations may reside are
not considered. Feeder-level hosting capacity, where actual calculations

will be performed at the feeder-level will be considered in Phase 2.

Phase 2 — Hosting Capacity

In Phase 2, there is a need to ensure a certain level of standardiza-
tion across the utilities in how they plan and develop hosting capac-
ity requirements. As described in Figure 6, it is key that the hosting
capacity method must provide enough granularity such that it can
distinguish the important factors: location, feeder design and opera-
tion, and DER technology. The method must be scalable in order
to analyze entire distribution systems but also repeatable to con-
sider individual feeder modifications. Transparent and proven (i.c.,
validated) methods should also be used in order to gain confidence
in the results obtained through hosting capacity analysis. Lastly,

the method must be available such that readily accessible data and

distribution planning tools can be utilized.
Granular » Capture unique feeder-specific responses

» As distribution feeders change

Repeatable

Scalable « System-wide assessment

Transparent » Clear and open methods for analysis
Proven * Validated techniques

Available « Utilize readily available utility data and tools

Figure 6 — Fundamental Requirements for Hosting Capacity Method

method and impact the output of the method.

DER Location — The hosting capacity for any feeder is not one single
value but a range of values that depend upon a number of factors,
mainly DER location. An effective method must consider all possible
single, centralized locations along a feeder as well as the aggregate
impacts of highly distributed DER. Also inherent to DER location is
the consideration of phasing of the feeder at that location, i.e., con-

nected to the three-phase main trunk or a single-phase lateral.

EPRI research has shown that significant levels of small DER spread
throughout a single distribution feeder can have a considerable
adverse impact on the distribution system performance. This is often
neglected in many studies. Likewise, the impact of large centralized
DER has been shown to have a significant but widely varying impact

depending upon where it is located along the distribution system.!°

The amount and location of existing DER that are already intercon-
nected can greatly impact the hosting capacity of any given feeder

and therefore must be taken into consideration as well.

DER Technology — The type of DER is another critical component
since variable DER such as solar and wind have a vastly different
distribution impact when compared to other forms of dispatchable
DER such as energy storage. The differences primarily emanate from
the ability, or lack thereof, to control the DER and when the DER
is available. Care must be taken when considering specific technolo-

gies and how they interact with the grid as shown in Figure 7.

Variable generation such as solar and wind are similar in that they
are for the most part non-dispatchable resources. Even though

they are both an intermittent resource their impact to the system

is dependent on the time of day they provide power. The impact

of inverter-based technologies can change when advanced inverters
that have additional grid support functionality are used. In some
cases, this functionality can help reduce the impact of the intermit-
tent resource by providing voltage support. However, advanced
inverters may not always reduce impact. Identifying the appropriate

settings for operation is critical.
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Figure 7 - The Technology

The Hosting Capacity method should be technology neutral and be
able to consider any type of DER by inputting various load shapes.
The specific technology determines how the analysis is setup to
properly quantify the unique impacts of the particular resource. PV
is the most prominent technology being installed currently and the

near term focus of efforts in NY.

Feeder Design and Operation — Distribution feeder characteristics
also determine how much DER can be hosted. Voltage class, feeder
topology, and load location are just some of the factors that deter-
mine what level can be accommodated and where. Additionally, the
operation of the system, like voltage control schemes and radial/net-
work topology, can have an impact on the amount of DER that can
be accommodated and where. As load varies over time, the amount
of DER that can be integrated is impacted as well. For example,
with solar PV the most limiting load level often occurs during mid-

day when some feeders are at their minimum load levels.

The Hosting Capacity method must consider the actual feeder
design and operation. These characteristics result in a dynamic
interaction that must be examined in the power flow solution of the
complete feeder model. Figure 8 summarizes hosting capacity results
on 28 different feeders. Each has a unique hosting capacity based on
the factors described above when looking at PV.

25
| —
) Some upgrades
8 necessary depending
i upon DER location
10

Hosting Capacity (MW)

—_
o o

DO
—
ra
(# ]
4

Figure 8 — The Feeder
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Necessary Criteria for an Effective Method

Using these items as inputs, there are a range of different outputs
that result from the analysis of each impact shown in Figure 9.
Utilizing these outputs, the distribution utility can make a decision
not only about interconnection impact, but also about how the
operation of the feeder may be impacted in the future as penetra-

tions increase.

Power System
Criteria

Reliability/
Safety

‘Power Quality/
Voltage

Protection

Unintentional
islanding

Relay reduction
of reach

Sudden (fast) {i
voltage change

Substation
transformer

Primary
conductor

Transformer

Operational
flexibility

'Sympath'ét'l'c
tripping

St'ead\r-sta't'e
voltage

Element
LTC impact SHITSHE

S‘e_‘con"da'ry Capacitor . Reverse power
Conductor switching impact flow

Figure 9 — Power System Criteria for Determining Hosting Capacity

A summary of the various criteria that can impact hosting capacity

includes:

Voltage: The hosting capacity on a particular feeder will be depen-
dent on the planning criteria used for the calculation. Operating
conditions such as conservation voltage reduction (CVR) could
reduce the hosting capacity. These feeders may have additional
headroom before reaching the ANSI voltage limits, but the oper-
ating strategy may dictate the voltages be kept at lower levels. In
addition to overvoltage, the hosting capacity can also be limited by
how much the DER changes the voltage. Voltage changes (devia-
tions) may not have a strict ANSI threshold; however, they could
cause voltages to suddenly swing above/below operating limits. In
addition, this can cause additional control (regulator/capacitor)
operations or tripping of sensitive equipment and impact the power

quality for existing distribution customers.

Thermal Overload: Distribution assets such as lines and transform-
ers have certain capacity ratings that should not be exceeded or the
asset may violate a safety standard (e.g., overhead line clearance),
undergo shortened life and/or experience an unexpected failure.
While DER can in many cases reduce the thermal loading on lines
and transformers, increased levels of generation that cause backfeed
(reverse power flow) can reach and/or exceed the thermal limits of
assets. This type of condition can occur if the DER produces energy
during low-load periods or if the DER is located remotely from the
local feeder load.

Protection: As mentioned previously, system protection is another
critical aspect that can determine hosting capacity. Utilities must
retain the ability to detect and isolate faults as well as provide service
restoration to all customers in a timely fashion. The addition of
DER can affect the utility’s ability to perform these functions, and
therefore must be considered when determining hosting capac-

ity as well. Common impacts from integration of DER s include:
nuisance fuse blowing, misoperation of equipment, increased short-
circuit current, unintentional islanding, and sympathetic tripping of

the feeder.

While the fault contribution from inverter-based generation can
be short in duration due to fast acting controls, other forms of
machine-based DER that utilize synchronous or induction ma-
chines can yield much higher fault currents. The type of DER and
its associated fault current response must be appropriately quanti-
fied and considered. Standard fault current analysis can be used to
compare the fault response with and without the DERs to evaluate

the potential impact on system protection.

Reliability/Safery: Anti-islanding remains a concern even with the
presence of inverter destabilization controls that are constantly
searching for the islanded condition. An issue with these destabiliza-
tion controls is that conflicting objectives between various brands
of inverters can potentially delay or miss the detection of an island
before automatic feeder control devices try to reclose on the island.
Using a direct transfer trip or ensuring there is an active and reactive
power mismatch are the most definite ways to prevent an uninten-
tional island but would either add significant cost or could severely

limit the amount of DER on the feeder.

Additionally, operational flexibility must be considered to accurately
capture the impact of DER. Distribution planners regularly recon-
figure the system due to load growth changes, system maintenance,

and system contingencies. As the distribution operator reconfigures
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the distribution system, the hosting capacity of the feeder(s) can
vary considerable.!" These conditions must be included to capture
the hosting capacity for each of the scenarios. If not considered,

reconfiguration capability (operational flexibility) could be limited.

Applying an Analytical Framework

Given the requirements of the hosting capacity method defined
above as inputs and outputs, the analytical approach required to
perform this type of analysis can be identified. An illustrative ex-
ample of how hosting capacity calculations are performed is shown

in Figure 10.

Utilizing the hosting capacity method, the distribution feeder
model can be analyzed with a series of loadflow and fault studies.
The loadflow study provides voltages, element loading, load alloca-
tion, and connectivity of the model, while the fault study provides
impedance/resistance/reactance data. A baseline feeder performance
is established based upon feeder voltages, thermal loadings, and

short-circuit response. This should include any existing DER on the

Baseline Power flow/short-circuit

> Select DER location

Increase DER —

Apply Power System Criteria

|
v

Hosting

Capacity
Limit?

Figure 10 — Example of Streamlined Hosting Capacity Analysis Method

11 Distributed Photovoltaic Feeder Analysis: Preliminary Findings from
Hosting Capacity Analysis of 18 Distribution Feeders. EPRI, Palo Alto, CA:
2013. 3002001245.

Substation

feeder as well as in the queue.

Once the baseline feeder response is determined, locations along

the feeder are examined. At each electrical “node”'? in the model,
the DER capacity at that location is increased. The impact of that
location and capacity of DER is then examined by comparing feeder
response to the power system criteria (Figure 9). The DER capac-
ity is then increased until one of the several power system criteria is

violated or some other system constraint is found.

The DER assessments are also then performed by applying various

DER “scenarios.”

These scenarios make up the basis of the DER impact analysis. Each
scenario results in a node-specific hosting capacity for DER at a

specific location.

An effective hosting capacity method should consider a wide range
of scenarios are considered in the overall analysis, including both

centralized DER (e.g., ground-mounted solar PV) as well as highly-

DER Location

2y e

o7 .

§ =
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o' N
Centralized DER
DER Location

Z

(%)

2

m

]

o

w

=]

Distributed DER

12 Feeder Reconfiguration under High-Penetration PV Conditions. EPRI, 13
The node is a point on the feeder between two line sections. Depending
on the model, this may resemble locations in the field where the feeder
branches, locations of power poles, or impedance sections within the model.
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distributed (e.g., customer-based rooftop) systems. For Centralized

DER, a scenario’s hosting capacity is based on DER at that location
and does not consider DER at any other location on the feeder. For
Distributed DER, a scenario’s hosting capacity is depicted at the
node where the DER is “centered” on the feeder and only considers
DER at other locations based on the applied DER distribution. For
both Centralized and Distributed DER, there are as many scenarios
simulated as there are nodes on the feeder. Each scenario results in a
hosting capacity value and therefore there are two hosting capacities
at each node — one based on Distributed DER and another based
on Centralized DER. As such, a single feeder can have thousands of
possible hosting capacity values.

When completed, thousands of scenarios are examined on all poten-

tial locations, or “nodes”, on the distribution feeder.

A simple feeder example in Figure 11 illustrates hosting capacity at the
node, section, feeder, and substation. In this example, one distribu-
tion impact is considered for centralized DER. The six nodes are each
independently examined for the amount of DER that can be accom-
modated at that location. The colors indicate the resulting hosting
capacity. The section hosting capacity is then the range in node host-
ing capacity on that section. Again, the section’s HI/LO range is based
on DER only at a single node along that section. Any DER on other

_A

sections will change the resulting hosting capacity. Similarly, the feeder
hosting capacity is the range in node hosting capacity on the entire
feeder. It is important to note that the feeder and section hosting ca-

pacity IS NOT the summation of individual node hosting capacities.

Each feeder can then be analyzed independently to determine its
feeder hosting capacities. Aggregating further to the substation, one
could determine the substation’s overall ability to accommodate
DER. At the substation, the hosting capacity may be less than the
summation of individual feeder hosting capacities. In some cases,
there may exist an upstream constraint at either the substation and/
or transmission level that may constrain the aggregate feeder-level
hosting capacity for feeders fed from a specific substation. This is
addressed in Phase 3 described later.

One of the most effective methods to convey results is through visu-
alization. Maps illustrating hosting capacity will be created using the
load flow models in the planning tools.. Reference Figure 12 as an
illustration of hosting capacity limits for centralized DER based on
three different distribution criteria impacts. The hosting capacity is
shown at the node, thus the color at the node depicts the amount of
DER that could be accommodated at that location and nowhere else
on the feeder. Each distribution criterion can have a significantly

different hosting capacity result.

Feeder 1¢ (HI / LO)

Section 2P (HI/ LO)

Section 1% (HI / LO)
-,
/'_

Substation 19 (HI / LO)

A
~ I
Nodf 10 Node 2° NOdf 3 Node 4° NOdf 5 Node 6
& & @ @ —
@
Feeder 2¢ (HI / LO) Hosting
& Capacity
Feeder 3° (HI / LO) LO ' 1 | l HI

# Node Hosting Capacity is dependent on DER at other nodes. That shown above is based on DER only at the specified Node.
b Section Hosting Capacity is the HI/LO range in Node Hosting Capacity on that section.

¢ Feeder Hosting Capacity is the HI/LO range in Node Hosting Capacity on the feeder.

9 Substation Hosting Capacity is the HI/LO range representing the summation of Hl and LO Feeder Hosting Capacities.

Figure 11 — Example of Node, Feeder, Section, and Substation Hosting Capacity for Centralized DER and one Distribution Impact
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e M Protection

<1.25 MW
1.25-2.50 MW
2.50-3.75 MW
3.75-5.00 MW
5.00-6.25 MW
6,25=75 MW
7.5-8.75 MW
>B.75 MW

Thermal

Figure 12 — Node Hosting Capacity for Three Distribution Impacts

The node hosting capacity is ultimately the lowest value at which a
planning threshold violation is calculated based on all distribution
criteria. Figure 13-C shows an example where the node-level host-

ing capacity reflects all issues chosen in the analysis for Centralized

l <125MW Hl <125MW
. 1.25-2.5 MW . 1.25-2.5 MW
25375 MW . 25-3.75 MW
3.75-5.0 MW 3.75-5.0 MW
5.0-6.25 MW 5.0-6.25 MW
6.25-7.5 MW 6.25-7.5 MW
. 7.5-8.75 MW . 7.5-8.75 MW
. > 875 MW Il >8.75MW

SRR R R RN

DER. The feeder hosting capacity then depicts the lowest hosting
capacity from the node-based results. The entire feeder is shaded the
same color to portray that DER penetration above that level may be
problematic at some locations on the feeder (Figure 13-B). There are
many locations shown in the node-based results (Figure 13-C) that
can accommodate higher levels of DER, but any penetration less

should have no adverse impact.

Feeders served from the same substation transformer can have many
different hosting capacities as shown in the feeder hosting capacity
results (Figure 13-B). Out of seven feeders served from the substa-
tion transformer, one falls into the highest hosting capacity range
while two fall into the lowest. In this case, the substation host-

ing capacity is the summation of all the individual feeder hosting
capacities, as there were no substation constraints that limited the
aggregate DER into the substation. All feeders served from the
substation transformer are shaded the same color to represent the
substations ability to accommodate DER (Figure 13-A). Again, the
value shown in the example depicts the worst-case scenario that oc-
curs on all feeders served. Alternatively, the best-case scenario can be

portrayed for feeder and substation hosting capacity.

Wl < 1.25 MW
. 12525 MW
B 2.5-3.75 MW
3.75-5.0 MW
5.0-6.25 MW
6.25-7.5 MW
. 7.5-8.75 MW
. > 8.75 MW

Figure 13 — Substation (A), Feeder (B), and Node (C) Level Hosting Capacity Example lllustration for Centralized DER
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In addition, as higher penetration levels of DER are realized on the

Phase 3 — Advanced Hosting Capacity
Evaluations

The distribution system is dynamic and regularly reconfigured due
to load growth changes over time, system maintenance, and system
contingencies (unplanned outages). In order to maintain reliabil-
ity for all customers, it is paramount that the distribution system

remains flexible in order to reconfigure as needed.

DER interconnected to one feeder at a specific location may have
no adverse impact to the grid or other customers; however, if the
need arises for that portion of the feeder to be served from another
feeder, voltage and/or protection issues due to the DER could
prevent the operator from performing the switch. As a result, there
is the need to consider what is referred to as operational flexibility
in a hosting capacity analysis as shown in Figure 14. In some cases,
operational flexibility could limit the amount of DER that can be
connected to the distribution system at a specific location. This type
of analysis requires hosting capacity to be determined for multiple
feeder conditions, and presently these switching operations are not
modeled/analyzed extensively throughout a distribution system. As
the distribution system changes over time to meet new and chang-

ing loads, this requires frequent model updates and reanalysis.

OKDG

Tie-point
g
Switch Status
B Open |Closed
B ' Closed|Open
oc K|
Tie-point

Sub

Figure 14 — Need for Consideration of Distribution Operational
Flexibility

distribution system, the distribution feeder is not the only consid-
eration that must be made. Additional analysis that captures the
substation-level impact of aggregate DER across multiple feeders into
the substation ensures proper operation of all feeders in the area. In
some cases, a substation-level backfeed or sub-transmission/transmis-

sion constraint may exist that needs to be taken into account as well.

Including items such as this require additional modeling and coordi-
nation with substation/transmission engineering. As the overall grid

becomes more integrated, such considerations are paramount.

Phase 4 - Fully Integrated Value and Hosting
Evaluations

The capabilities in Phase 4 extend beyond the formal definition

of hosting capacity analysis. Phase 4 builds on the foundation of
hosting capacity to perform fully integrated value assessments. REV
empbhasizes the increased integration of distributed energy resources
as part of strategies to make the power system more flexible, inter-
connected, and resilient. Central to this is the ability for utilities

to evaluate the locational value of DER on the grid. Just as hosting
capacity analysis identifies locations where minimal impact will
occur for DER capacities up to given amounts, it will also be able to
help identify locations where benefits from DER can be maximized

without incurring new costs.

In this final phase, the hosting capacity method enables value assess-
ments that consider the potential to utilize DER to defer or avoid
planned capital upgrades, improve system efficiency, and enhance
power quality, reliability, and resiliency. However, in this stage an
increased level of detail and more comprehensive data set is needed.
The data requirements beyond Phases 1-3 include more details on
distribution constraints, asset performance, and DER performance
metrics. This data enables better analysis of the impacts and ability
to fully integrate DER, as well as how to increase hosting capacity

through technologies such as energy storage and smart inverters

Advanced hosting capacity will allow benefits and costs to be charac-
terized at both the local level and the aggregated level. The assess-
ment provides insight into impacts and takes into consideration the
dependency on specific characteristics of the distribution system
(design and equipment), location and type of DER, characteristics
of existing loads, and time variation of loads and distributed energy
resources. The result is a comprehensive hosting capacity and DER

value assessment considering both distribution and transmission.
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obtain the data needed, validate the output, and educate developers

Summary and Key Takeaways

Effective and efficient means for evaluating the impact of DER is a
necessary aspect of distribution planning today. Instead of requiring
specialized analysis and skillsets, methods being incorporated into
existing distribution planning tool can be used to improve many

aspects of DER integration.

This paper defines an effective hosting capacity analysis method for
New York State. In the future it will be foundational to considering
DER on both radial and network systems, planning distribution
systems, interconnection processing and targeting new operational

measures to handle higher penetration of DER.

Existing planning tools used by utilities today can be modified and
improved to include hosting capacity analysis. In order for this to

be available, vendors and utilities must work together to adopt this

method as part of their existing solution. With this implementation,

distribution utilities will apply these methods using existing tools,

available and needed data, and operational strategies.

As the implementation phases unfold, there is an increased need
for a more complete and validated data set. Distribution utilities
must begin building a more complete data set. Table 1 provides
an overview of the considerations in each phase, the data require-
ments, as well as the outcome and outputs of the analysis method.

Implementing these new methods will require time and resources to

and the public on how it can be used.
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and mapping of distribution-level
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Normal and reconfigured system models
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distribution constraints, asset
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Models of emerging technologies, such
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Executive Summary

1 Executive Summary

Central Hudson Gas & Electric (hereafter referred to as Central Hudson) has investigated the benefits and
costs of implementing an Advanced Metering Infrastructure (AMI), pursuant to the Order Adopting
Distributed System Implementation Plan Guidance and in accordance with the Order Establishing the
Benefit Cost Analysis Framework. 1AMl can support REV goals by empowering customers, through new
tools and information, to effectively manage and reduce usage. However, analysis from three
perspectives, societal, utility, and ratepayer, and of two deployment scenarios—full and partial
deployment, have shown that AMI would be cost-ineffective for customers under all perspectives and
scenarios investigated. Therefore, Central Hudson will not be proposing implementation of AMI. As part
of the study, we separately analyzed benefits and costs related to operations and to AMI enabled rates
and programs. This distinction was made because implementation of AMI enabled rates and programs
would require regulatory change and/or modifications to current law.

While AMI has the potential to offer customers, market participants, and utilities increased visibility and
resolution with regard to energy usage and flow, this increased visibility comes at a cost. The cost to
integrate AMI systems with new and existing applications and devices to improve analytical capabilities
and customer tools would be cost prohibitive, given the characteristics of Central Hudson’s territory and
operations. Moreover, many of the benefits that could be accorded to AMI will already be captured
through Central Hudson’s implementation of electronic meters and Distribution Automation (DA).

1.1 Results

This analysis assessed two scenarios for deployment of AMI in the Central Hudson territory: full
deployment and targeted partial deployment. A full AMI deployment would mean installing AMI to
support the roughly 285,000 electric and 78,000 gas meters practically reachable by remote
communications in the Central Hudson territory. This deployment would begin in 2020, be completed
over 5 years, and be supported by a wireless mesh communication system.

A partial AMI deployment would mean installing AMI to support the roughly 12,000 demand electric
meters (essentially all demand customers not currently subject to the provisions of hourly pricing) in
Central Hudson’s territory, which accounts for approximately 4% of meters, 12% of system demand, and
27% of total energy usage and consumption. This deployment would begin in 2020,be completed over 2
years, and would be supported by cellular communications, as this communications platform is more cost
efficient for smaller deployments. Deployment would largely affect the mid-size commercial customers
with measured demand between below 300 kW and would not include the approximately three hundred
large commercial and industrial customers that are currently interval metered.

For both scenarios, deployment could not be extended to all meters, because a small portion of meters
are located in remote terrain, often deep into the Catskill Mountains, and could not be practically
accessed via wireless mesh or cellular communications.

! CASE 14-M-0101 - Order Establishing the Benefit Cost Analysis Framework, Issued and Effective January 21, 2016; Order
Adopting Distributed System Implementation Plan Guidance, Issued and Effective April 20, 2016.
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Benefits and costs for both deployment scenarios were evaluated from the three perspectives specified in
the BCA framework order:

= Societal Cost Test (SCT): Do the benefits, including externalities, exceed the costs?
= Utility Cost Test (UCT): Is the investment or program self-funding or are additional funds needed?

= Ratepayer Impact Measure (RIM): How does the investment affect customer rates (both delivery and
supply)?

Operational benefits include operational utility cost savings2 and customer fairness benefits®. Costs
related to deployment of AMI include meter equipment and installation, network equipment and
installation (for a wireless mesh deployment), meter data management system and other IT costs, and
project management costs.

1.1.1 Full deployment BCA results

Table 1-1 summarizes the net benefits* and the benefit cost ratio® for the operational business case from
the three perspectives relevant to the BCA order. Note that the operational business case includes
operational and customer fairness benefits but excludes AMI enabled rates and programs, because such
programs would require regulatory change and/or modifications to current law.

The societal cost test for the operational business case shows total benefits of $57.7 million and total
costs of $116.5 million, resulting in a net benefits gap of about $58.8 million and a benefit cost ratio of
0.50. Either incremental benefits or cost savings of about $60 million would be needed to close this gap
and make full AMI deployment cost effective. The utility cost test gave similar results, with a benefit cost
ratio of 0.43.

The ratepayer impact test also includes customer fairness benefits from reduced energy theft and
improved meter accuracy that result in a more equitable allocation of costs across customers. Technically,
this is a transfer from typical customers to customers who were not paying an appropriate amount for
their electricity use (due to theft of slow or failed meters). This transfer does not change the amount of
revenue collected through rates, but it leads to a lower cost per kWh for over 98% of customers. From a
ratepayer perspective, benefits are $63.9 million and the costs are $106.4 million, resulting in a net
benefit gap of $42.6 million and a benefit cost ratio of 0.60, indicating that AMI deployment under this
scenario and perspective is still cost-ineffective.

Table 1-2 summarizes the net benefits and the benefit cost ratio for the AMI enabled rates and programs
incremental to and exclusive of operational benefits and costs.

% avoided meter replacements, avoided meter reading costs, avoided outage management costs and avoided field operations
costs

® reduced energy theft and improved meter accuracy
* total benefits minus total costs

® total benefits divided by total costs
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Table 1-3 summarizes the net benefits and the benefit cost ratio for the operational business case plus
AMI enabled rates and programs.

As demonstrated by these summaries, full AMI deployment would not be cost effective for Central
Hudson customers from any of the three benefit-cost perspectives, regardless of the inclusion of AMI
enabled rates and programes.

Table 1-1: Benefit and Cost Summary, Full Deployment, Operational Business Case

(o yes NP, 20156000 s | PRR
Benefits $57,654.0 $45,621.8 $63,879.5
Costs $116,450.6 $106,436.9 $106,436.9
Net Benefits (558,796.6) ($60,815.2) (542,557.5)
B/C Ratio 0.50 0.43 0.60

Table 1-2: Benefit and Cost Summary, Full Deployment,
AMI Enabled Rates and Programs (Incremental to Operational Business Case)

AMI
Utility Costs Rate Payer
Enabled Metric Societal Test v ‘ y
Tests Impact
Program
Benefits $19,403.1 $16,025.8 $16,025.8
OptinTime | ot $21,475.8 $18,540.7 $18,546.9
Varying .
Pricing Net Benefits (52,072.7) (52,514.9) ($2,521.1)
B/C Ratio 0.90 0.86 0.86
Benefits $26,537.6 $18,191.0 $18,191.0
Pre- Costs $10,622.5 $8,792.6 $23,075.1
payment
Net Benefits $15,915.1 $9,398.4 (54,884.1)
program
B/C Ratio 2.50 2.07 0.79

Table 1-3: Benefit and Cost Summary, Full Deployment,
Operational Business Case + AMI Enabled Rates and Programs

Benefit Cost Analysis Societal Utility Tests

(20 year NPV, 2016 $000) Test

Benefits $103,594.6 $79,838.6 $98,096.3

Costs $148,548.9 $133,770.3 $148,059.0
Net Benefits ($44,954.2) ($53,931.7) ($49,962.7)
B/C Ratio 0.70 0.60 0.66
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1.1.2 Partial deployment BCA results

Table 1-4 summarizes the net benefits® and the benefit cost ratio’ for the operational business case from
the three perspectives listed in the BCA order. Note that the operational business case includes
operational and customer fairness benefits but excludes AMI enabled rates and programs, because such
programs would require regulatory change and/or changes to current law.

The societal cost test for the operational business case shows total benefits of $2.0 million and total costs
of $28.2 million, resulting in net benefits gap of about $26.3 million and a benefit cost ratio of 0.07. Either
incremental benefits or cost savings of about $26 million would be needed to close this gap and make
partial AMI deployment cost effective. The utility cost test gave similar results, with a benefit cost ratio of
0.06.

The ratepayer impact test also includes customer fairness benefits from reduced energy theft that result
in a more equitable allocation of costs across customers. Unlike the full deployment scenario, improved
meter accuracy is not included because this benefit is already realized by electronic demand meters.
Therefore, the ratepayer benefits are $5.3 million and the costs are $25.2 million, but there remains a net
benefit gap of $19.9 million and a benefit cost ratio of 0.21, indicative that AMI deployment under this
scenario and perspective is still cost-ineffective.

Table 1-5 summarizes the net benefits and the benefit cost ratio for the AMI enabled rates and programs
incremental to and exclusive of operational benefits and costs. A pre-payment program does not apply to
demand metered business customers and, hence, only the impacts of time varying pricing are included.

Table 1-6 summarizes the net benefits and the benefit cost ratio for the operational business case plus
AMI enabled rates and programs®.

As demonstrated by these summaries, partial AMI deployment would not be cost effective for Central
Hudson customers from any of the three benefit-cost perspectives and regardless of the inclusion of AMI
enabled rates and programs.

Table 1-4: Benefit and Cost Summary, Partial Deployment, Operational Business Case

Benefit Cost Analysis Societal - Rate Payer
Utility Tests
(20 year NPV, 2016 S000) Test Impact
Benefits $1,956.2 $1,494.1 $5,284.2
Costs $28,243.2 $25,151.7 $25,151.7
Net Benefits (526,287.0) (523,657.6) (519,867.5)
B/C Ratio 0.07 0.06 0.21

® total benefits minus total costs
7 total benefits divided by total costs

8 For the full deployment scenario, both prepayment program and time-varying rates were included. For the partial deployment
scenario, only time varying rates were included, because prepayment programs typically only apply to residential customers
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Table 1-5: Benefit and Cost Summary, Partial Deployment, AMI Enabled Rates
(Incremental to Operational Business Case)

Benefit Cost Analysis Societal Utility Costs Rate Payer
(000s, 2016S) Test Tests Impact
Benefits $10,947.0 $9,315.4 $9,315.4
Costs $7,401.9 $6,308.7 $6,314.8
Net Benefits $3,545.0 $3,006.6 $3,000.6
B/C Ratio 1.48 1.48 1.48

Table 1-6: Benefit and Cost Summary, Partial Deployment, Operational Business Case
+ AMI Enabled Rates and Programs

Benefit Cost Analysis Societal Utility Tests Rate Payer
(20 year NPV, 2016 S000) Test Impact
Benefits $12,903.2 $10,809.5 $14,599.5
Costs $35,645.1 $31,460.4 $31,466.5
Net Benefits ($22,741.9) (520,651.0) (516,866.9)
B/C Ratio 0.36 0.34 0.46

1.2 Why AMI is not cost effective for Central Hudson

A potential deployment of AMI within Central Hudson territory was assessed from various perspectives
(societal, utility, ratepayer) and scenarios (full and partial). The analysis approach taken was the same
used by Nexant for various other AMI business cases, many of which resulted in positive business cases
that ultimately lead to AMI deployments. However, in the case of Central Hudson, AMI is not cost-
effective.

As described in Section 2.3 on the current Central Hudson landscape, the substantial gap between
operational AMI benefits and costs is explained by the following Central Hudson characteristics:

= The approved deployment of distribution automation will capture a substantial portion of benefits in
the form of Volt/Var Optimization (VVO) and outage location identification, limiting incremental
benefits from AMI.?

= 50% of customer meters are electronic with Advanced Meter Reading (AMR). By 2020, when AMI
deployment would begin, about 60% of customer meters will have electronic meters with AMR.
Electronic meters already capture the full or partial benefits for several categories, including meter
reading (from walk-by or drive-by reading) and meter accuracy improvements.

= Bi-monthly meter reading for a majority of customers means meter reading costs are lower than
those of utilities which read meters on a monthly basis.

° Distribution automation also enables a substantial share of avoided customer outage cost benefits which were hence not
quantified.
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= The presence of gas meters at roughly 25% of customer sites impose the cost of AMI installation to
capture meter reading benefits but bring little other incremental benefit.

= The remote geography leads to reduced operational savings (e.g. meter reading) and incremental
costs due to the need for additional network infrastructure and cellular meters.

Partial AMI deployment to all demand meters practically reachable by remote communications is also not
cost-effective, by an even greater margin than with full deployment. In addition to the characteristics of
the current Central Hudson landscape which cause a full deployment to be cost-ineffective, there are two
more primary reasons why partial deployment of AMI is also cost-ineffective. In particular:

= Foundational IT investments are required independent of the number of meters deployed

= Fewer meters means reduced savings for operational benefit categories proportional to meter
deployment (e.g. meter reading, outage management)
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2 Introduction

Central Hudson Gas & Electric (hereafter referred to as Central Hudson) has investigated the benefits and
costs of implementing an Advanced Metering Infrastructure (AMI) pursuant to the Order Adopting
Distributed System Implementation Plan Guidance and in accordance with the Order Establishing the
Benefit Cost Analysis Framework™. AMI was considered as a possible tool for supporting REV goals to
empower customers through new tools and information and to effectively manage and reduce usage.
However, analysis from three perspectives, societal, utility, and ratepayer, and of two deployment
scenarios—full and partial deployment, have shown that AMI would be cost-ineffective under all
perspectives and scenarios investigated. Therefore, Central Hudson will not be proposing implementation
of AMI.

While AMI has the potential to offer customers, market participants, and utilities increased visibility and
resolution with regard to energy usage and flow, this increased visibility comes at substantial cost. The
cost to integrate AMI systems with new and existing applications and devices to improve analytical
capabilities and customer tools would be cost prohibitive. Moreover, many of the benefits that could be
accorded to AMI will already be captured through Central Hudson’s implementation of electronic meters
and Distribution Automation (DA)."*

2.1 U.S. Smart Meter Overview

According to the Energy Information Agency, by 2014 some form of electronic metering™ had been
deployed to 73% of U.S. utility customers but AMI had only been deployed to slightly over half of these
customers.

Figure 2-1 shows the AMI deployment levels across states, highlighting that AMI deployment has
surpassed 80% in five states, has surpassed 60% in another 6, and remains below 20% in most of the
remaining states.

Figure 2-2, which shows deployment levels for AMR, demonstrates that there is again wide variation in
deployment rates of AMR versus AMI. Though electronic metering technologies have been available for
over 20 years, there are still many regions, for various economic or policy reasons, where AMI has not
been deployed to a substantial portion of utility customers. At the same time, AMR is a substantial
portion of electronic meter deployment in many of these same states throughout the north, midwest,
southeast, and northeast.

1 CASE 14-M-0101 - Order Establishing the Benefit Cost Analysis Framework, Issued and Effective January 21, 2016; Order
Adopting Distributed System Implementation Plan Guidance, Issued and Effective April 20, 2016.

1 Including avoided customer outage cost benefits which were hence not quantified.
2 source: https://www.eia.gov/electricity/data/eia861/

3 Includes both Automatic Meter Reading (AMR) and AMI
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Figure 2-1: AMI deployment rates by state
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2.2 AMI System Overview

Central Hudson evaluated both a full scale and a partial deployment scenario. Figure 2-3 depicts the
components necessary for each scenario. A full scale AMI deployment project would include installation
of two-way communicating meters (both electric and gas), supporting wireless mesh communications
network and IT infrastructure, and software applications to process data and interact with field devices.
The communications network would leverage and build upon the infrastructure already planned as part
of the DA deployment. For reasons described in the following section, it would be cost-prohibitive to use
the mesh network to communicate with a small portion of meters. For some of these, communication
could be established using third party cellular networks; for others, no remote communication could be
established without substantial additional cost. However, there is a point beyond which adding additional
network hardware simply becomes impractical as it would be more cost-efficient to continue relying on
manual (walk by or drive by) meter reading. Such remote areas are deemed not practically reachable by
remote communications.

Figure 2-3: System components under full and partial deployment
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A partial scale AMI deployment project would include installation of two-way communicating meters
(electric only) for demand metered customers falling under the 300kW threshold currently in place for
Central Hudson’s mandatory hourly pricing program. This accounts for roughly 4% of electric meters."
Because the demand meters are distributed throughout the territory, if a wireless mesh network were
used to support these meters, a substantial portion of the costs assumed for full deployment would still
be necessary to support communications. However, this capital cost would be spread over a much
smaller number of meters, leading to a much higher average cost per meter. Because of this,
communications for the partial deployment scenario would instead be supported entirely by third party
cellular communications. Also, as described above, no remote communication could be established with a
small portion of demand meters, even via cellular communications. Additionally, the partial deployment
would still necessitate IT infrastructure and software applications to process data and interact with field
devices, and this foundational investment would be the same regardless of the scope of the AMI
deployment.

Figure 2-4: Average Cost per Meter by Meter Technology and Number of Meters
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Figure 2-4 demonstrates why cellular meters would be preferred to mesh meters for a partial
deployment. The green line shows how the average, all-in deployment cost per meter'™ for a mesh
deployment changes as more meters are deployed—assuming utility hosted meter data management.
The blue line represents the same for a deployment of cellular meters only—assuming vendor hosted
meter data management. Essentially, costs for a cellular deployment are more scalable with the number
of meters, because costs such as communications and meter data management are incurred on a per
meter basis, whereas analogous costs for a utility hosted mesh system require more upfront,

% About 12 thousand of the roughly 380 thousand accounts in Central Hudson territory (counting gas and electric separately)

 Total deployment cost (including all the system components described above) divided by number of meters deployed
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foundational investment that does not scale as much with the number of meters. Based on this
assessment, at least 21,000 meters would need to be deployed for the mesh deployment option with
utility meter data management to be less costly than the cellular option with vendor hosted meter data
management. Because the partial deployment scenario only involved about 12,000 meters, a cellular
deployment would be less costly.

2.3 Central Hudson Current Landscape

Central Hudson serves a diverse territory with unique characteristics that influence the incremental
benefits achievable and costs incurred through AMI deployment. These include:

e Factors that reduce the potential for operational cost savings, such as reductions in meter
reading costs and utility outage management costs (thereby reducing AMI benefits),

e Factors that reduce the incremental investment needed to support AMI (thereby reducing AMI
costs).

One primary operational benefit often realized through AMI deployment is the meter reading cost savings
made possible by the automated two-way communication. Some characteristics of the Central Hudson
territory impact the meter reading costs the Company faces today, as well as the costs savings that could
be expected through AMI. Central Hudson currently reads most meters on a bi-monthly schedule. This
means that the vast majority of meters are read every other month, leading to variable meter reading
costs that are roughly half what they otherwise would be if most meters were read every month, or twice
as often. By extension, this means that the potential for reductions in variable meter reading costs are
roughly half of what they would be if Central Hudson read meters on a monthly schedule.

The geography of the Central Hudson territory includes some areas which are rural, remote and with
mountainous terrain. Central Hudson has roughly 300 thousand electric and 79 thousand gas customer
meters. The service territory covers 2,600 square miles stretching from 25 miles north of New York City to
10 miles south of Albany. However, these meters are not evenly dispersed throughout the territory. As
seen in Figure 2-5 the concentration of meters ranges from the large towns of Kingston and
Poughkeepsie, where meter density ranges from about 150 to over 2000 meters per square mile, to the
mostly rural northern and western portion of the territory, which reaches into the Catskill Mountains,
where meter density ranges 8 meters or fewer per square mile. As alluded to above, the communications
necessary to support remote meter reading cannot be established in anon-negligible portion of these
areas, even via a cellular network. This means that a portion of meter reading costs could not be avoided
by deploying AMI throughout the territory, because of these remote areas that could not be practically
served by AMI. Central Hudson would need to retain a portion of its meter reading workforce and
equipment to read meters in these areas, representing a floor to the achievable reduction in meter
reading costs. Further, while a subset of the meters in remote areas could be reached via cellular
communication, the additional hardware and recurring communications fees necessary for cellular
meters would result in a higher cost per meter than would be the case for meters served by a wireless
mesh network. Finally, gas meters will need to be automated in order to produce meter reading savings,
which will increase costs, but do not contribute to the various other operational savings.
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Figure 2-5: Meter density in Central Hudson territory

.Albany

MASSACHUSETTY

CONNECTICUT]

Kingston *
PoughkeepsieArIingtEA

NewburghBeacau

Meters per Square Mile

[Jo-8 +d | eftio W n ‘
o-34

B35 -74
I 75 - 150

Il 151 - 2029
e

.l {7
22Kl

rl = arQrer: . s
rl*‘v"'r%ar"“:Ossmlng

Another characteristic of Central Hudson operations impacting achievable benefits is the ongoing
deployment of electronic AMR meters. Figure 2-6 shows the changing meter population mix over time,
demonstrating the recent pace at which Central Hudson has been replacing electromechanical meters
with electronic AMR meters. Currently about 50% of meters are electronic AMR meters'®, and at the
current pace of change, almost 60% of meters will be AMR capable by 2020. Electronic meters are
capable of the one-way communication needed to support walk by or drive by automated meter reading.
This has several implications which reduce achievable benefits associated with AMI. First, walk by or drive
by meter reading already represents cost savings with respect to electromechanical meters for which
meter reading requires physical access and manual reading and recording of usage. This means that the
potential for meter reading cost savings from converting electronic meters to AMI is lower than it would
be for converting electromechanical meters directly to AMI. In addition, nearly half of meter reading is
performed through sub-contracting, which represents a relatively flexible cost.

1 . . .
6 Including Electronic and Demand-electronic
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Figure 2-6: Electric meter population in Central Hudson territory
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Another potential operational benefit is avoided future meter replacement costs. Essentially, when an old
meter that would have eventually been replaced (e.g. due to failure) is replaced with a new meter, this
avoids the future expected replacement of the old meter. However, a majority of Central Hudson meters
will be electronic by the time AMI meters would be deployed. These relatively new electronic meters are
not expected to fail for several years and avoided replacement costs due to failed meters are therefore
lower than they would be if the AMI meters were to replace older electromechanical meters. This is an
example of a benefit which is only incremental to electromechanical meters, meaning that no benefits
accrue when electronic meters are replaced by AMI meters. Similarly, improvements in metering
accuracy are only realized when replacing electromechanical meters. However, it should be noted that
these benefits accrue to customer fairness—rather than cost savings for utility operations.

Finally, the New York Public Service Commission has approved Central Hudson’s plan for Distribution
Automation, and Central Hudson will be deploying Distribution Automation over the next few years.
Among other things, this deployment will require investment in data concentrators and wireless radios
needed to support wireless mesh communication between Distribution Automation hardware and
control centers. This is an investment that will also deliver operational benefits to Central Hudson,
including Volt/Var Optimization (VVO). On the one hand, this lowers the communications network
investment necessary to support AMI communications; on the other hand, VVO provides benefits which
could have been at least partially supported using AMI. However, there will be little incremental VVO
benefit delivered by AMI over the benefit already delivered by Distribution Automation. In addition,
Distribution Automation and AMI also offer benefits such as reduced utility outage costs, but the
incremental benefits for AMI over and above Distribution Automation are also low.
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Together, the existing bi-monthly meter reading schedule, the unique geography, the ongoing electronic
meter deployment, and the impending deployment of Distribution Automation are factors at play in the
Central Hudson territory which would impact both the achievable benefits and costs for deploying AMI.
These impacts will be quantified in the results section.

2.4 Report Structure

The remainder of this report is organized as follows. Section 1 summarizes the BCA evaluation approach
used for the operational business case, including defining the cost tests evaluated and enumerating and
defining the benefits and costs quantified. Section 1 summarizes the benefit cost results for the full
deployment scenario. Section 5 summarizes the benefit cost results for the partial deployment scenario.
Section 0 provides a summary conclusion for both scenarios.
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3 Methodology
3.1 BCA Evaluation Approach

Cost-effectiveness analysis is critical for comparing different resource options and for optimizing
investments in generation, transmission and distribution. When done correctly, it allows for comparisons
across resource options and provides a basis for prioritizing investments. A key goal of cost-effectiveness
analysis is to provide factual insights, make tradeoffs transparent, improve the planning process and help
maximize value. Cost-effectiveness analysis is generally applied on a forward looking basis to investments
that typically have large upfront costs but have benefits that accrue over multiple years. It also requires a
pre-specified perspective, since two different parties can view the same outcome differently. While
policies and programs can lead to winners and losers, cost-effectiveness analysis focuses on the broader
question of whether the overall policy is beneficial.

The BCA framework order®’ specified that benefit-cost estimates be developed based on three
perspectives:

= Societal Cost Test (SCT): Do the benefits, including externalities, exceed the costs?
= Utility Cost Test (UCT): Is the investment or program self-funding or are additional funds needed?
= Ratepayer Impact Measure (RIM): How does the investment affect rates?

The societal test not only counts operational benefits to a utility, but it also includes benefits experienced
by customers, reductions in resource requirements (e.g., generation capacity, energy use) and reductions
in externalities such as carbon emissions. It does not treat transfers between parties as costs. On the
other hand, the UCT does not include benefits experienced by customers or externalities but counts as
costs things such as customer incentives, since money to fund programs and incentive payments must be
collected. The RIM test focusses exclusively on rates. In some cases, resources that reduce energy
consumption, such as energy efficiency and conservation voltage reduction, can lead to lower bills but
higher rates, because the revenue for capital infrastructure investments is collected from fewer energy
sales. Of these three perspectives, the societal test is the most important from a public policy perspective
and is the primary focus in this report.

When estimating the net benefits of an investment over time, the costs and benefits must be compared
in present value terms since they occur at different times (with most of the costs typically incurred in the
early years, while benefits often continue for many years beyond when major expenditures end).

The primary focus in the following sections is the societal test. From a policy perspective, this is the most
important indicator of whether or not AMI should be deployed in Central Hudson’s service territory. If net
benefits are positive from a societal perspective, it means that society as a whole would be better off by
implementing AMI, even if some societal members might gain while others lose. However, if net benefits
are negative from a societal perspective, society as a whole would not be better off because the costs to
implement AMI would outweigh the benefits derived from AMI.

7 CASE 14-M-0101 - Order Establishing the Benefit Cost Analysis Framework, Issued and Effective January 21, 2016
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All of the separate analyses summarized below are based on a common set of inputs and assumptions.
Among the most important are:

= Meter and network deployment begins in 2020 and occurs over a five year period (ending in 2024)
for the full deployment scenario and over a two year period (ending in 2021) for the partial
deployment scenario. Meter deployment is assumed to be evenly distributed across each
deployment year.

= Each AMI meter is assumed to have a 20 year life. As such, meters deployed in 2021 are assumed to
produce benefits tied to meter deployment through 2040 and so on. The analysis period goes from
2020 through 2039.

= The discount rate used for present value calculations is the Weighted Average Cost of Capital
(WACC) for Central Hudson. Since taxes are considered income transfers, which are excluded from
the societal test, the after-tax WACC is used for the societal test (6.62%), whereas the pre-tax WACC
is used for the UCT and RIM tests (9.43%). As directed by the BCA order, carbon reductions are
discounted using a societal discount rate of 3%. These differences in discount rates have a very
substantial impact on the net benefits and should be kept in mind when comparing the societal, UCT
and RIM tests.

= All present value calculations are reported in 2016 dollars by adjusting for 2.1% annual inflation.

= The annual growth in the Central Hudson customer population is assumed to equal 0.5%.

3.2 AMI Benefits

Several benefits can stem from installation of AMI. For this analysis these benefits were classified into
three categories: operational utility cost savings, customer fairness benefits, and benefits from AMI
enabled rates and programs.

Table 3-1 details the elements included in each benefit category and sub-category along with their
applicability to each cost test evaluated.

Operational savings is the largest category of benefits from AMI implementation and includes reduced
meter reading costs, meter replacement costs, reductions in storm related costs due to better visibility
into outage locations and reestablishment of service, and reduced field service visits associated with
connections and disconnections.

Deployment of AMI can also address fairness issues by reducing or eliminating revenue losses from
various sources that are currently socialized to all ratepayers. AMI helps direct costs to customers who
are responsible for them and reduces the socialization of energy thefts and meter inaccuracies, resulting
in more equitable distribution of revenue collection.

Finally, AMI can also enable rates and programs that can lead to more economically efficient use of
energy which, in turn, can reduce the need for new generation, transmission and distribution capacity
and lower energy use and carbon emissions associated with energy production. In addition, these
programs can provide customers with the information to help lower their energy bills. Unlike benefits
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from the other two categories, these benefits have not been included in the core business case because
the AMI enabled programs and rates analyzed would require regulatory change in order to be
implemented.

3.2.1 Operational Benefits

There are four categories of operational benefits which would directly result in avoided utility costs.
These are avoided meter replacements, avoided meter reading costs, avoided outage management costs
and avoided field operations costs.

Avoided Meter Replacements (electric meters)

The expected useful life of electronic and electromechanical meters for planning purposes is 30 years,
after which the need for meter replacements due to failures or performance issues tends to increase
substantially. A substantial portion of Central Hudson meters will reach the end of this useful life during
the benefit period analyzed and would be replaced either as part of the ongoing deployment of electronic
meters or due to concerns about age and performance. With AMI deployment, this replacement work will
no longer be necessary.

With a partial deployment, only planned replacements of demand electric meters would be avoided.

Avoided Meter Reading Costs

A substantial portion but not all of meter reading costs currently incurred by Central Hudson could be
avoided by deploying AMI. As alluded to in Section 2, the limitations to these operational cost savings are
two-fold:

1. About 5% of meters are located in outlying areas unreachable by wireless or cellular
communications. These costs cannot be avoided and also represent a higher than average cost
per meter since the geographic dispersion means longer drive time between meters.

2. About half of meter reading is subcontracted and could be entirely avoided by a full AMI
deployment. However, a portion of labor hours spent by employee meter readers is spent doing
other tasks; this portion of labor hours could not be avoided.

Full deployment of AMI to the 95% of the territory practically reachable by remote communications
would lead to the avoidance of all contract labor and a portion of employee meter reading labor.
Deployment of AMI to demand meters only would result in some contract labor savings thanks to the
elimination of most reader routes associated with demand meters, a small portion of total routes.
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Table 3-1: Summary of Benefit Categories and Components

Applicability to cost tests

Categor Sub catego Detail
8oy 8O0V scT ucT RIM
Benefits
Avoided Meter Electronic X X X
Replacements Demand Electronic X X X
) ) Labor costs X X X
Avoided Meter Reading -
Vehicle Costs X X X
Costs
Fuel Costs X X X
Operational . Faster restoration times for storm outages X X X
Avoided Outage , ,
Faster outage location time X X X
Management Costs - — ~
Avoided truck rolls for customer side “outages X X X
) _ Avoided connect / disconnect (non-collection) X X X
Avoided Field -
) Avoided read overs X X X
Operations Costs - -
Avoided reconnects (collection related) X X X
Customer Avoided Theft of Service X
fairness Improved Meter Accuracy X
AMI Capacity reductions and energy savings X X X
Prepayment program -
enabled Reduced CO2 compliance cost X
rates &
programs Time varying rates Avoided capacity costs and energy savings X X X
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Avoided Outage Management Costs

AMI systems with two-way communications can be used to “ping” a meter to see if it is connected to the
system, thereby establishing the location of an outage and to confirm whether service has been restored.
Benefits from this capability fall into three categories:

1. Faster restoration times for storm related outages: Outage detection capabilities can also help reduce
outage duration and restoration costs during wide scale outages by detecting whether or not power
has been successfully restored everywhere while crews are still in the field, thus avoiding crew re-
dispatch.

2. Faster outage location time: AMI systems can be used to identify the location of the outage, reducing
patrol time to identify the source of the outage. A substantial portion of this benefit will come
through distribution automation, which will allow identification of the circuit experiencing the outage.
AMI systems will provide a small incremental benefit of helping locate the exact customer end point
of the outage.

3. Avoided truck rolls due to customer side “outages”: when a customer calls regarding an outage it can
sometimes be determined whether or not the outage is on the customer’s side of the meter, thus
avoiding the dispatch of field crews if it is.

Avoided Field Operations Costs

Remote connect / disconnect functionality in AMI meters will significantly reduce the need to dispatch
field crews to disconnect and reconnect the power when customers move or to read meters when they
are transferred from one account to another (called read overs). They can also be used as a means for
restoring service more quickly to customers for whom service has been disconnected for collection
related reasons. While the use of remote disconnect for collection related purposes is limited in New York
State by the requirements of the Home Energy Fair Practices Act (HEFPA), the only limitation to remote
connect is for gas services, and this is a result of Company practice and customer safety concerns. The
ability for a customer service representative to remotely restore electric service to a customer once a
collection is made would benefit customers who would otherwise need to wait for a field representative
to be dispatched.

Savings for account transfer related connects, disconnects, and read overs would be avoided under both
full and partial AMI deployment roughly proportionately to the number of meters deployed. However,
since collection related disconnections are very uncommon among the medium sized commercial
customers who are typically demand metered, this cost would not be avoided by the deployment to
demand meters only.

3.2.2 Customer fairness benefits

In addition to the operational benefits described above, deployment of AMI can also address fairness
issues by reducing or eliminating revenue losses from various sources that are currently socialized to all
ratepayers. AMI helps direct costs to customers who are responsible for those costs and reduces the
socialization of certain kinds of costs from particular kinds of customers to the overall customer
population.
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In this analysis these fairness issues have been addressed by quantifying how socialization of costs might
be reduced through implementation of AMI, and by quantifying the extent of that socialization reduction
as a rate reduction impact rather than a societal benefit. Basically, customers who today have accurate
meters, who pay their bills, and who pay for all the electricity they receive will see their bills go down.
Because of this, these customer fairness benefits are only applied to the ratepayer impact test and do not
factor into the societal cost test.

Two kinds of socialized costs that AMI can address were evaluated:

= Theft of Service: While it is difficult to quantify, there is undoubtedly some theft of service in the
Company’s service territory, and the revenue that would have been collected from individuals
responsible for the theft, is effectively socialized and collected from customers who pay for the
service they receive. AMI provides tamper alarms and produces granular usage data at the
customer level that can be analyzed for reasonableness in order to identify unusual patterns that
may reflect theft of service.

= Meter Inaccuracy: Not all meters are 100% accurate, and some of the existing electromechanical
meters in the service territory don’t measure all the electricity that is delivered to customers.
Typically, electromechanical meters slow down with age and meters that are 20 years old might be
under-registering usage by up to 1 percent. Customers with these “slow” meters do not pay for all
the service they receive and the revenue shortfall from these customers is socialized to the rest of
the customer base. In addition to slow electro-mechanical meters, revenue losses can occur from
certain types of meter failures. For example, a three-phase meter might not measure all three
phases correctly and, as a result, may under-charge a customer for the service they receive. Finally,
it is well-known that new electronic meters have the ability to measure lower starting loads than
electromechanical meters. As a result, customers that use proportionately more electricity at lower
load levels may not be charged for all the electricity they use.™® Again, the extent to which this
under-registration of low-load demand results in the socialization of usage costs to the rest of the
customer population is uncertain but with a new population of AMI meters, the accuracy and meter
malfunction problems would be reduced.

In practice it is difficult to know the extent to which theft, inaccurate meters, and malfunctioning meters
result in socialization of costs from small groups of customers to the broader customer population.
However, these two benefits were still quantified because empirical evidence has indicated that some
amount of theft does occur on all systems and that electronic meters are more accurate than
electromechanical meters. To some extent, these benefits may be observed as a reduction of the system
loss factor.

3.2.3 AMlIl enabled programs

In addition to the operational and customer fairness benefits described above, AMI can also enable rates
and programs that would produce benefits for the utility and for society. Two AMI enabled rates and
programs were evaluated, Prepayment programs and Time-varying rates. However, because regulatory

18 . . .
An electronic meter can sense lower loads than an electromechanical meter, and thus register usage that an electro
mechanical meter would not notice.

O Nexanr 21



Methodology

changes would be needed to allow for these rates and programs, their incremental benefits and costs
were quantified but kept distinct from the operational business case, resulting in two analyses: one
excluding AMI benefits and one including them.

Prepayment program

AMI meters with remote connect / disconnect capability enable prepayment programs and are useful for
customers interested in managing their bill to a specific amount (much like pre-pay phones). At least half
a dozen utilities have implemented prepayment programs and have demonstrated that prepayment
programs consistently deliver participant energy savings of about 12%. These savings are likely due in
large part to the behavioral impact on customers of receiving frequent communications about their
energy usage and remaining balance.

However, prepayment programs require using remote disconnection as part of program operations.
Therefore, the ability to capture the benefits of an AMI enabled prepayment program would be
contingent upon regulatory changes and approvals.

Time varying rates

AMI also enables the deployment of time varying rates either on an opt-in or default basis, which allows
different prices for different time periods and different locations. This benefit will vary depending on the
strategy (default or opt-in), customer targeting (e.g. of customers with higher usage), the ratio of peak
time rates to off-peak rates, and the magnitude of avoided T&D and generation capacity costs. The
benefits of time-varying rates under multiple strategies have been quantified but not included in the core
operational business case because of uncertainty regarding how these would be implemented and
because implementation would be reliant on regulatory changes.

3.3 AMI Costs

This section discusses the costs of deploying AMI across the Central Hudson service territory. This
discussion is organized into two sub-sections: AMI deployment costs and costs associated with AMI
enabled rates and programs. Table 3-2 summarizes the components included in each cost category and
sub-category along with their applicability to each cost test evaluated. The rest of this section describes
each component, and the Itemized breakdowns of cost assumptions for each component can be found in
the appendix.

Note that stranded meter assets were not included as a cost in Central Hudson’s analysis, consistent with
past Commission decisions. However, as Central Hudson prudently incurred expenditures for its existing
meter infrastructure, the Company anticipates that it will recover the cost of the stranded meter assets.
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In the case of ConEd, the Commission noted, “[t]here is no basis presented [in the ConEd AMI
proceeding] to conclude that the investment in the old meter technology should not have been made at
the time the investments were approved by the Commission and the Company’s management. Therefore
...there is no showing here that inefficient management or poor planning resulted in these costs being
stranded.”*®

With more time, Central Hudson would have issued a Request for Information or Request for Proposal
and cost estimates would have been based on the competitive bids collected. In the absence of this, cost
estimates were based on the internal knowledge of Central Hudson staff where costs would be internal
labor and materials®®, a handful of existing technology vendor bids, and on the industry knowledge of
Nexant, which has extensive knowledge of AMI deployments, having built multiple business cases over
the years.”

3.3.1 AMI deployment costs

Costs related to deployment of AMI have been grouped into five categories for this analysis: meter
equipment and installation, network equipment and installation (for a wireless mesh deployment), meter
data management system and other IT costs, meter and network operations and maintenance, and
project management costs.

Meter Equipment, Installation Costs

Meter equipment costs include the capital cost of meters themselves as well as the various ancillary
materials needed for some installations, such as panel repairs, adapters for older panels, and tamper
proof locking rings and meter seals. Costs assumptions for the meters themselves were differentiated by
mesh versus cell, and simple versus complex.*” Installation labor also includes the incremental labor
necessary for these ancillary materials a fraction of the time, as well as time for testing the meters and
time for processing each meter in the IT system.

For electric meters the entire meter needs to be replaced; for gas meters a retrofit of the existing meter
will usually suffice, though a small portion of installations may require a complete replacement or may
pose complexities to the installer for various other reasons.

'3 CASE 15-E-0050, et al. ORDER APPROVING ADVANCED METERING INFRASTRUCTURE BUSINESS PLAN SUBJECT TO
CONDITIONS, March 17, 2016, page 48

O The IT budget was developed internally with a team that included IT staff members familiar with the unique needs of Central
Hudson’s IT system

A Working on behalf of both utilities and Public Commissions, Nexant’s team has written or contributed to over a half dozen
AMI business cases for utilities in the West (e.g. PG&E) as well as in the northeast including utilities in Vermont and New York
state (ConEd, NYSEG, RG&E)

2 Including demand meters and polyphase meters
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Table 3-2: Summary of Cost Categories and Components

Applicability to cost tests

Categor Sub catego
5/ ahd scT ucT RIM
Costs
] Mesh Meters X X X
Meter Equipment,
) Cell Meters X X X
Installation Costs
Gas Modules X X X
Network Equipment, Radio retrofit of existing concentrators X X X
Installation Costs Incremental concentrators w/ radio X X X
MDMS Hardware and Software X X X
AMI Meter Data - _— - -
One time IT costs (Billing system & integration) X X X
deployment | Management System
MDMS Hardware and Software O&M Costs X X X
costs and other IT Costs
IT O&M Costs X X X
Meter & Network Meter related maintenance X X X
erer ) ewor Network related maintenance X X X
Operations & —
) Cell Meter Communication X X X
maintenance
Meter data management X X X
Project management X X X
Program administration & IT costs X X X
AMI Prepayment program Other program costs X X X
enabled Lost revenue X
rates & Program administration & IT costs X
programs Time varying rates Other program costs X X X
Lost revenue X
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Network Equipment, Installation Costs

Network costs only apply to the deployment of AMI to all meters across Central Hudson territory
reachable by remote communication. These costs would essentially consist of the extension and
reinforcement of the wireless mesh network that will already be deployed as part of the planned
distribution automation deployment. Two components would need to be expanded to support
communication with the wireless mesh communicating AMI meters. The first is wireless radios, which
send and receive communications to and from meters in vicinity. The second is data concentrators, which
are usually collocated with the wireless radios and manage data transfer to and from data collectors,
which in turn manage the communications link to central utility control centers. To sufficiently reinforce
the wireless mesh network, it will be necessary to add wireless radios to many data concentrators already
installed for distribution automation. It will likely also be necessary to install a few additional
concentrators® to ensure sufficient coverage for all mesh AMI meters.

Meter Data Management System and other IT Costs

The volumes of data collected from AMI meters is managed via a meter data management (MDM)
system, which is connected through a meter data head end system that is in turn integrated with the
utility’s other systems. The MDM and head end systems can be hosted and managed by either the utility
or by a technology vendor. The cost structure for these two options is substantially different. It presents a
substantial investment in both hardware and software licenses” for a utility to set up these systems. This
investment would not scale with the number of AMI meters deployed. In contrast, vendor hosted systems
are generally priced on a per meter basis. As described in Section 2.4, this means that for smaller
deployments (e.g. to fewer meters) the vendor hosted option will make more economic sense, but after a
certain volume of meters, the utility hosted option will be less costly because foundational fixed costs are
spread over more meters, resulting in a lower average deployment cost per meter. For this analysis a
utility hosted MDM was assumed for the full deployment of AMI to the roughly 360 thousand meters
practically reachable by remote communications, while a vendor hosted MDM was assumed for the
deployment to the roughly 12 thousand demand meters.

In addition to the MDM and head end systems, an AMI deployment would require additional IT costs.
Specifically, Central Hudson would need to upgrade its billing system and integrate the head end with
other internal systems such as the outage management system (OMS) and the customer information
system (CIS). These costs include an upfront investment as well as an ongoing cost. These costs also
include a budget allocation for a permanent position at Central Hudson for managing meter data.

Meter and Network, Operations and Maintenance

The MDM and IT costs described above have associated recurring operations and maintenance costs
described in detail in the appendix under the IT cost section. There are also ongoing costs associated with
maintaining the AMI meters and communications. Meter maintenance costs were analyzed using typical
equipment warranties and failure rates for both meters and mesh network equipment (e.g., radios and
concentrators for the mesh network in the full deployment scenario). Other meter related operations and

2 Also fitted with wireless radios

24 . .
And recurring maintenance thereof

O Nexanr 25



Methodology

maintenance costs included a recurring per meter cost for managing meter data as well as the annual per
meter cost paid to a cellular provider to support communications for cellular meters. This latter cost
would apply to all meters in the partial deployment scenario but for the full deployment scenario it would
only apply to the handful of meters that would be too remote to connect practically to the wireless mesh
network but could still be reached through a cellular network.

Project management

Central Hudson would need the support of incremental staff resources during the AMI implementation
period. These resources range from various engineering positions, communications and network experts,
meter testers, project management, and customer service representatives to handle incoming calls and
questions. These resources would be needed for roughly the duration of the deployment.”

The need for internal resources would be in addition to vendor services which would include network
integration, in the case of a full deployment, with wireless mesh and meter integration support.

3.3.2 Costs for AMI enabled rates and programs

AMI would enable rates and programs that could deliver substantial benefits, but these incremental
benefits would come at a cost.

Prepayment program

AMI would enable the remote connect and disconnect capabilities required to support a prepayment
program. However, there would also be program and IT costs necessary to support and administer the
program. These include IT setup and maintenance costs, participant set up costs (e.g. entry into the IT
system as a participant), annual participant communications, and program administration (e.g. staff to
manage the program).

Time-varying pricing

Support for time varying rates would necessitate IT hardware, software license, and setup costs including
interfaces between a new rate engine and various IT systems (e.g. CIS). Recurring costs would include
license maintenance and cyber security testing. A portion of these costs would scale with the number of
accounts supported, so the costs would be somewhat lower for a partial deployment.

% For a full deployment lasting 5 years (60 months), these resources would be needed for 66 months. Fewer resources would
be needed for a smaller scale deployment to demand meters and they would only be needed for about the two year (24
month) duration of the deployment.
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4 Benefit Cost Analysis: Full Deployment Scenario

This chapter lays out the cost benefit analysis results from three different perspectives for the full
deployment scenario, both for the operational business case and then with AMI enabled rates and
programs. Also included is a supplementary analysis detailing the sensitivity of results to each
assumption. Detailed assumptions can be found in the appendix.

A full AMI deployment would mean installing AMI to support the electric and gas meters in Central
Hudson territory that could be practically accessed via wireless mesh or cellular communications. All
analyses and perspectives for the full deployment scenario share the following common assumption:

The meter population at the beginning of 2016 was as follows:
Electromechanical: 161,151
Electronic: 123,652
Demand metered electronic: 12,023
Gas meters: 82,206
= The meter population is assumed to grow at 0.5% annually.

= The conversion of electromechanical meters to electronic meters will continue until 2020 at its
current pace.

= The AMI deployment period consists of the five years from 2020 through 2024.

= The achievable AMI deployment rate for all meter types is 95%, meaning that wireless
communication (cellular or wireless mesh) cannot be practically established with about 5% of meters
due to their remote locations.

= Of these 95% of meters, about 2% will be too remote for practical use of wireless mesh
communication and will require cellular communications.

= Costs and benefit assumptions are given in 2016 dollars and assumed to inflate at a rate of 2.10%
per year for both labor and non-labor values.

= The analysis period for determining value is the 20 year period from 2020 through 2039.

= To determine net present value over the analysis period, discount rates were used in accordance
with Appendix A, Table A-1 of the BCA Handbook, which has been filed as an appendix to the DSIP. A
discount rate of 6.62% (Central Hudson’s post-tax WACC) was used for the societal cost test and a
rate of 9.43% (Central Hudson’s pre-tax WACC) was used for the utility cost and ratepayer impact
test. For all tests, carbon was discounted at a rate of 3.00% annually.
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4.1 Benefit Cost Analysis Results

Table 4-1 summarizes the net benefits?® and the benefit cost ratio®’ for the operational business case
from the three perspectives relevant to the BCA order. Note that the operational business case includes
operational and customer fairness benefits but excludes AMI enabled rates and programs because such
programs would require regulatory change and approval.

Table 4-1: Benefit and Cost Summary
Full Deployment Operational Business Case

Benefit Cost Analysis . Utility Costs Rate Payer
Societal Test
(20 year NPV, 2016 S000) Tests Impact
Benefits $57,654.0 $45,621.8 $63,879.5
Costs $116,450.6 $106,436.9 $106,436.9
Net Benefits (558,796.6) (560,815.2) (542,557.5)
B/C Ratio 0.50 0.43 0.60

The societal cost test for the operational business case shows total benefits of $57.7 million and total
costs of $116.5 million, resulting in net benefits gap of about $58.8 million and a benefit cost ratio of
0.50. Either incremental benefits or cost savings of about $60 million would be needed to close this gap
and make full AMI deployment cost effective. The utility cost test gave similar results, with a benefit cost
ratio of 0.43.

The ratepayer impact test also includes customer fairness benefits from reduced energy theft and
improved meter accuracy that result in a more equitable allocation of costs across customers. This is
more of a transfer between customers and comes at no incremental cost. Therefore, the ratepayer
benefits are $63.9 million and the costs are $106.4 million, but there remains a net benefit gap of $42.6
million and a benefit cost ratio of 0.60, indicative that AMI deployment under this scenario and
perspective is still cost-ineffective. The detailed breakdown of benefits and costs can be found in Table 4-
2%,

As demonstrated by these summaries, full AMI deployment would not be cost effective for Central
Hudson from any of the three benefit-cost perspectives and regardless of the inclusion of AMI enabled
rates and programs.

Figure 4-1 shows the high level breakdown of cost and benefit categories for the societal cost test for the
full deployment operational business case. The right panel shows the breakdown of costs. The one time
and maintenance IT costs include MDM and head end costs along with other IT costs. The largest cost
category is meter equipment and installation at about $54.4 million, or nearly half the total cost. The

% total benefits minus total costs
" total benefits divided by total costs

%8 Central Hudson’s s post-tax WACC (6.62%) is the discount rate used for the societal cost test because taxes are considered to
be a transfer for that test; Central Hudson’s pre-tax WACC (9.43%) is the discount rate is used for the other two tests.
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portion of this cost which is upfront meter cost (equipment and installation only) corresponds to an
average cost per installed meter of about $143, in line with other recent business cases (see Appendix A).
The second largest cost category is ongoing IT maintenance costs, which contribute $23.4 million in costs.

The panel on the left shows the breakdown of the four operational benefit categories. Though the largest
benefit category is avoided meter replacements, avoided meter reading costs and avoided connect /
disconnect (field operations) contribute a similar magnitude of benefits, each between $16 million and
$19 million. By comparison avoided outage restoration costs contribute a smaller portion of benefits,

about S5 million.

Figure 4-1: Operational Business Case Societal Benefit and Cost Details, Full Deployment

20 year NPV benefits (2016%) 20 year NPV costs (2016%)
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Table 4-2: Benefit and Cost Details, Full Deployment Scenario

Benefit/Cost Test 20 year NPV (2016 $S000)
Pre-tax p
Category Sub category Detail Discount Rate OB
Societal Utility | Ratepayer n discount rate
(Utility and )
(Societal test)
Ratepayer tests)
Benefits
Electronic X X X $14,775.7 $18,417.0
Avoided Meter Replacements
Demand Electronic X X X $429.1 S586.2
Labor costs X X X $12,224.8 $15,562.3
Avoided Meter Reading Costs Vehicle Costs X X X $1,327.6 $1,722.7
Fuel Costs X X X $409.8 $531.8
Operational Faster restoration times for storm outages X X X $1,950.8 $2,470.0
évmded Outage Management Faster outage location time X X X $658.0 $833.2
osts
Avoided truck rolls for customer side
,, i X X X $1,394.4 $1,765.5
outages
Avoided t/di t -
VoI e' connect / disconnect (non ¥ X X $9,526.0 $12.061.4
collection)
Avoided Field Operations Costs Avoided read overs X X X $643.3 $814.5
Avoided reconnects (collection related) X X X $2,282.1 $2,889.5
c Avoided Theft of Service X $8,336.7 $10,512.8
ustomer
fairness Improved Meter Accuracy X $9,921.0 $12,510.5
AMI enabled Avoided capacity costs and energy savings X X X $18,191.0 $22,976.4
2 Prepayment program
rates Reduced CO2 compliance cost* X $3,561.1 $3,561.1
programs
Time varying rates Avoided capacity costs and energy savings X X X $16,025.8 $19,403.1
30
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Benefit/Cost Test 20 year NPV (2016 $000)
Pre-tax Post
Category Sub category Discount Rate osttax
Societal Utility | Ratepayer n discount rate
(Utility and .
(Societal test)
Ratepayer tests)
Costs
Mesh Meters X X X S43,642.9 $46,256.2
Meter Equipment, Installation
Cell Meters X X X $1,647.5 $1,746.1
Costs
Gas Modules X X X $6,082.0 $6,388.1
Network Equipment, Installation | Radio retrofit of existing concentrators X X X $6,000.0 $6,000.0
Costs Incremental concentrators w/ radio X X X $2,700.0 $2,700.0
MDMS Hardware and Software X X X $5,392.0 $5,392.0
AM| One time IT costs (Billing system &
Meter Data Management System | ; t tion) X X X $2,342.4 $2,342.4
deployment integration
and other IT Costs
costs MDMS Hardware and Software O&M Costs X X X $12,076.0 $14,741.8
IT O&M Costs X X X $8,807.0 $10,751.2
Meter related maintenance X X X $2,029.5 $2,587.4
Meter & Network Operations & Network related maintenance X X X $302.0 $383.6
maintenance Cell Meter Communication X X X $1,023.7 $1,289.9
Meter data management X X X $3,549.2 $4,483.5
Project management office (PMO) X X X $10,842.6 $11,388.3
Program administration & IT costs X X X $3,650.7 $4,479.0
Prepayment program Other program costs X X X $5,142.0 $6,143.5
AMI enabled Lost revenue X $14,282.5 $17,996.3
rates &
orograms Other program costs X X X $3,217.5 $3,579.2
Time varying rates Program administration & IT costs X X X $15,323.2 $17,896.6
Lost revenue X $6.2 $7.5
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4.2 Key cost-effectiveness drivers (Sensitivity analysis)

Key drivers of cost-effectiveness were analyzed through a systematic sensitivity analysis designed to
identify the inputs that contribute most to net benefits. This is accomplished by varying each component
by 20% while holding all other inputs constant. The goal is to identify which inputs have the greatest
impact on results and whether the result will change substantially or directionally by varying or fine
tuning inputs.

Figure 4-2 shows the sensitivity results for the assumption inputs with the greatest impact on the societal
cost test. The top ten assumptions can be said to be the top ten drivers of the result. The mid-point
where the blue and orange lines meet is the societal test net benefit of roughly negative $59 million. The
orange line representing the resulting incremental net benefit downside from varying each input by 20%,
while the blue line represents the resulting incremental net benefit upside. The number labels on each
bar represents the alternate assumption used. Many of the top drivers consisted of multi-part inputs
which were varied together using a multiplier. This includes mesh meter equipment cost for simple /
typical installations (the top driver) and mesh meter labor cost for simple / typical installations (fourth
from the top)®’. Other inputs, such as useful life of AMI meters (the analysis period) were varied directly.

The key finding from the sensitivity analysis is that each individual input has only a small impact on the
result. A 20% variation in the top driver, mesh meter equipment cost for simple / typical installations, only
results in a net benefit change of roughly plus or minus $6.5 million. This is equivalent to about plus or
minus 10% in net benefits or plus or minus 0.06 to the benefit cost ratio. Independently varying each of
the next nine key drivers only results in a net benefit change of about plus or minus $2.5 million for each
driver. This is equivalent to about plus or minus 5% in net benefits or plus or minus 0.03 to the benefit
cost ratio.

» See Section 3.3.1 and the appendix for details on the various components included in meter installation equipment and labor
costs. For the sensitivity analysis the aggregate value was varied by use of a multiplier in lieu of varying each cost assumption
individually.
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Figure 4-2: Top Ten Drivers of Full Deployment Societal Benefit Cost Results

Societal Test Net Benefits

Millions
($70.0.) ($65.0.) ($60.0.) {$55.0.) ($50.0.) (345.0.)
AMI Mesh Simple install equipment cost 120% —— 80%
Useful life of AMI meters (analysis period) 16 _— 24
MDM Hardware O&M 120% _— 80%
Number of CH full time meter readers 13 -- 19
Electronic Meters Simple install labor cost 80% -- 120%
Lock and unlock aveidance rate 68% -- 102%
AMI Mesh Simple install labor cost 120% -- 80%
Project Management Office 120% -- 80%
Annual routes per meter reader 32 _l 48
Lock and unlock labor (hours) 0.4 -- 0.6

B Maximum B Minimum

4.3 BCA Results: AMI Enabled Rates and Programs

AMl also enables the deployment of time varying rates either on an opt-in or default basis, which allows
different prices for different time periods and different locations. These rates enable customers to save
money not only by reducing energy use, but by changing when they use power. AMI also enables
programs, such as pre-payment options that provide customers with alternative ways to buy electricity.
The benefits of AMI enabled rates and programs were quantified but not included in the core operational
business case, because of uncertainty regarding how these would be implemented and because
implementation would be reliant on regulatory changes.

4.3.1 Time Varying Rates

Figure 4-3 demonstrates how the benefits provided by time-varying rates can vary substantially
depending on the strategy (default or opt-in), customer targeting (e.g. customers with higher usage), the
ratio of peak time rates to off-peak rates, and the magnitude of avoided T&D and generation capacity
costs. Each bar represents total incremental benefits (in blue) and costs (in green) for the different
residential enrollment strategies considered. In all four scenarios presented in figure 4-3, non-residential
customers are assumed to be defaulted onto time-of-use rates, but the residential strategies vary in
accordance with the applicable label. For example, the blue bar on the far left shows that there would be
about $19.4 million in benefits when it is assumed that non-residential customers are defaulted onto a
time-of-use rate and residential customers are presented with an opt-in Tou-cpp*° rate, which would be
targeted at the top 80% of residential customers by usage. This type of strategy requires continuous
recruitment of customers, enrolls fewer customers (15% of targeted customers), but also leads to larger

*® Time Of Use rate plus a Critical Peak Pricing adder on the days with greatest demand
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peak reductions per customer (19.2%).>" In contrast, the blue bar on the far right shows that there would
be about $35.5 million in benefits for a TOU-CPP* rate onto which residential customers would be
defaulted® (but could still opt-out of) and which would be targeted at the top 60% of residential
customers by usage and where non-residential customers are defaulted onto time-of-use rates. Despite
having a positive net benefit this strategy, as well as the most aggressive strategy of default TOU-CPP for
all customers, still results in the AMI business case proving to be cost-ineffective. Additionally, when
considering the impacts of implementing time varying rates, it is important to consider the ability that
customers have to switch to an Energy Service Company (ESCO). While the switching of customers may
not be easily quantifiable, it is important to at least note that customers may have the option to avoid
time varying pricing by obtaining their energy supply from a company other than the utility.

The smaller variation in costs shown in Figure 4-3 also demonstrates that the costs associated with time
varying rates are influenced by strategy and targeting to a far smaller degree than are benefits. This is
largely because the majority of costs associated with time-varying rates come from IT enablement of
complex rates. Central Hudson’s current Customer Information System would require significant redesign
and changes to enable time varying rates for all sectors.

The rate option used for the benefit cost test elsewhere in the full deployment analysis is the opt-in TOU-
CPP strategy for residential customers combined with the default TOU for non-residential customers
shown on the far left of Figure 4-3. This is because a default time-varying rate would represent a stark
shift in rate policy for the state of New York and would therefore require strong support from the Public
Service Commission. Currently, California is the only state where residential customers will be defaulted
onto time varying rates in the future®*. Also in the case of California, the default rate will be a TOU rate
and will not include a CPP component. Therefore, while the potential default TOU-CPP benefits are
included below, the opt-in TOU-CPP results are used for this analysis because that is the most realistically
achievable rate design for Central Hudson.

31 Estimated residential impacts were based on prototypical rates, load data, and price elasticities from the Connecticut Light &
Power pricing pilot.

32 Time Of Use rate plus a Critical Peak Pricing adder on the days with greatest demand
3 Meaning customers would be placed automatically on the rate but that anyone could chose to opt-out of the rate

3 pursuant to an order by the California Public Utilities Commission, residential customers of California IOUs will be defaulted
in 2019
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Figure 4-3: Incremental benefits and costs for time varying pricing by residential enrollment strategy®

m Incremental TVP Benefits m Incremental TVP Costs
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4.3.2 Pre-payment Programs

Prepayment programs enable goal-setting with daily feedback to customers. Customers report a greater
sense of control and ability to avoid surprise bills and achieve key benefits. A common analogy for
prepayment programs is buying gasoline for vehicles (another essential good). The fuel is purchased in
advance and the customer receives continuous feedback regarding how much fuel is left and the pace at
which they are using it up. They are responsible for moderating their use and for refilling it. AMI enables
prepayment programs both by providing a means to communicate to the customer and also by enabling
remote disconnect. A zero balance can result in disconnection or higher rates. Prepayment programs
have delivered energy savings between 11% and 13% (not including interrupted service) due to
behavioral response. In utilities with well-established pre-payment programs, such as Salt River Project,
12% of customers have elected pre-payment.

Setting up a pre-payment programs would cost roughly $1M, most of which is for adapting the IT systems
to enable prepayment programs. Once running, annual costs for administration would cost roughly $290k
per year (52016). There are various designs for prepayment programs to enable them to be self-funding.

The analysis reflects that prepayment programs can be cost-effective. Over the course of 20 years, the
NPV of benefits and costs total $26.5M and $10.6M, respectively, yielding net benefits of $15.9M.

35 . . . . .
Non-residential customers are defaulted onto time-of-use rates in all enrollment scenarios
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4.4 BCA Results: Operational and AMI enabled benefits and costs

Table 4-3 summarizes from all three cost perspectives the net benefits and the benefit cost ratio for the
AMI enabled rate and programs incremental to and exclusive of operational benefits and costs. Table 4-4
summarizes the net benefits and the benefit cost ratio for the operational business case plus AMI enabled
rates and programs.

Table 4-3: Benefit and Cost Summary, Full Deployment, AMI Enabled Rates and Programs
(Incremental to Operational Business Case)

AMI
Utility Costs Rate Payer
Enabled ‘ Societal Test y v
Tests Impact
Program
Benefits $19,403.1 $16,025.8 $16,025.8
Opt-in Time | ;¢ $21,475.8 $18,540.7 $18,546.9
Varying )
Pricing Net Benefits ($2,072.7) ($2,514.9) ($2,521.1)
B/C Ratio 0.90 0.86 0.86
Benefits $26,537.6 $18,191.0 $18,191.0
Pre- Costs $10,622.5 $8,792.6 $23,075.1
payment .
orogram Net Benefits $15,915.1 $9,398.4 (54,884.1)
B/C Ratio 2.50 2.07 0.79

Table 4-4: Benefit and Cost Summary, Full Deployment, Operational Business Case + AMI Enabled
Rates and Programs

Societal Utility Costs Rate Payer
Benefit Cost Analysis (000s, 2016S) Test Tests Impact
Benefits $103,594.6 $79,838.6 $98,096.3
Costs $148,548.9 $133,770.3 $148,059.0
Net Benefits (544,954.2) ($53,931.7) (549,962.7)
B/C Ratio 0.70 0.60 0.66

Results for the societal test show a 0.70 benefit cost ratio after benefits from AMI enabled rates and
programs are added to the operational business case. This is somewhat higher than the 0.60 ratio from
the utility cost test, due primarily to the different discount rates used for each test. There is also a
fractional difference due to the inclusion of a small amount of carbon benefits®® in the societal cost test.

* Carbon savings result from the energy saved by the prepayment program. Energy savings and therefore carbon savings are
negligible for time varying pricing.
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The societal cost test shows total benefits of $103.6M and total costs of $148.6M, resulting in a net loss
for utility customers of about $45.0 million. As shown in Table 4-3, the AMI enabled rates and programs
evaluated contribute a negligible amount of net benefits and therefore do not measurably help close the
net benefit gap of about $S60 million identified in the operational business case. Even with AMI enabled
rates and programs, full deployment of AMI is not cost effective for Central Hudson customers.
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5 Benefit Cost Analysis: Partial Deployment Scenario

This chapter lays out the cost benefit analysis results from three different perspectives for the partial
deployment scenario, both for the operational business case and then with AMI enabled rates and
programs. Detailed assumptions can be found in the appendix.

A partial AMI deployment would mean installing AMI to support the roughly 12,000 electric demand
meters in Central Hudson territory, which account for approximately 4% of accounts, 12% of system
demand, and 27% of total energy usage and consumption. AMI would replace the electric demand
meters in Central Hudson territory so that meters could be practically accessed via wireless mesh or
cellular communications. It would largely affect the mid-size commercial customers with demand less
than 300 kW and would not include the three hundred or so large commercial and industrial customers
that are currently interval metered. All analyses and perspectives for the partial deployment scenario
share the following common assumption:

= The relevant meter population at the beginning of 2016 was 12,023.

= The meter population is assumed to grow at 0.5% annually.

=  The conversion of electromechanical meters to electronic meters will continue until 2020 at its
current pace.

=  The AMI deployment period consists of the two years from 2020 to 2021.

= The achievable AMI deployment rate for all demand meters is 95%, meaning that remote
communication (cellular or wireless mesh) cannot be practically established with about 5% of meters
due to their remote locations.

= Of these 95% of demand meters, about 2% will be too remote for practical use of wireless mesh
communication and will require cellular communications.

= Costs and benefit assumptions are given in 2016 dollars and assumed to inflate at a rate of 2.10%
per year for both labor and non-labor values.

= The analysis period for determining value is the 20 year period from 2020 through 2039.

= To determine net present value over the analysis period a discount rate of 6.62% (Central Hudson’s
post-tax WACC) was used for the societal cost test and a rate of 9.43% (Central Hudson’s pre-tax
WACC) was used for the utility cost and ratepayer impact test. For all tests, carbon was discounted
at a rate of 3.00% annually.
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5.1 BCA Results

Table 5-1 summarizes the net benefits®” and the benefit cost ratio®® for the operational business case
from the three perspectives relevant to the BCA framework. Note that the operational business case
includes operational and customer fairness benefits but excludes AMI enabled rates and programs
because such programs would require regulatory involvement and changes to implement.

The societal cost test for the operational business case shows total benefits of $2.0 million and total costs
of $28.2 million, resulting in net benefits gap of about $26.3 million and a benefit cost ratio of 0.07. Either
incremental benefits or cost savings of about $26 million would be needed to close this gap and make
partial AMI deployment cost effective. The utility cost test gave similar results, with a benefit cost ratio of
0.06.

The ratepayer impact test also includes customer fairness benefits from reduced energy theft that result
in a more equitable allocation of costs across customers. Unlike the full deployment scenario, improved
meter accuracy is not included because this benefit does not apply to electronic demand meters. The
reduced energy theft is more of a transfer between customers and comes at no incremental cost.
Therefore, the ratepayer benefits are $5.3 million and the costs are$25.2 million, but there remains a net
benefit gap of $19.9 million and a benefit cost ratio of 0.21, indicative that AMI deployment under this
scenario and perspective is still cost-ineffective. The detailed breakdown of benefits and costs can be
found in Table 5-2%.

As demonstrated by these summaries, partial AMI deployment would not be cost effective for Central
Hudson from any of the three benefit-cost perspectives and regardless of the inclusion of AMI enabled
rates and programs.

Figure 5-1 shows the detailed breakdown of cost and benefit categories for the societal cost test for the
partial deployment operational business case. The right panel shows the breakdown of costs. The one
time and maintenance IT costs include MDM and head end costs along with other IT costs. The largest
cost category is IT maintenance ($8.8 million), followed closely by meter equipment and installation ($8.7
million). IT maintenance is a larger portion of total costs and is higher relative to one-time IT costs for the
partial deployment in part because IT maintenance includes the vendor hosted MDM and head end
systems, for which cost per meter is higher and for which ongoing costs are higher than one-time costs
(there are no one-time costs for a vendor hosted MDM).

The panel on the left shows the breakdown of the four operational benefit categories. Benefits are
essentially negligible in magnitude when compared to costs for a partial deployment. The largest two
benefit categories are avoided meter replacements and avoided meter reading costs just as with the full
deployment scenario.

%7 total benefits minus total costs
* total benefits divided by total costs

* Central Hudson’s s post-tax WACC (6.62%) is the discount rate used for the societal cost test because taxes are considered to
be a transfer for that test; the Central Hudson’s pre-tax WACC (9.43%) is the discount rate is used for the other two tests.
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Table 5-1: Benefit and Cost Summary, Partial Deployment, Operational Business Case

Societal Utility Rate Payer
Benefit Cost Analysis Test Costs Tests Impact
(20 year NPV, 2016 S000)
Benefits $1,956.2 $1,494.1 $5,284.2
Costs $28,243.2 $25,151.7 $25,151.7
Net Benefits ($526,287.0) (523,657.6) ($19,867.5)
B/C Ratio 0.07 0.06 0.21

Figure 5-1: Operational Business Case Societal Benefit and Cost Details, Partial Deployment

20 year NPV benefits (2016%) 20 year NPV costs (2016%)
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Table 5-2: Benefit and Cost Details, Partial Deployment Scenario

Benefit/Cost Test 20 year NPV (2016 S000)
Post tax
Pre-tax discount
Category Sub category Detail : " Discount Rate
Societal Utility Ratepayer s rate
(Utility and )
Ratepayer tests) [Ftotte|
pay test)
Benefits
Avoided Meter Electronic X X X S0.0 S0.0
Replacements
Demand Electronic X X X $804.9 $1,099.5
Labor costs X X X $385.4 $479.9
Avoided Meter )
Reading Costs Vehicle Costs X X X $0.0 $0.0
Fuel Costs X X X $0.0 $0.0
Operational Faster restoration times for storm outages X X X $83.2 $103.2
Avoided Outage ) .
Management Costs Faster outage location time X X X $28.1 $34.8
Avoided truck rolls for customer side “outages” X X X $55.7 $69.1
Avoided connect / disconnect (non-collection) X X X $128.2 $159.0
AVOlde(_j Field Avoided read overs X X X $8.7 $10.7
Operations Costs
Avoided reconnects (collection related) X X X $0.0 $0.0
Avoided Theft of Service X $3,790.1 $4,672.0
Customer
fairness
Improved Meter Accuracy X $0.0 $0.0
Avoided capacity costs and energy savings X X X $0.0 $0.0
AMI enabled Prepayment
rates & program Reduced CO2 X $0.0 $0.0
programs
Time varying rates Avoided capacity costs and energy savings X X X $9,315.4 $10,947.0

* A 3% discount rate is applied to CO2 costs per the BCA order
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Benefit/Cost Test 20 year NPV (2016 S000)
Pre-tax
Category Sub category Detail Discount Rate Post tax
Societal Utility Ratepayer " discount rate
(Utility and TS
(Societal test)
Ratepayer tests)
Costs
Mesh Meters X X X $0.0 $S0.0
Meter Equipment, Cell Meters X X X $8,653.2 $8,868.2
Installation Costs
Gas Modules X X X $0.0 $0.0
Network Equipment, Radio retrofit of existing concentrators X X X S0.0 $0.0
Installation Costs Incremental concentrators w/ radio X X X $0.0 $0.0
MDMS Hardware and Software X X X S0.0 $0.0
AMI One time IT costs (Billing system &
deployment Meter Data Management integration) X X X 22,3424 22,3424
Syst d other IT Cost
costs ystem and othertl LoStS | \ibms Hardware and Software O&M Costs X X X $1,710.4 $2,113.8
IT O&M Costs X X X $7,127.3 $8,700.7
Meter related maintenance X X X $296.1 $376.2
Meter & Network Network related maintenance X X X S0.0 $0.0
Operations & maintenance | ce|| Meter Communication X X X $1,860.5 $2,290.4
Meter data management X X X S0.0 $0.0
Project management office (PMO) X X X $3,161.8 $3,551.4
Program administration & IT costs X X X S0.0 $0.0
Prepayment program Other program costs X X X $0.0 $0.0
AMI enabled Lost revenue X $0.0 $0.0
rates &
programs Other program costs X X X $256.3 $284.1
Time varying rates Program administration & IT costs X X X $6,052.4 $7,117.8
Lost revenue X $6.0 $7.0
42
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5.2 BCA Results: Operational and AMI enabled benefits and costs

Benefits and costs were also assessed for AMI enabled time varying rates. Prepayment programs are not
included because they are generally only targeted at residential customers and, therefore, are not
relevant for demand metered customers who are typically mid-size commercial.

Table 5-3 summarizes the net benefits, 3.5M, and the benefit cost ratio, 1.48, for the AMI enabled rates
incremental to operational benefits and costs., The benefits are based on the implementation of default
TOU rates for demand customers® (with the customer option to opt out) and assume a modest energy
reduction of 2% during peak period. The evidence of peak reduction in response to TOU rates comes from
California’s recent transition of over 1 million small and medium businesses to mandatory time of use
rates. Difference between peak and off peak prices were minimal, but still yielded peak reduction
between 2.4% and 3.5%. To be conservative, the analysis assumed peak reductions of 2% among
customers who remained on the rate. The cost of implementing time varying rates for demand metered
customers is lower because marketing to recruit customers can be avoided and, more importantly,
because an IT solution can be designed for demand metered customers at a substantially lower cost than
a full deployment where any customer can opt-in to time varying prices.

Table 5-4 summarizes the net benefits and the benefit cost ratio for the operational business case plus
AMI enabled rates and programs. Because the AMI enabled time varying rates evaluated contribute
$3.5M in net benefits, adding this improves the operational business case. However, even with AMI
enabled rates and programs, partial deployment of AMI is not cost effective for Central Hudson
customers and would lead to net losses of $22.7M.

Table 5-3: Benefit and Cost Summary, Partial Deployment, AMI Enabled Rates and Programs (Incremental
to Operational Business Case)

. : Societal Utility Costs Rate Payer
Benefit Cost Analysis (000s, 2016S) Test Tests Impact
Benefits $10,947.0 $9,315.4 $9,315.4
Costs $7,401.9 $6,308.7 $6,314.8
Net Benefits $3,545.0 $3,006.6 $3,000.6
B/C Ratio 1.48 1.48 1.48

Table 5-4: Benefit and Cost Summary, Partial Deployment, Operational Business Case + AMI Enabled
Rates and Programs

Benefit Cost Analysis (000s, 2016%) SOTC(:E' Ut"'Tt:S(t::“S Rﬁtr:ppaac‘fr
Benefits $12,903.2 $10,809.5 $14,599.5
Costs $35,645.1 $31,460.4 $31,466.5
Net Benefits ($22,741.9) ($20,651.0) ($16,866.9)
B/C Ratio 0.36 0.34 0.46

0 For both the full and partial deployment scenarios, non-residential customers are assumed to be defaulted onto TOU rates.
The primary difference is that the full deployment scenario also includes opt-in TOU-CPP for residential customers.
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6 Conclusion

A potential deployment of AMI within Central Hudson territory was assessed from various perspectives
(societal, utility, ratepayer), scenarios (full and partial), and benefit categories (operational only versus
incremental AMI enabled benefits contingent on regulatory changes). The analysis approach taken was
the same used by Nexant for various other AMI business cases, many of which resulted in positive
business cases that ultimately lead to AMI deployments. However, in the case of Central Hudson, AMI is
not cost-effective for the reasons reiterated below.

6.1 Full deployment

Full AMI deployment to all meters practically reachable by remote communications is not cost-effective.
Regardless of whether incremental benefits (and costs) for AMI enabled rates and programs are
considered in addition to operational costs and benefits, costs outweigh benefits from both the societal
perspective and the utility perspective. From the ratepayer perspective, the same holds true; AMI is not
cost-effective regardless of whether incremental benefits (and costs) for AMI enabled rates and programs
are considered.

As described in Section 2.3 on the current Central Hudson landscape, the substantial gap between
operational AMI benefits and costs is explained by the following Central Hudson characteristics:

= The approved deployment of distribution automation will capture a substantial portion of benefits in
the form of Volt/Var Optimization (VVO) and outage location identification, leaving little incremental
benefits from AMI.*!

= 50% of customer meters are electronic with Advanced Meter Reading (AMR). By 2020, when AMI
deployment would begin, about 60% of customer meters will have electronic meters with AMR.
Electronic meters already capture the full or partial benefits for several categories, including meter
reading (from walk-by or drive-by reading) and meter accuracy improvements.

= Bi-monthly meter reading for a majority of customers means meter reading costs are already
relatively low.

= The presence of gas meters at roughly 25% of customer sites increase the cost of AMI installation
necessary to avoid meter reading costs but bring little other incremental benefit.

= The remote geography leads to reduced operational savings (e.g. meter reading) and incremental
costs due to the need for additional network infrastructure and cellular meters.

6.2 Partial deployment

Partial AMI deployment to all demand meters practically reachable by remote communications is also not
cost-effective, by an even greater margin than with full deployment. Regardless of whether incremental
benefits (and costs) for AMI enabled rates and programs are considered in addition to operational costs
and benefits, costs outweigh benefits from all perspectives.

* Distribution automation also enables a substantial share of avoided customer outage cost benefits which were hence not
quantified.
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Conclusion

In addition to the characteristics of the current Central Hudson landscape which cause a full deployment
to be cost-ineffective, there are two more primary reasons why partial deployment of AMI is also cost-
ineffective. In particular:

= Foundational IT investments are required independent of the number of meters deployed

=  Fewer meters means reduced savings for operational benefit categories proportional to meter
deployment (e.g. meter reading, outage management)
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Appendix A Comparison to ConEd AMI Business Plan

In an effort to provide some degree of external validation for the benefit and cost estimates derived for
Central Hudson, Nexant compared the results of the Central Hudson analysis to the results contained in
the AMI business plan recently filed by Consolidated Edison (ConEd). Table A - 1 shows how definitions
were carefully reviewed to identify how to make a like to like comparison of benefits and costs between
the two companies. Except for gas meters and VVO, the items excluded from the Central Hudson analysis

were largely deemed to have negligible savings after initial qualitative evaluation. Instead, the analysis

focused on the elements most likely to provide measurable quantifiable benefits.

Table A - 1: Comparison of benefit descriptions for ConEd and Central Hudson

ConEd Benefit Description Central Hudson Benefit Description

Excluded

AMI enabled: Prepayment program

Interval Metering

Excluded

Gas Meters

Excluded because gas meters will be retrofit
not replaced

Call Center Labor Excluded
Distribution System Capital Expenditure

_ Excluded
Reductions
Billing Improvements Excluded
Distribution Transformers O&M Savings Excluded
Solar Support Excluded

Conservation Voltage Optimization

Excluded due to planned Distribution
Automation implementation

Demand Side Management Expansion

AMI enabled: Time-varying rates

Inactive Meter/Unoccupied Premises

Excluded

Meter Capital + System Retirement

Replacement of failing meters - Electric

Meter Reading Labor

Meter reading labor

Field operations

Connection / Disconnections and read overs
(not collection related)

Meter Accuracy/Irregular Meter Conditions

Meter Accuracy

Revenue Protection

Theft of Service

Contractor and Company Outage
Management Labor

Outage management

Bad Debt (remote locks)

Collection reconnects (remote unlocks)

Meter Reading Support Systems

Meter reading vehicles & fuel

Figure A - 1 is a comparison of ratepayer benefits common to both companies, excluding the AMI enabled
benefits not included in the operational business case. Each specific benefit is shown as a percent of total
benefit to enable a like to like comparison. This shows that the relative share each benefit contributes is
relatively comparable between the two companies. Those that vary the most are energy theft and meter

accuracy, both contributing about 50% greater share to the ConEd business case (e.g. the 24% share

contributed by meter accuracy to the ConEd case is 50% higher than the 16% contributed to the Central
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Hudson case). This can largely be explained by the higher wholesale energy prices faced by ConEd in New
York City. Meter reading labor also contributes a somewhat higher share for ConEd, perhaps in part due
to the Central Hudson characteristics which lead to costs being relatively low today (e.g. bi-monthly
meter reading).

Figure A - 1: Comparison of common operational AMI benefits for ConEd and Central Hudson

100% -

m Meter reading vehicles & fuel

4%
90%
Collection unlock (ConEd remote locks, CH
80% remote unlocks)
70% Outage mgmt
60%
m Energy theft
50%
40% - m Meter Accuracy/Irregular Meter Conditions
0
30% m Connection/Disconnections (not collection related)
20%
m Meter reading labor
10% - g
0
0% m Replacement of failing meters - Electric

ConEd Central Hudson

Figure A - 2 shows the relative cost comparison for ConEd and Central Hudson. The two cost categories
with the greatest discrepancy are IT costs and AMI meters cost. However, when comparing only the
upfront meter cost (equipment and installation only) for ConEd and Central Hudson meter costs are
relatively close.*? This means that difference in IT costs is likely the greatest source of discrepancy. While
a detailed comparison of IT costs is not possible with the information provided in the ConEd business
plan, this high level comparison suggests that the IT cost estimates used in the Central Hudson analysis
are, if anything, not likely to be overestimated. This is a key point because one important reason why AMI
proved to be cost ineffective in this analysis is that there are relatively few meters across which to spread
foundational IT costs. The ConEd comparison suggests that this does not mean that the IT costs are high
as compared to other utilities, rather that there are simply too few meters for AMI benefits to outweigh
the cost of AMI.

2 Total meter cost in the ConEd business case was $777 million for 3.55 million meters, or $162 per meter. The average cost for
Central Hudson is $143.
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Figure A - 2: Comparison of Common AMI costs for ConEd and Central Hudson
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Appendix B AMI Business Case Assumptions:

Full Deployment

B.1 General analysis assumptions

Meter population and deployment rates

Electro-

METER VOLUME mechanical Electronic Meters Multi Phase Meters Gas Meters
Units (starting) 161,151 123,652 12,023 82,546
Achievable AMI deployment rate 95% 95% 95% 95%
Percent of AM| meters that will be cell 2% 2% 2% 2%
Population growth (%) 050% 0.50% 0.50% 0.50%

Deployment scenario Net present value

Net Present Value assumptions

Analysis Period (in years) 20
Deployment scenario Pl DiscountRate (PretaxWACC) 9.43%
AMI deployment starting in... 2020  Discount Rate (PosttaxWACC) 6.62%
Years of Deployment 9 Discount Rate (Carbon) 3.00%
General Inflation Rate 2.10%
Labor Cost Escalation Rate 2.10%
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B.2 Benefit assumptions
B.2.1 Meter reading

AVOIDED COST - Meter Readings (2016$) Employee Contractor Contractor or Employee

FTE (starting) 16 15

Annual FTE Salary Costs (including benefs) $51,376 $50,072

Vehicle Costs - excluding fuel (hourly) §7.71

Fuel Costs (hourly) $2.38

% of Meter Reading Costs Avoided 70% 100%

Routes per reader peryear 40
Hours perreader per year (for applying vehicle & fuel costs) 2,000
Meters per day per reader (before deployment) 306
Meters per day per reader (after full deployment) 150

Inputs provided by CH staff

Salary includes benefits for employees,
vehicle costs for contractors

meter population
FTEs =roules per FTE

Meters per dayyaseiine =

Meters / day/ reader much lower after full
deployment due to dispersed, rural non-AMI
meter population

O Nexanr =0
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B.2.2 Outage management

AVOIDED COSTS - Faster restoration times (2016%)

Storm - Base

Storm - OT

Trouble orders - OT

Budget - expense
% of costs eliminated

AVOIDED COSTS - Outage location time (20168)

$1,276 856

§1,124,787

§1,153.172

10.0%

100%

0.0%

Storm

Non storm

Number of outages (annual avg, 2010-2015)
Average time to locate an outage (hours)
Reduction in outage location time due to AMI (%)
Hourly labor cost

Hourly equipment cost

AVOIDED COSTS - Truckrolls due to customer side "outages" (2016$)

2,720

6,079

11

14

0.0%

100%

§150

$100

$22

$22

Storm

Non storm

Number of customer calls

Share of customer calls causing truckroll
Share of customer truckrolls avoided
Labor Cost per truck roll

Equipment Cost per truck roll

* |nputs provided by CH
staff; equipment costs
assume service truck /
bucket truck class

= Costreductions
allocated on a yearly
basis proportionately
to AMI meter
population

= Qutage costs based
on 5 year historical
(2011-2015) average
total costs across all
eight districts

0 Nexanr

6,854

3,125

20.0%

200%

80.0%

80.0%

§79

§79

§29

$29

51



Appendix B

B.2.3 Field operations (remote connect / disconnect, read over)

AVOIDED COSTS - Field operations connect/ disconnect (2016$) Lockiunlock Read overs Collection unlock
Average annual volume 25,551 1,800 10,663
Avoidance rate (electric meters only) 85% 100% 85%
Labor & vehicle hours saved per operation 05 05 05
Hourly labor rate §79.00 $79.00 §55.00
Hourly vehicle rate $9.00 $9.00 §7.00
Locking collar unit cost $10.00

Inputs provided by CH staff

Only locks / unlocks with no gas are avoided

Only Collection related remote locks are
explicitly disallowed so unlock may be
permissible

B.2.4 Replacement of failing meters

METER COSTS (20168)

Electronic

Meter useful life
Meter cost- simple (includes tax)

Install cost - simple
Meter testing simple

Meter cost- complex/polyphase / demand (incl
Install cost - complex/ polyphase/demand

Meter testing complex/ polyphase / demand

% complex/polyphase/ demand installs

Meter IT processing (CSR labor)

Meters are replaced at the end of useful life

Meter age distribution based on install date
of existing stock

Only applied to meters replaced earlier due
to AMI

¢ Nexanr

30
40.00
89.00

1.18
170.00
89.00
6.25
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B.2.5 Energy Theft and Meter accuracy

Transfer/Equity - Unaccounted for energy (2016$) Electromech Electronic Demand AMR
Average annual usage per meter (kWh) 7,520 100,972
Unbilled kWh % 1.0% 1.0%
Theft avoidance rate 250% 25.0%
Recovery improvement from meter accuracy 0.0% 0.0%

» Benefits are not operational, but rather
transfers between ratepayers (leading to
more fair allocation of costs across rates) so
only apply to RIM test

Benefit is delivery charge + wholesale
avoided energy charge (LBMP) for both
avoided theft and improved meter accuracy

Meter accuracy only applies to replaced
electro mechanical meters

¢ Nexanr
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B.3 Cost assumptions
B.3.1 AMI meter cost

METER COSTS (201685) AMI - Mesh AMI - Cell Gas Meter / Module
Meter useful life 20 20 30
Meter cost - simple (includes tax) S 10364 S 238.70 $ 58.51
Install cost - simple S 25.00 ] 25.00 $ 27.66
Meter testing simple $ 052 $ 052 $ 1.18
Meter cost - complex/ polyphase /demand (includes $ 21158 $ 596.75 $ 95.66
Install cost - complex/ polyphase / demand $ 7500 § 97.50 $ 100.85
Meter testing complex/ polyphase | demand $ 625 $ 625 S 6.25
% complex | polyphase | demand installs 28% 28% 2.8%
Meter IT processing (CSR labor) $ 823 S 923 $ 9.23
Panel repair equipment cost $ 40000 s 400,00
Panel repairlabor cost [ 200.00 S 200.00
% installs needing panel repair 25% 25%

Adapters (Old panels) $ 90,00 $ 90.00
Adapter installation labor cost $ 25.00 $ 25.00
% of sites requiring adapters 5% 5%
Locking Rings (Tamper proofing) $ 300 $ 3.00
Meter Seals (Tamper proofing) $ 100 $ 1.00

* Inputs based on knowledge of
industry costs, including ltron
quote provided to Central Hudson

¢ Nexanr
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B.3.2 Network & software cost

AMI NETWORK COSTS (20168)

Radio only

Concentrator + radio

Number of concentrators planned (DA) 3,000

Incremental units to support AMI (Full deployment) 100% 10%
Install / retrofit cost 1,000 $ 4,000
Equipment cost 1000° S 5,000

METER DATAMGMT & OTHERIT COSTS(20168) Initial Costs Annual O&M

Head End and MDM hardware (utility hosted) 3,392,000 $ 678,400
Software licensing fees (utility hosted only) 2,000,000 $ 400,000
Central Hudson IT costs (Billing system & integration) 2342382" S 636476
Other Central Hudson labor (1 meter shop FTE for MDM) $ 150,000

» Network cost inputs based on industry
knowledge plus staff discussions of DA
deployment plan

MDMS inputs based on knowledge of
industry costs, including ltron quote provided
to Central Hudson

* O&M assumed to be a percent of initial cost:
MDMS hardware: 20%

IT integration: 20%
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B.3.3 O&M cost

AMINETWORK O&M COSTS (2016$) Meter (Cell & Mesh) Mesh Network
Equipment warranty period (years) 20 20
Failure rate after warranty 0.5% 0.5%
Communication ($/unit-year) (cell meters) $ 15.00 $ -

Meter data management ($/meter-year) S 100
Assumptions
* |nputs based on knowledge of industry
costs, including Itron quote provided to
Central Hudson
= O&M assumed to be a percentage of initial
cost:
MDMS hardware: 20%
IT integration: 10%

B.3.4 PMO: Project Management & Central Hudson Labor
Item Description Cost FTE's Units Unit Type Total Cost Internal External Total
Customer engagement consultant to run customer engagement process | $ 57.69 - 66 |Months $ - $ - 18 -
Customer engagement radio interference issues $ 57.69 0 66 |Months $ 164,683 | $ 164,683 $ 164,683
Customer Engagement internal management $ 57.69 0 66 |Months $ 164,683 | $ 164,683 $ 164,683
Director $ 57.69 1 66 |Months $ 658,731 [ $ 658,731 $ 658,731
Assoc Director IT Lead $ 57.69 1 66 |Months $ 658,731 | $ 658,731 $ 658731
Administration $ 57.69 - 66 |Months $ - |8 - $ -
Budget/Contracts $ 57.69 - 66 |Months $ $ $ -
Customer Communication $ 57.69 - 66 |Months $ $ $ -
OT AMI Lead $ 57.69 - 66 |Months $ $ $ -
Network Lead $ 57.69 - 66 |Months $ - $ - $ -
Legal and Regulatory $ 57.69 1 66 |Months $ 329,365 $ 329,365 [ $ 329,365
Implementation Lead $ 57.69 - 66 |Months $ - $ $ -
Process Change/Exceptions Management Lead $ 57.69 - 66 |Months $ - $ - $ -
Exception Management $ 57.69 2 66 |Months $ 1,317,462 | $ 1,317,462 $ 1,317,462
Exception Management Support (CSRs)1 $ 51.50 3 66 |Months $ 1,764,218 $ 1,764,218 [ $ 1,764,218
Expenses (office space, travel, lodging, ) 66 |Months $ - $ -
AMI Vendor Services (setup & integration services for Mesh Network) $ 5,691,000 $ 5,691,000 | $ 5,691,000
Meter Tester? $ 57.69 1 66 |Months $ 658,704 $ 658,704
Real Estate $ 57.69 - 66 |Months $ - $ - $ -
Meter Lead $ 57.69 - 66 |Months $ $ $ -
Procurement $ 57.69 - 66 |Months $ - $ - $ -
Cyber Security lead $ 57.69 1 66 |Months $ 658,731 [ $ 658,731 $ 658,731
Staff Support for Training $ 57.69 1 66 |Months $ 329,365 | $ 329,365 $ 329,365
Total $ 12395672 % 3,952,385 | $ 7,784,583 | $ 12,395,672

0 Nexanr
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Appendix C AMI Business Case Assumptions:

Partial Deployment

C.1 General analysis assumptions

Meter population and deployment rates

METER VOLUME Demand Meters
Units (starting) 12,023
Achievable AMI deployment rate 95%
Percent of AMI meters that will be cell 100%
Population growth (%) 0.50%

Deployment scenario Net present value

Net Present Value assumptions

Analysis Period (in years) 20
Doploymeit sosnatio — PatiEal piscountRate (PretaxWACC) 9.43%
AMI deployment starting in... 2020  DiscountRate (PosttaxWACC) 6.62%
Years of Deployment "2 DiscountRate (Carbon) o 300%
General Inflation Rate 2.10%
Labor Cost Escalation Rate 2.10%
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C.2 Benefit assumptions
C.2.1 Meter reading

Contractor or

AVOIDED COST - Meter Readings (2016$) Contractor Employee
FTE (starting) 15
Annual FTE Salary Costs (including bensfts) $50,072

Vehicle Costs - excluding fuel (hourly)
Fuel Costs (hourly)

% of Meter Reading Costs Avoided 100%

Routes per reader per year 40
Hours per reader per year (for applying vehicle & fuel costs) 2,000
Meters per day per reader (before deployment) 306

* Inputs provided by CH staff

Salary includes vehicle costs for contractors

meter population
FTEs rroutes per FTE

Meters per dayyaseiine =

Few routes are eliminated so only contract
labor is avoided

O Nexanr o8
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C.2.2 Outage management

AVOIDED COSTS - Faster restoration times (2016$) Storm - Base Storm- 0T Trouble orders - OT
Budget - expense $1,276,856 §1,124,787 $1,153,172
% of costs eliminated 10.0% 10.0% 0.0%
AVOIDED COSTS - Outage location time (20168) Storm Non storm
Number of outages (annual avg, 2010-2015) 2,720 6,079
Average time to locate an outage (hours) 14 11
Reduction in outage location time due to AMI (%) 0.0% 10.0%
Hourly labor cost $150 §100
Hourly equipment cost $22 $22
AVOIDED COSTS - Truckrolls due to customer side "outages" (20168)  Storm Non storm Demand meter portion
Number of customer calls 6,854 3125 10%
Share of customer calls causing truckroll 95.0%
Share of customer truckrolls avoided 5.0%
Equipment Cost per truck roll $29 $29

* Inputs provided by CH
staff; equipment costs
assume service truck/
bucket truck class

= Cost reductions
allocated on a yearly
basis proportionately
to AMI meter
population

= Qutage costs based
on 5 year historical
(2011-2015) average
total costs across all
eight districts
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C.2.3 Field operations (remote connect / disconnect, read over)

AVOIDED COSTS - Field operations connect/ disconnect (2016$) Lockiunlock Read overs Collection unlock
Average annual volume 25,551 1,800 10,663
Avoidance rate (single phase demand meters) 85% 100% 0%
Labor & vehicle hours saved per operation 05 05 0.5
Hourly labor rate $79.00 §79.00 $55.00
Hourly vehicle rate $9.00 $9.00 $7.00
Locking collar unit cost $10.00
Percent demand which are single phase (only single phase -
avoided) 31.6%

Inputs provided by CH staff

Only locks / unlocks with no gas are avoided

Collection related remote locks are not
applicable to demand meters

Annual volume is for all Central Hudson,
assumed to be proportional to number of
meters (only portion allocated to single
phase demand meters is avoidable)
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C.2.4 Replacement of failing meters

METER COSTS (20169) Electronic
Meter useful life 30
Meter cost - complex/polyphase / demand (includes tax) $ 170.00
Install cost - complex/polyphase / demand $ 89.00
Meter testing complex/ polyphase / demand $ 6.25
% complex/ polyphase / demand installs 100.0%
Meter IT processing (CSR labor) $ 923

Meters are replaced at the end of useful life

Meter age distribution based on install date
of existing stock

Only applied to meters replaced earlier due
to AMI

O Nexanr ol
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C.2.5 Energy Theft and Meter accuracy

Transfer/Equity - Unaccounted for energy (2016$) Demand AMR
Average annual usage per meter (kWh) 100,972
Unbilled kWh % 1.0%
Theft avoidance rate 25.0%
Recovery improvement from meter accuracy 0.0%

= Benefits are not operational, but rather
transfers between ratepayers (leading to
more fair allocation of costs across rates) so
only apply to RIM test

Benefit is delivery charge + wholesale
avoided energy charge (LBMP) for both
avoided theft and improved meter accuracy

= Meter accuracy improvement does NOT
apply to demand meters
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C.3 Cost assumptions
C.3.1 AMI meter cost

METER COSTS(20169) AMI - Cell
Meter useful life 20
Meter cost - complex/ polyphase / demand (includes tax) $ 596.75
Install cost - complex/ polyphase / demand $ 97.50
Meter testing complex/polyphase / demand 3 6.25
% complex/ polyphase /demand installs 2.8%
Meter IT processing (CSR labor) $ 9.23
Panel repair equipment cost $ 400.00
Panel repair labor cost $ 200.00
% installs needing panel repair 25%
Adapters (Old panels) $ 90.00
Adapter installation labor cost $ 25.00
% of sites requiring adapters 5%
Locking Rings (Tamper proofing) $ 3.00
Meter Seals (Tamper proofing) $ 1.00

= Inputs based on knowledge of
industry costs, including Itron
quote provided to Central Hudson
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C.3.2 Network & software cost

METER DATA MGMT & OTHER IT COSTS (2016$) Initial Costs Annual O&M
Vendor Hosted Head End & MDM option (O&M per cell meter) $13.20
Central Hudson IT costs (Billing system & integration) $ 2,342,3821 $ 636476
Other Central Hudson labor (1 meter shop FTE for MDM) b 150,000

= Zero network costs due to 100% cell
deployment

MDMS inputs based on knowledge of
industry costs, including Itron quote provided
to Central Hudson

O&M assumed to be a percentage of initial
cost:

MDMS hardware: 20%
IT integration: 20%

O Nexanr o4
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C.3.3 O&M cost

AMINETWORK O&M COSTS (20169$) Meter (Cell & Mesh) Mesh Network
Equipment warranty period (years) 20 20
Failure rate after warranty 0.5% 0.5%
Communication ($/unit-year) (cell meters) 5 15.00 $ =

* Inputs based on knowledge of industry
costs, including ltron quote provided to
Central Hudson

C.3.4 PMO: Project Management & Central Hudson Labor

Item Description Cost Partial Deplo Units Unit Type Total Cost Internal External Total
Customer engagement consultant to run customer engagement process | $ 57.69 - 24 |Months $ - $ - s -
Customer engagement radio interference issues $ 57.69 - 24 |Months $ - $ - $ -
Customer Engagement internal management $ 57.69 0.25 24 |Months $ 59,885 [ $ 59,885 $ 59,885
Director $ 57.69 - 24 |Months $ - $ - $ -
Assoc Director IT Lead $ 57.69 - 24 |Months $ - $ - $ -
Administration $ 57.69 1.00 24 |Months $ 239538 | $ 239,538 $ 239538
Budget/Contracts $ 57.69 - 24 |Months $ - $ - $ -
Customer Communication $ 57.69 - 24 |Months $ $ $ -
OT AMI Lead $ 57.69 - 24 |Months $ $ $ -
Network Lead $ 57.69 - 24 |Months $ - $ - $ -
Legal and Regulatory $ 57.69 0.25 24 |Months $ 59,885 $ 59,885 | $ 59,885
Implementation Lead $ 57.69 - 24 |Months $ - $ $ -
Process Change/Exceptions Management Lead $ 57.69 - 24 |Months $ - $ - $ -
Exception Management $ 57.69 0.50 24 |Months $ 119,769 | $ 119,769 $ 119,769
Exception Management Support (CSRs)1 $ 51.50 0.50 24 |Months $ 106,922 $ 106,922 [$ 106,922
Expenses (office space, travel, lodging, ) 24 |Months $ - $ -
AMI Vendor Services (setup for hosted MDM option) $ 648,007 $ 648,007 | $ 648,007
Meter Tester $ 57.69 1.00 24 [Months $ 239,529 $ 239,529
Real Estate $ 57.69 - 24 |Months $ - $ - s -
Meter Lead $ 57.69 - 24 |Months $ $ $ -
Procurement $ 57.69 - 24 |Months $ - $ - $ -
Cyber Security lead $ 57.69 0.25 24 |Months $ 59,885 [ $ 59,885 $ 59,885
Staff Support for Training $ 57.69 - 24 |Months $ - $ - $ -
Total $ 1,533,420 | $ 479,077 [ $ 814,814 | $ 1,533,420
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Appendix D AMI Enabled Rates and Programs

D.1 Prepayment program

¢©) Nexanr

Benefit needing regulatory change - Prepayment program (2016%) Electromech Electronic
Savings per participant (% of kWh, per lit review , also applied to kW) 12.0% 12.0%
Participation rate ( per lit review) 12.0% 12.0%
Avg summer peak reference load (kW), all customers 1.7 1.7
Program annual O&M per participant (1 touch per year) $10 $10
Setup cost, e.g. 30 min FTE (per participant) $20 $20
Program set up costs (marketing, program design, website, etc) $300,000
Program setup cost (IT) 5702,714
Program annual overhead cost (IT) $140,543
Program annual overhead cost (admin) $150,000
Ibs CO2 per MWh (baseload upstate NY, EPA EGrid) 408.8
Carbon value ($/2000 Ibs - EPA Social Cost of Carbon) $36

D.2 Time varying pricing

Res, Non- Non-Res, Non-

Benefit needing regulatory change - Time varying pr demand demand Demand
TVP rate type (only TOU for non-res) TOU-CPP TOU TOU
Customer recruitment target (by usage Top 80% All All
non-res combined) 232,110 12,023
Enrollment option Optin Default Default
Enrollment level Medium Medium Medium
Annual attrition rate (same for all %

Enrollment rate (among target) 15.0% 90.0% 90.0%
Participation rate (enroliment % * target %) 12.0% 90.0% 90.0%
Avg summer peak reference load (kW) 20 0.7 22.7
Avg summer peak % reductions (kW) 19.2% 2.0% 2.0%
Avg summer peak kW demand reduction 0.37 0.01 0.45
Avg annual kWh savings per participant 0.2 72.3 1,405.1
Recruitment cost per participant (variable) $62.84 $9.98 $9.98
Annual O&M per participant (variable) $7.88 $2.18 $2.18
TVPIT and Program costs CHIT (full) CHIT (partial) Rate design, website
Program setup (fixed) $4,050,000 $1,000,000 $322,000
Annual 0&M (fixed) $706,000 $96,000 $335,000
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1. Introduction

Central Hudson Gas & Electric Corporation is a regulated transmission and distribution utility
serving approximately 300,000 electric customers and 78,000 natural gas customers in New
York State’s Mid-Hudson River Valley. Central Hudson delivers natural gas and electricity in a
defined service territory that extends from the suburbs of metropolitan New York City north to
the Capital District at Albany. Central Hudson is a leader in promoting regional economic
growth, improving system reliability, and effective cost management.

CENTRA_ HUOSON BAS & ELECTRIC
SERVICE TERRITORY

LEGEND
GAS A4 ELECTRIC

ELECTRIC OnLY

GRS OhLY
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Central Hudson owns approximately 81 substations having an aggregate transformer capacity of
5,400 MVA. Central Hudson’s electric transmission system consists of 629 pole miles of line.
The electric distribution system consists of 7,300 pole miles of overhead lines and 1,400 trench
miles of underground lines, as well as customer service lines and meters. Central Hudson’s
natural gas system consists of 164 miles of transmission pipelines and 1,193 miles of distribution
pipelines, as well as customer service lines and meters.

This document provides guidelines for the development and prioritization of the various capital
projects and programs that constitute the annual, five year, and ten year capital expenditure
budget and forecast to maintain and improve the electric and gas system and operate the
business. The output of this process is compiled into a 5 Year Corporate Capital Forecast, which
is produced each year. This document is broken down into eight sections subsequent to the
Introduction:

@) Mission, Vision, Strategy, and Goals — provides an overview of these corporate
attributes and committees related to Capital Prioritization

(3) Project Categorization — describes our business segments as well as the various
methodologies by which capital projects and programs are categorized and

analyzed

4) Corporate Framework for Project Development and Assessment — describes costs
and benefits of capital projects and programs and how alternatives are evaluated

(5) Electric — describes the project and program development process and the various
prioritization methods specific to the Electric Budget

(6) Gas — describes the project and program development process and the various
prioritization methods specific to the Gas Budget

(7) Common (Future Use)
(8) Corporate Capital Budget/Forecast — describes how the Electric, Gas, and
Common capital budgets and forecasts are aggregated and the interplay between

the budgets

9) Conclusion
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Mission, Vision, Strategy, and Goals

2.1

2.2

Corporate Mission, Vision, and Strategy

Mission Statement

Central Hudson's mission is to deliver electricity and natural gas to an expanding
customer base in a safe, reliable, courteous and affordable manner; to produce growing
financial returns for shareholders; to foster a culture that encourages employees to reach
their full potential; and to be a good corporate citizen.

Our Vision

We will be recognized as the best energy provider by customers, investors, and
employees.

Strategy Statement

Provide exceptional value to Central Hudson customers by:

e Practicing continuous improvement in everything we do.

e Investing in T&D infrastructure to enhance reliability, improve customer satisfaction,
and reduce risk.

e Moderating cost pressures that increase customer bill levels and variability.

e Advocating on behalf of customers and other stakeholders.

e Investing in the development of employees to meet the business needs of today and
the future.

Alignment of Capital Prioritization with Goals

As Central Hudson progresses through the Corporate Planning Cycle the Business Plans
are developed. Central Hudson’s Business Plan is designed to balance the needs of
customers and shareholders by balancing operating and financial performance. The
Business Plan process includes both top-down and bottom-up planning. The Business
Planning Process establishes team goals that align with the corporate strategy, as well as
prioritization of major corporate initiatives, including the development of the Capital
forecast and Budget. The development and alignment of corporate, team, and individual
goals enables the development and proposal of capital projects and programs to reach to
these goals. These capital projects and programs are then prioritized through the process
described in these guidelines.

Last Revised: May 2015 Page 6




oe® le.

Central Hudson

A FORTIS COMPANY

power. Possib;y,}f&

Mission, Vision and Values

Strategic Plan
Long-term
objectives

Performance Business Plan
Management Tactical Plans,
Operating, Financial & Operating Budgets &

Employee Performance Annual Targets

2.3 Committees

The following committees support the prioritization and implementation of the capital
plan:

2.3.1 Capital Asset Review and Evaluation (CARE)

The CARE Committee provides ongoing monitoring and management of the
Company’s capital expenditures, separate from the initial Capital Prioritization
process. It serves as a governance function for the Central Hudson Board of
Directors regarding the company’s capital planning and expenditures. The CARE
Committee is responsible for providing oversight for the development of the Five
Year Capital Plan consistent with the Company’s long range strategic business
plans and initiatives. The CARE Committee is responsible for evaluating and
recommending expenditures of funding for all capital budget categories in the
Corporate Annual Capital Budget prior to submission to the Strategic Planning
Committee.

Two significant project management roles of the CARE Committee include:

e Review and approval of proposed projects, ensuring each recommended
project or program is justified or still justified based on the most current
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conditions, and has a designated project manager, along with an effective
plan, budget, schedule and process for monitoring performance.

e Overall monitoring of key performance indicators of projects and their
respective portfolios.

Additional information on the CARE Committee can be found in the
“Capital Asset Review & Evaluation Committee (CARE) Charter:”

2.3.2 Information Technology Steering Committee (ITSC)

The Mission of the Information Technology Steering Committee is to:

1. Oversee the preparation and monitoring of IT strategies and plans to ensure
they align with business strategies. The strategy and plans will be reviewed
annually and developed based on a 5 year time horizon.

2. Establish a governance framework and supervise the procurement, delivery,
and use of information technology assets across the Central Hudson
organization, regardless of the area initiating, delivering, managing, or using
the technology asset. This charge will fulfill the committee’s obligation to
assist the Central Hudson Gas and Electric Board of Directors with their
responsibilities for IT governance.

3. Establish a risk assessment methodology to assess, measure, and mitigate risks
that threaten our organization’s information assets and associated information
technology resources. This charge will protect and preserve our assets, privacy
of stakeholders, legal standing of the organization and public image of the
organization.

The IT Steering Committee will review and recommend approval of all new
initiatives (hardware and/or software), changes in IT operating budgets, and IT
operational and maintenance activities that exceed $75,000. IT capital projects
that meet the thresholds for review of both the ITSC and the CARE committee
must be reviewed and approved by both committees.

2.3.3 Strategic Planning Committee (SPC)

The Strategic Planning Committee’s purpose is to develop and frequently update
and refine a comprehensive long-term strategy for review and approval by the
Strategy and Finance Committee and the Board of Directors. The Committee has
responsibility for developing corporate objectives that are consistent with and
further the strategic direction of the Company, and overseeing their
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implementation. The Committee’s value is realized through the application of its
collective industry expertise, organizational leadership, strategic insights, and
tactical experience. The Committee’s ultimate objective is to position CH Energy
Group to meet or exceed shareholder expectations and balance the needs of all
stakeholders over the long-term.

The SPC reviews and approves the 5 year Capital Forecast and the following
year’s Capital Budget on an annual basis and provides insight into major
initiatives prior to Fortis and Central Hudson Board of Directors (BOD) review.
It also reviews the 10 year forecast and provided strategic input and alignment.
The BOD as part of the annual business plan approved process approves the total
level of corporate capital expenditures for the following year; including a
contingency budget, which is typically 5%. This authorization does not specify
project expenditures or specific limits within the electric, gas, and common
programs, enabling the BOD to exercise their fiduciary responsibilities while
providing the Company flexibility to adapt to changing conditions.

Electric, Gas,
and Common N\ _ N CARE SPC
Budget & - Committe

Projects

IT Budget & CARE
Projects Committe SPC
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Project Categorization

3.1

3.2

Introduction

Capital budget projects and programs are categorized in several different ways to meet
regulatory and accounting requirements, to assist in analyzing the capital forecast and
budget on a summary basis, and to measure and analyze performance against corporate or
regulatory targets. This section describes the different methods by which budget projects
must be categorized.

Business Segments

3.2.1 Electric, Gas, Common

Central Hudson Gas & Electric’s two primary businesses are electric and gas
energy delivery. Capital projects typically impact only one business segment and
are budgeted and charged to a budget group within that segment. In addition,
independent budgeting and work order development will occur for projects that
can be clearly split between the two segments. This includes most field projects
involving electric or gas infrastructure.

In addition to these specific electric or gas capital projects or programs, there are
some projects that benefit both the electric and gas businesses. These include
projects in areas such as Land and Buildings, Information Technology, Office
Equipment, and Transportation. These projects are budgeted within the Common
Area, with costs allocated to the gas and electric businesses as agreed to in the
current rate plan.

3.2.2 Budget Category

Within the Electric, Gas, and Common programs, the budget is subdivided into
smaller groups representing each major category within Electric, Gas, and
Common. The following is a list of Budget Categories and numbers:

ELECTRIC PROGRAM
11 - Hydro & Gas Turbines
12 — Transmission
13 — Substations
14 — New Business
15 — Distribution Improvements
16 — Transformers
17 — Meters

Last Revised: May 2015 Page 10




oe® le.

Central Hudson

A FORTIS COMPANY

power. Possib;’,‘,}f&

GAS PROGRAM
22 — Transmission
23 — Regulator Stations
24 — New Business
25 — Distribution Improvements
27 — Meters

COMMON PROGRAM
41 — Buildings
42 — Office Equipment (including Software, Hardware, and Security)
43 — Tools
44 — Communication
45 — Transportation

3.3 Expenditure Categorization

3.3.1 Summary Categories
Capital forecasts and expenditures Company have been historically defined into
three major categories to analyze spending trends and clarify the levels of historic
and forecasted capital expenditures. These categories are Non-Discretionary,
Maintain System Standards, and System Enhancement.

3311

3.3.1.2

Non-Discretionary

Non-discretionary projects and programs are those which are
necessary to meet the minimum standards of service or compliance
with Public Service Law. Examples of projects that may fall into
this category are projects which restore service, enable mandated
new business (tariff-based), complete safety repairs, rebuild
highways, and facilitate compliance.

Maintain System Standards

Maintaining System Standards projects and programs are those
which are required to maintain our current level of service
reliability and safety or to meet obligations set through the rate
proceedings. Examples of projects that may fall into this category
are projects which replace equipment based upon condition or
planned cycles or correct existing planning or design violations
(such as thermal overload or undersized infrastructure).

Last Revised: May 2015
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System Enhancement

System Enhancement projects and programs are those which are
aimed at improving our level of service reliability, reducing risk, or
reducing operating costs. While projects that are Non-
Discretionary or proposed to Maintain System Standards are
required projects needed to continue to provide the existing levels
of service quality and reliability, System Enhancement projects
have more discretion, require a more in-depth prioritization
process, and often provide an opportunity to improve Key
Performance Indicators. Examples of projects that fit within this
category are projects that improve service quality, provide a net
financial customer benefit, or reduce risk. System enhancement
projects or programs can be further compartmentalized into the
following categories:

- Projects with a Net Financial Benefit
o0 Projects revenue requirement of the capital investment
is lower than the net benefit (e.g. cost savings)
0 Reduces customer bills in the long term

- Projects that Reduce Risk
0 Reduces the risk of a system failure that would:
= Reduce potential public safety risk
= Result in a widespread incident, impacting
system integrity
= Spur significant punitive regulatory action or
reputational risk

- Projects that Improve Reliability
o Improves reliability at a cost that that the Company
assesses customers would be willing to pay
o Demonstrates that increased cost is warranted by the
improvement in service quality (benchmark and
compare cost per customer outage avoided).

- Other Projects
0 Projects that do not clearly fit in the other three
categories, but can be justified for other reasons
0 Requires a detailed individual business case

Last Revised: May 2015
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= Demonstrates a clear strategic rationale
= Shows financial projections (customer bill impact
and earnings impact)
= Assesses risk (regulatory disallowance, etc.)

3.3.2 Investment Categories
In addition to the Summary Categories, projects are independently characterized
by their Investment Categories to differentiate the main project drivers. These
Investment Categories are growth, compliance, day-to-day business management,
and infrastructure replacement. The following are guidelines and examples
regarding the application of each investment category:

- Growth (Study-Based) — Projects where the needed is system reinforcement
to due to organic system growth is the primary driver of the project.
The Electric System Planning Guides and Gas Engineering Guidelines
describe how reinforcement projects and alternatives are evaluated. The
alternatives are evaluated as a part of the system planning process, and then
the selected project(s) are included in the capital budget. The benefits and
costs of project alternatives are discussed in Section 4.

For some future projects, the Capital Forecast may include a placeholder
capital project while the wires and non-wires alternatives are being analyzed.

- Infrastructure - The Electric System Planning Guides and Gas Operating and
Maintenance Procedures describe how inspection-based priorities on the
Transmission and Distribution Systems are identified. . The output is then
documented in the Long Range Electric System Plan or G.L. Essentials (gas).
Infrastructure projects are primarily based upon the following:

o0 Inspection Based Replacements

o Diagnostic Testing Based Replacements

0 Reliability Based Replacement (For equipment issues identified)
0 Planned replacements (End of life or obsolescence)

- Compliance — These are projects required to fulfill regulatory needs, such as:
o Highway Relocation Projects
0 Regulatory Requirement Related projects (i.e., NERC)
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- New Business — These projects are budgeted separately from other growth-

related projects under Category 14 (Electric) and Category 24 (Gas) and
include projects related to:

0 New Commercial and Industrial customers

0 New Residential developments and single home additions

0 Upgrades for existing customer additions

o Installation of street/area lights

- Daily Operations — These are generally unplanned projects following a
disturbance to the system, or other day-to-day projects such as:

Equipment Failures

Cast Iron Undermines
Storm-related replacements
Third party damage

O 0O o0 o
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4.

Corporate Framework for Project Development and
Assessment

The capital prioritization process includes two major steps: development and selection of project
and project alternatives, and prioritization of the selected project alternatives. This section
focuses on the development and selection of project and project alternatives by identifying costs
and benefits for each project and project alternative and completing an alternatives analysis, with
the prioritization of selected project alternatives described in later sections.

4.1

Costs

To properly evaluate project and project alternatives, the project cost estimates need to be
prepared consistently. The cost estimates must include all project costs including capital
and expense costs. The cost estimates for project alternatives being compared should be
prepared to a similar level of accuracy. Finally, the project alternatives must be
compared on a consistent basis, with costs brought to the same year basis and with the
same levels of overhead applied.

Project costs are estimated and refined at various points in the Project Life Cycle. As a
project evolves through the Life Cycle, project cost elements will become better defined
and more detailed. Therefore, the project’s cost estimate should also evolve and become
more accurate. Most projects will be estimated to the Conceptual Estimate level for the
purposes of the capital forecast and capital budget. The costs of major projects should be
refined as the construction date comes closer, even within the capital budgeting and
prioritization process. The cost estimate and contingency should be appropriate for
where the project sits within its life cycle. During the evaluation of project alternatives,
any risks should be identified for consideration. See Central Hudson’s Project
Management Manual: Procedures & Best Practices for additional information on Cost
Estimates and Contingency

AFUDC, or “allowance for funds used during construction”, is the component
representing the cost of borrowed funds (interest) used during the construction period.
AFUDC applies to all construction projects with a duration in excess of one month and
costs of $50,000 or more. The cost estimator must include AFUDC as part of the project
cost estimate, as it is a monthly charge to the project. AFUDC does not apply to IT
projects.
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4.1.1 Capital

Capital costs are all costs associated with the installation or retirement of plant on
Central Hudson’s system. Examples of equipment include poles, wire, pipe,
vehicles, buildings, software and tools. The capital costs can include not only the
equipment costs, but also the engineering, permitting, property and easement
procurement, initial vegetation removal and site preparation, labor to install or
remove capital equipment, contracted labor, drafting, and all of the associated
overheads including AFUDC. The Company earns a regulated rate of return on
the average book value of the asset class, accounting for the capital depreciated
over the life of the asset. The decision whether or not a cost can be capitalized
can be complex. The Accounting department can assist whenever there is any
ambiguity.

4.1.2 Expense

Expenses include any charges associated with items that do not become assets on
the Company’s balance sheet. In addition, carrying costs of assets such as
Operations and Maintenance (O&M), Property Taxes, and Depreciation are all
expense items.

4121 Project One Time Expense
A project One Time Expense is an expense that occurs with the
initial startup of a project, and is expected to be an isolated expense
that is not likely to occur again for the life of the project. An example
of a one-time expense would be the transfer of existing equipment
from an old facility to a new facility, such as the transfer of the
customer’s service from the old pole to the new pole.

4.1.2.2 Annual Reoccurring Cost
An annual recurring cost is an expense that is incurred for the life
of the asset once it is placed into service. Examples of recurring
costs would be rental expense on towers for communication
system or additional O&M costs associated with the installation of
a new regulator station.

Benefits

While estimating the cost of a project is important, the benefits are just as critical to
understand the need and priority of a project. Benefits can be financial or non-financial
and can also be either quantitative or qualitative. While some projects have an easily
identified and measureable (quantifiable) financial benefit, the vast majority do not
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because the data and analytics are not available today. However, the qualitative benefits
must be clearly identified so that Engineering judgment and experience can be applied to
the prioritization process.

Benefits are classified into three categories: economic, service improvement, and risk
reduction, and are described as follows:

4.2.1 Economic
Many capital projects can generate monetary savings or revenue that benefits
Central Hudson and its customers. A measurable financial effect, such as reduced
operating and maintenance costs, provides a direct economic benefit to Central
Hudson. Indirect economic benefits as a result of capital improvement projects
are financial cost savings that do not directly benefit Central Hudson yet have a
positive impact on society. Care must be taken not to mix direct and indirect
benefits in a cost-benefit analysis.

421.1 Direct
Direct economic benefits are the reduction in operation and
maintenance (O&M) expenses to Central Hudson customers
achieved by the replacement of aging infrastructure and the
application of new technologies. While not all projects are driven
by aging infrastructure, benefits will be accrued any time
infrastructure is replaced with new materials that are less likely to
experience failures that result in unplanned emergency work due to
service outages and leaks, and may offer an opportunity to reduce
maintenance and inspection frequency.

New and stronger infrastructure will also decrease the duration and
the number of Company forces or mutual aid crews needed during
a storm restoration or gas emergency.

Area growth, new construction standards, and rules and regulations
typically dictate that an in-kind infrastructure replacement is not
sufficient. Capital projects are designed and built with stronger
facilities that can withstand more outside forces and/or superior
equipment that can provide more capacity. In addition, the
facilities and equipment may be relocated during the project from a
remote right-of-way to a travelled road providing better access and
quicker restoration during emergencies.
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These projects typically result in higher expenditures than a
replacement in kind project; however, these higher upfront costs
reduce total life cycle costs, including future routine maintenance
costs associated with inspections, tree trimming, and storm
restorations.

In addition to the direct economic savings associated with a capital
project, there are also direct economic savings with the avoidance
of another capital or operating expenditure. In some instances,
there is not a “do nothing” alternative, so another direct economic
benefit of the project can also be quantified as the avoided costs of
the minimum required alternative.

Indirect

Indirect economic benefits are nonmonetary savings for Central
Hudson but provide beneficial impacts to society, the community,
and/or the customer (not directly through rates). While these
benefits should not be comingled with direct economic benefits in
a net present value analysis, they should be considered in the
Engineering judgment used to prioritize projects in a customer-
centric environment.

Electric capital projects that include automation components and
switched voltage control devices enhance the real time data
available and enable higher penetration of distributed energy
resources. The ability to reduce voltage through the control of
these devices may result in reduced losses, and reduced kWh
usage, reducing the energy supply component of the bill for all
impacted customers. Reducing the energy supply requirements
also reduces transmission congestion, which will reduce the
NYISO’s Locational Based Marginal Price (LBMP) and lower the
cost of energy for customers.

During emergencies Central Hudson requires the assistance of Fire
and Police Departments to evacuate buildings, close roads, and
secure emergency areas. Reducing the number of risky pipelines
and failing poles will reduce the number of emergencies and time
duration emergency personnel are needed. In addition, reliability
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improvements can provide financial benefits to Central Hudson
customers. The US Department of Energy has developed an
Interruption Cost Estimate (ICE) Calculator that continues to
evolve to estimate these costs.*

4.2.2 Service Improvement
Central Hudson Gas and Electric’s mission is to safely plan, design, construct,
operate, and maintain a reliable and affordable natural gas and electric
transmission and distribution system that optimizes value for all stakeholders. The
capital investments will maintain regulatory compliance, enhance reliability,
improve customer satisfaction and reduce risk. Capital Projects also allow
Central Hudson to identify and implement process improvements that enable the
Company to continuously improve the way in which we fulfill our mission and
moderate cost pressures that impact customer bills. Central Hudson’s Engineering
department has identified metrics that measure the capital program’s contribution
to Central Hudson’s overall strategy.

Contribution of some projects to service benefits can be directly measured,
whereas others must be described qualitatively using Engineering judgment and
experience.

4221  Reliability

Category 15 (Electric Distribution) projects that are driven by
reliability indicators are prioritized using the following metrics:

System Average Interruption Frequency Index (SAIFI) is the
frequency of electrical outages with a duration of 5 minutes or
more per customer.

Electric Distribution Projects with reliability utilize the
$/Customer Outage Avoided ($/COA) has a component of the
project selection and prioritization process. This is calculated by
dividing the cost of the project by the non-storm 5 year average
number of customers experiencing outages. Only outages that
will no longer be experienced upon completion of the project
should be included in the calculation. For example, if a section
of line is moved on-road, only outages that occurred in that
section of line should be included in the COA.

1 .
www.icecalculator.com
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Customer Average Interruption Duration Index (CAIDI)
measures the average duration of all customer outages within the
year.

Operating based projects utilize the $/Customer Minute Avoided
($/CMA) as a component of the project selection and
prioritization process. This is calculated by dividing the cost of
the project by the 5-year average non-storm customer minutes
experienced by the outage that exceed 2 hours. For example, a
project that costs $360,000 and enables switching for an outage
that averages 5 hours impacting 1,000 customers will have a
$/CMA of $360,000/(1,000 customers * (60 minutes/hour * (5
hours — 2 hours))) = $2/CMA.

Storm interruption reduction benefits are captured as resiliency
benefits.

Gas Safety

Gas Safety metrics track performance and monitor the risk of the
gas system as a whole. Category 25’s (Distribution Improvement)
project proposals use the following metrics to as guidance to set
the level of capital replacement spending as well as prioritize main
replacement projects and other capital programs:

Y/E Leak Backlog is the number of active gas leaks at year end.
A sub-set of the Y/E Leak backlog is Repairable Leak Backlog,
which is the number of active Type 2 or 2A gas leaks at year end.
Type 2 or 2A are leaks that due to their severity or proximity to
buildings, require more frequent surveillance and prompt
scheduled repairs. In addition, already repaired leaks are also
considered in the project development and prioritization process.

Leak Prone Pipe is cast iron, wrought iron, or steel pipe without
cathodic protection (corrosion protection) typically installed
before 1971.

Pressure Service Replacement is the gas Capital Expenditures
related to the replacement of steel services where the system
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pressures exceeds 2 psig and the regulators and meters are
located inside of the dwelling or business.

Metallic Services Replaced is the annual number of services
comprised of material other than plastic that were replaced. Their
replacement is usually associated with a main replacement or
leak repair.

Customer Satisfaction

Investing in capital projects that improve gas and electric
infrastructure enhance reliability and reduce risk, thus improve
customer satisfaction. The following indicators are measured to
ensure Central Hudson is providing safe, reliable and affordable
service to their customers. Although they cannot be directly
measured, projects which contribute to improvement in these
factors should still be noted and these factors weighed in the
priority assessment.

PSC Complaints- The number of chargeable customer
complaints received by the Public Service Commission related to
Central Hudson per month per 100,000 customers

Customer Service Index — The customer satisfaction measure
derived from our “How Are We Doing Survey?” reported to the
PSC.

JD Powers- Customer Satisfaction Index as determined in the
annual JD Power and Associates Electric Utility Residential
Customer Satisfaction Study.

Thermal, Pressure, and Voltage, and Power Quality
Projects that allow the Company to maintain standard thermal,
pressure and voltage on the electric and gas system are projects
which are Non-Discretionary or Required to Maintain System
Standards. However, prioritization of the projects will depend
upon the expected or actual deficiency in these areas. Large
projects involving new or rebuilt substations, transmission line
rebuilds, or gas regulator stations are often developed and
prioritized within an Electric or Gas Planning study. These
projects are then added to the appropriate capital budget year and
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do not need to be reprioritized within the capital budgeting
process.

Gas Pressure — Gas distribution systems must be designed to
provide adequate service to all customer at all times. New York
Codes, Rules and Regulations (NYCRR) Part 255.623 specifies
the minimum delivery pressure for customers on low pressure
systems. Central Hudson’s Gas Distribution System Estimating
Manual and Gas Distribution System Planning Guide specify the
pressure requirements of medium and high pressure systems.

Electric Design and Thermal Limitations —

The Costs, Rates & Forecasts Division provides annual system
demand forecasts. These forecasts are provided for a normal
peak (i.e., 50-50 forecast) and an extreme peak (i.e.,
approximately a 95-5 forecast).

The summer and winter ratings of equipment on the electric
system must be compared with the summer and winter peak
loads. These limitations are described in the Electric System
Planning Guides and Electric Distribution Engineering Guides.

Electric Voltage and Power Quality — The ANSI 84.1 Standard
describes the voltage which must be maintained on the Electric
System. In addition, the Electric Safety Standards Order adopted
in PSC Case 04-M-0159 requires mitigation of stray voltages on
the system. Some customers are sensitive to momentary
interruptions or voltage sags and swells, which also must be
considered.

Electric Load Serving Capability

The load serving capability (LSC) of Central Hudson’s
transmission system is its import capability plus the available
internal generation. Central Hudson determines the amount of
load that can be served by the electric transmission system
without violating a thermal or voltage limit for the contingencies
defined in the Transmission Planning Guidelines and identifies
transmission reinforcement projects as required.

Last Revised: May 2015

Page 22



e. power. Possib;’,‘,}f&
0 '
Qe

Central Hudson

A FORTIS COMPANY

4.2.3 Risk Reduction

The replacement of infrastructure with new and stronger materials and better
construction practices reduces the risk of an incident occurring on Central Hudson
owned facilities. This inherently provides a safer environment, more compliant
system, and stronger and more resilient infrastructure for Central Hudson
employees, customers, and the public.

4231 Safety

Central Hudson is very focused on the safety of their customers
and employees. Currently employee safety metrics measure the
number of occurrences and the severity of certain incidents that
have occurred. While this metric is quantifiable, capital projects
can also provide many indirect benefits that may not be captured
by the safety metrics. Below are some examples of what Capital
Projects can do to improve the health and livelihood of employees
and the public:

e Improve accessibility by relocating electric and gas
facilities closer to travelled road. (less off road walking,
less carrying of material, less climbing of poles, less chance
of insect bites, easier to ground)

e Correct an existing condition that is non-compliant with
new regulations (line clearances, depth of cover, etc.)

e Strengthen infrastructure with more robust construction
materials that can withstand outside forces such as storms
and motor vehicles (less pole breakage, less digging holes
and hauling of poles during storm conditions)

¢ Remove antiquated equipment and facilities such as oil
switches, cast iron pipelines, below grade transmission
valves and regulator stations (reduced work practices to
operate or repair, squeeze versus bagging, confined entry
practices, extended switching orders to avoid operating
older equipment)

e Eliminate potential hazardous materials such as PCBs, lead,
asbestos (reduced work practices, use of respirators,
potential environmental releases)

All of the above mentioned benefits can lead to improved working
conditions, allowing employees to perform more valuable work
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with more efficiency throughout a typical work day. In addition to
our employees’ safety, the safety of the general public is improved
with new infrastructure built to our current construction standards.

Compliance

Central Hudson Gas and Electric complies with federal, state, and
local codes and laws to maintain safe and reliable gas and electric
facilities. New York State Public Service Law requires Central
Hudson to collect and capture several metrics listed in the
“Service” section.

Complying with code and laws ensures Central Hudson is safely
and adequately operating and maintaining their gas and electric
systems. Eliminating grandfathered facilities provides an
opportunity to reduce exposure to the company and ensure
compliance. Public service law and federal code regulations also
require additional inspections when operating with antiquated
facilities. For example, every winter, cast iron pipelines must be
continuously surveyed for leaks and the severity of existing leaks
monitored.

Various regulatory bodies including Public Service Commission
(PSC), North American Electric Reliability Corporation (NERC),
and US Department of Transportation Pipeline and Hazardous
Materials Safety Administration (PHSMA) can audit Central
Hudson for code compliance. These governing bodies can also
apply penalties to Central Hudson if there is a failure to comply
with codes and compliance standards whether or not the
compliance failure resulted in an incident.

Per our franchise agreements, Central Hudson has the right to
install and maintain pipelines and distribution poles within the road
taking. The agreements also require Central Hudson to comply and
participate with the municipalities or the New York State and
county DOT during any road rebuilds. In addition, Central Hudson
is obligated to “make ready” utility poles for any additional
attachments. For “make ready” projects, the fiber or cable
companies requesting the work are responsible for any of the
system improvement costs. These projects are difficult to forecast
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since they are announced as emergent work, but can provide
benefits.

Infrastructure

Replacing aging facilities either in kind or with more robust
materials and current construction standards improves the system.
It is in Central Hudson’s and the customer’s best economic interest
to operate and maintain equipment and infrastructure to the end of
it useful life. Condition-based assessments are completed
whenever feasible.

However, it is not always feasible with the asset management tools
that currently exist to accurately predict the end of an asset’s useful
life. This is where including the asset’s age, as a proxy for useful
life can be beneficial in the prioritization process. Replacing
facilities prior to failure allows engineering and operations to plan,
design, and construct a substantial replacement project rather than
responding to an emergency or trouble order that usually results in
a costly fix during unfavorable conditions. It is therefore
frequently beneficial to pursue proactive replacement of major
equipment, even where direct economic benefits or reliability
improvements cannot alone justify it. Three metrics for
prioritization of infrastructure projects identified within
Distribution Improvement Project Submittals are:

Three metrics for prioritization of infrastructure projects identified
within Distribution Improvement Project Submittals are:

e Auverage age of major infrastructure (poles, wires, pipes, etc.)

e 9% infrastructure requires replacement due to inspection
findings

e Identified equipment types with abnormal failure rates (cast
iron pipes, unprotected steel, leak prone pipe miles replaced)

Resilience

Central Hudson’s gas and electric construction standards specify
the proper installation method of facilities to ensure the system can
operate under normal condition and operate well when under stress
during emergencies.
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Gas pipelines and fittings are constructed and rated to operate
during extreme conditions. These conditions can be a result of
weather, third party occurrences, and equipment failure resulting in
low or high pressure. Gas replacement projects allow engineering
and operations to design and construct a pipeline that allows for
the improvement of the network configuration by installing
additional valves and pipelines that can help mitigate the impact to
customers during emergency shut downs. Cast iron and steel
pipelines are replaced with plastic pipelines and fittings that are
expected to have a longer useful life, operate at pressures up to 120
psig, and are easier to operate. The new pipelines are also tested
for very high pressures for extended periods of time to ensure there
are no anomalies before the pipeline is put into service.

During electric replacement projects, the poles and hardware are
now designed and built with to meet a Grade B construction rating.
(Grade C is the minimum requirement for all areas except railroad
crossings). Grade B construction results in the replacement of a
Class 4 or smaller pole with a Class 2 or larger pole, which is
significantly less susceptible to wind, tree, and ice damage (see
the Long Range Electric System Plan for more information). New
hardware installed on the utility poles is also more resilience than
existing hardware. Strengthening of the poles and hardware
increases the storm resiliency and lowers the total life cycle costs
of Central Hudson’s facilities.

4.3 Project Alternative Analysis and Selection

4.3.1 Alternative Analysis
To evaluate project alternatives, a net present value analysis is completed that
includes all monetized benefits and costs to the Company (no indirect economic
benefits). The net present value, or NPV, is the present value computed by using
Central Hudson’s after tax weighted average cost of capital (“WACC?”) as the
discount rate of cash inflows, minus the present value of cash outflows, including
the initial investment. Present value is a future amount of money that has been
discounted to reflect its current value, as if it was spent today. The goal of the net
present value analysis is to put the costs and benefits on a common basis to
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compare the net project costs among the alternatives. The goal of the net present
value analysis is not to strive for a positive net value for all projects.

In some business cases, it is necessary to consider the customer, rather than the
Company perspective. In this case, the pre-tax WACC should be applied, and the
application of indirect benefits may be appropriate.

However, the decision does not end with a quantitative analysis. Many of the
service, risk reduction, and even economic benefits cannot be quantified at this
time, but should be weighted in using experience and judgment. Non-wired and
other non-traditional alternatives shall be considered as well. In addition, the
following key component should be identified and considered in identifying an
alternative, and later in the prioritization with other projects:

43.1.1 Main Project Driver
Because projects have many benefits and costs, the primary benefit
that drove the assessment of a project need shall carry the most
weight in project alternative selection and project prioritization.

4.3.2 Selected Project for Prioritization
A “Project Submittal Form” (See Appendix 1 and 2) should be developed for the
project selected for prioritization with a single cost that includes the following
factors:

4.3.2.1 Comparable Cost Basis
In order to prioritize projects appropriately, Capital costs should be
listed in common year dollars as should one-time expenses.
Annual expenses should be in net present value form. All of these
project costs should be evaluated on a net present value basis.

4.3.2.2 Current Year Capital Cost Basis
The Company’s Capital Budget and Five Year Capital Forecast are
prepared on an annual basis. All projects are listed and prioritized
using first year dollars so that the project cost is set in time. This is
helpful when prioritization of projects is being considered so that
projects can be prioritized by year within the five year capital
forecast.
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Electric

5.1

Introduction

To support the corporate mission and strategy, Electric Engineering Services, with the
support of the Operations Services, System Operations and Transmission and
Distribution Operations divisions, seeks to safely plan, design, construct, operate, and
maintain a reliable and affordable electric transmission and distribution system that
optimizes value for all stakeholders. It develops prudent capital investments intended to
enhance reliability, improve customer satisfaction and reduce risk. These divisions also
identify and implement process improvements that enable Central Hudson to continually
improve the way in which we fulfill our mission and moderate cost pressures that impact
customer bills.

The Electric Engineering Services division accomplishes its mission by setting
challenging service reliability goals, while meeting compliance obligations (i.e. non-
discretionary items described in Section 3).

Reliability goals are focused on SAIFI (frequency) and CAIDI (duration), and are
established within the Central Hudson Gas & Electric Business Plan. The NY'S Public
Service Commission establishes targets with penalty mechanisms for each of these
metrics. As of 2015, the target for SAIFI = 1.3, and the target for CAIDI = 2.5. Central
Hudson sets more aggressive internal targets for SAIFI as customer tolerance for outages
has declined and technology has reduced the expenditures required to avoid outages.

Many other costs and benefits are considered during the proposal and prioritization of
projects. While some of these benefits can be monetized as direct economic benefits,
most cannot and require engineering judgment to be able to value the impacts of the
project. For this reason, the communication and discussion of projects becomes as
important as the measurable impacts. The following is a timeline of the key written and
verbal communication points regarding electric project development and prioritization:
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In addition, there are several on-going activities:

e Project Ideas: Transmission and Distribution (T&D) Operations submits ideas to
the Electric Operations Engineer for review and potential development into a
project for the following budget cycle via Appendix 4. New project ideas deemed
critical are discussed between Director, T&D Operations and Director, Electric
Distribution & Standards and added to the work plan.

e Meetings:

o Category 12 (Led by Section Leader, Electric Transmission Design) —
monthly

0 Category 13 (Led by Section Leader, Electric System Design) — monthly

o0 Category 15 (Led by Director, Electric Distribution & Standards or
Section Leader, Electric Operations Engineering) — bi-monthly

The prioritization process comprehensively considers many factors, and is initiated
by the completion of the form in Appendix 1 for every major project or program
category (any work not completed under Blanket or Local work orders as defined in PM-
02, Work Order Authorizations, Revisions and Management). Some of the benefit, cost,
and risk factors are quantitative in nature, but many are qualitative and require
Engineering Judgment as described in the remainder of this section. Appendix 1 provides
all of these factors that are considered. In addition, Operations may propose an idea for
evaluation by completing Appendix 4. The remaining content in Section 5 provides
examples of the types of programs and drivers within each budget category of the Electric
section.

Growth Scenario Development

One overarching driver of major capital investment is load growth that may cause
equipment to exceed its thermal or operating ratings or load serving capabilities. As
described in more detail in Section 2 of the Electric Planning Guides, the Costs, Rates &
Forecasts Division provides annual system demand forecasts. These forecasts are
provided for a normal peak (i.e., 50-50 forecast) and an extreme peak (i.e., approximately
a 95-5 forecast). To appropriately distribute the system demand growth forecasted by the
Costs, Rates & Forecasts Division, the Electric Planning & Reliability team has divided
the system load among 10 planning areas.

Allocating the load among the 10 groups, Substation Loading forecasts are developed for
the low, base, and high case scenarios. Distribution substation transformers projected to
operate above their design ratings within 7 years are placed in an Area Study work plan,
which includes an in-depth analysis and evaluation of alternatives using Net Present
Value, and where practical, cost/benefit analysis described in Section 4 of this document.
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More information on Area Study development is available within Section 4.4 of
the Electric Planning Guides, and the resulting long-range plan is described in Section 7
of the Long Range Electric System Plan.

The 115/69 kV transmission network is evaluated using Load Serving Capability
(“LSC”) analysis as well as additional constraints which are more complex in nature and
described in Section 3 of the Electric Planning Guides. Depending on the LSC of an area
as compared to the projected load over the next 10 years, long-term system enhancements
may be developed, as demonstrated in Section 6 of the Long Range Electric System Plan.

Electric Transmission

For budgeting purposes, electric transmission includes all lines and equipment that
operate at voltages of 69 kV and above (except Substations described in Section 5.4). All
electric transmission work is budgeted under Category 12.

5.3.1 Inputs and Project Submittal
Electric Transmission Capital Projects stem from regulatory compliance, system
and area studies, and inspection data. NERC Standards apply to the NPCC Bulk
Electric System (BES) which includes Central Hudson’s 345 kV system and the
majority of the 115 kV system.

Electric Transmission Planning performs the system and area studies to develop
recommendations for new or upgraded transmission system facilities on the basis
of anticipated loading, infrastructure needs (as determined by transmission line
inspections) or business opportunities. Non-wires alternatives will be evaluated
for growth-related projects where feasible.

Electric Transmission Design addresses the condition assessment from
inspections which are described in Section 5.2 of the Electric Planning Guides.

The transmission inspection data along with the age and known issues are used to
assess the condition of the line. Central Hudson prepared a detailed report in
response to the New York State Energy Plan Condition Assessment of New York
State’s Electric Transmission and Distribution Infrastructure that also includes the
Company’s plans to address the aging infrastructure.

Conceptual estimates of projects are developed prior to the prioritization process.

5.3.2 Prioritization Process
The following are the types of projects that fall within each investment category:
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Non-Discretionary Project Category — Non-discretionary projects typically are
required by structure failures, storm damage, code, law or other authority having
jurisdiction. It should be noted that when a non-discretionary project is proposed,
synergies always are sought with existing projects and plans.

Transmission Design along with T&D Operations prioritizes maintenance of
Central Hudson’s transmission lines by following the New York Public Service
Commission’s Orders Instituting Safety Standards, which are described in Section
5.2.1 of the Electric Planning Guides.

Based on the transmission line inspections data, several Transmission Line
Programs have been developed to address systemic issues.

High Priority Replacement (HPR)

High Priority Replacements are based upon the results of the transmission
line inspections. Depending on the solution needed to resolve the
deficiency found in the inspection, solution may be capital (replacement),
expense (repair), or a combination of both. Currently, there is a
placeholder item in the Category 12 Capital Budget for the high priority
replacement program to provide funding to respond to severe conditions,
and other structures needing replacement found during transmission line
inspections (i.e., Emerging Work).

System Wide Sag Analysis Screening Program

The National Electric Safety Codes (NESC) identifies design criteria for
Transmission Lines including the minimum required clearance from
ground for specified conductor loading conditions. The minimum
clearance required also is dependent on whether the area below the
conductor is accessible by pedestrians only or is a roadway.

Recent inspections suggest that, in some instances, existing conditions
may be inconsistent with the assumptions used for the original design.
Some examples of conditions that may have changed over time include:

e Change in ground profile (i.e., filling)

e Change in usage under conductor (i.e., addition of parking lot)
e Encroachment (i.e., addition of swimming pool)

e Conductor creep (i.e., due to aging)
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e Pole/structure repair/replacement (i.e., not in-kind)

A Sag Mitigation Plan was instituted to mitigate all spans that have
potential pedestrian or roadway clearance issues. Projects within the
program are prioritized based on condition and risk.

Maintain System Standards Category — Many transmission projects fall under the
category of maintaining system standards, which also increase the system and/or
area load serving capability and improve reliability. Alternatives are evaluated
and the timing of the projects is prioritized.

ACSR Conductor Replacement

Due to ACSR conductor failures, older ACSR phase wires were evaluated
by NEETRAC?. NEETRAC performed a series of tests including visual
inspection of the conductor condition, tensile/elongation testing, and
mandrel testing to access the coating of the strands to estimate total
remaining conductor strength. Based on the NEETRAC analysis, Electric
Transmission Design has instituted an ACSR Replacement Program.
Electric Transmission Planning may perform a study to determine
appropriate area needs (e.g., upgrade operating voltage) and appropriate
conductor size to anticipate load growth.

New Transmission Lines and Transmission Rebuilds

New transmission lines and transmission rebuilds take several years to
design, permit and construct. The target in-service date is based on the
projected year of the need or adjusted to a reasonable timeframe to
complete the project. Some unexpected factors may impact the project
schedule such as:

e Requlatory Requirements

Depending on the length and voltage of the proposed transmission
line or transmission line rebuild, the project may be subject to New
York State Public Service Law Part 102C or Article VII. There is
uncertainty associated with obtaining permitting. Permitting for
projects that initially may seem relatively straightforward can

> National Electric Energy Testing Research and Applications Center
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quickly become entangled in the process as unforeseen
stakeholders emerge.

e Right of Way / Property Acquisition

Right of Way / Property Acquisition is susceptible to NIMBY?
opposition.

System Enhancement Category — There are not a significant number of
transmission programs that are primarily initiated by a need to provide System
Enhancements, however, specialized cases to improve resiliency have become
programs in this category. Appendix 1 should be completed for all projects that
fall in this category. Some current examples follow:

Operating Projects

Operating projects are developed with the primary goal of reducing the
duration of outages. Typical projects involve installing disconnect
switches to allow isolation and supply from another transmission line.

Resiliency Projects

Resiliency projects may be PSC mandated (and fall under non-
discretionary), or be proactive based on our experiences in storm
situations and prioritized as system enhancements based upon the factors
in Appendix 1 and Engineering judgment. Typical projects involve cable
terminations in flood zones.

Additional Equipment Installation

Identified trends from inspection or trip out reports may demonstrate a
need to increase reliability. Typical projects involve installing lightning
arrestors on the line.

Customer Beneficiary Projects

Central Hudson may propose projects to lower capacity and energy costs
by alleviating transmission constraints. Such projects typically would
involve construction or modification of Bulk Power System facilities.

* NIMBY: Not In My Backyard
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5.3.3 Outputs

The output of the prioritization process is a 5-year forecast by investment
category within Category 12 developed by the Section Leader, Electric
Transmission Design. This is submitted to the Director, Electric System Design
for approval. Following approval by the Manager, Electric Engineering Services
and Vice President, Engineering and System Operations, a detailed list of
projects, project details and work plan is submitted to the Manager, T&D
Operations. As highlighted in Section 5.1 and described in Section 5.7, there is
collaboration across Engineering and Operations along the way to ensure impacts
to permitting and workforce constraints are considered.

Substation

Substations may contain transformers to transfer voltage from transmission or
subtransmission lines that run longer distances, to lower voltage levels that connect to
more localized transmission lines, or lines that run at distribution voltage levels;
substations also may connect transmission lines of the same voltage. Substations may
contain switches, breakers, and devices associated with protection and control, as well as
the bus work to connect it together. All work associated with electric substations is
budgeted under Category 13.

5.4.1 Inputs and Project Submittal

Electric Substation capital projects primarily are a mix of compliance,
Infrastructure and area load growth projects. These projects may be identified
through several methods.

An area or system study performed by Electric Distribution or Transmission
Planning analyzes area load, load forecast and existing substation infrastructure,
may recommend a substation project. Project recommendations may include
building a new substation, rebuilding a substation, expanding an existing
substation, uprating equipment or replacing aging infrastructure. Non-wires
alternatives will be evaluated for growth-related projects where feasible.
Compliance with Standards and Regulatory Requirements also are evaluated.

Electric System Protection, working with Operations Services and Electric
System Design, may initiate the replacement and upgrade of protection, metering,
and control systems.
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Operation Services may initiate equipment replacement based on their inspections
and tests* or on compliance with NERC Standards. Operations Services and
Electric System Design will initiate projects to replace equipment that is failing,
unmaintainable, or outside of compliance with NERC Standards, as well as
propose programs when identified trends indicate a systemic issue. For projects
that would require transformer replacements, the Transmission or Distribution
Planning area will review for replacement in-kind, or complete a detailed Area
Study and alternatives analysis and recommend a solution.

Conceptual estimates of projects are developed prior to the prioritization process.

5.4.2 Prioritization Process

Substation projects tend to be driven by compliance and maintenance with
incorporation of new technologies being made along the way. The following are
the types of projects that fall within each summary category:

Non-Discretionary Project Category — Non-discretionary projects typically are
required by code, law, or other authority having jurisdiction. It should be noted
that when a non-discretionary project is proposed, synergies always are sought
with existing projects and plans. Some current examples follow:

NYISO Metering Upgrades

Substation Design develops a memo based upon annual testing to bring
metering systems that fall outside of the appropriate tolerance range up to
compliance.

Underfrequency Load Shedding Compliance

Electric Transmission Planning issues a memo annually to adjust the
capital plan to ensure relaying and other protective equipment is operating
in compliance with the most recent Underfrequency Load Shedding
requirements dictated by the Northeast Power Coordinating Council
(NPCC) and the NERC.

Security Systems
These may be added due to NERC CIP compliance on the Bulk Electric
System, or where theft and safety are of particular concern.

* Substation equipment is inspected and tested on a regular interval basis based on equipment and voltage class
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Maintain System Standards Category — Many substation projects fall under the
category of maintaining system standards. Although these projects must be
completed, alternatives are explored. Rather than simply replacing equipment in-
kind, modern technologies and designs are analyzed and applied, such as
microprocessor based relays and Human Machine Interfaces (HMIs). Our Long
Range Electric System Plan details this information. With the exception of
emergency work, Appendix 1 shall be completed for each proposed project that
falls into this category. Some current examples follow:

Substation Blankets/Minors

These are work orders to develop emerging work, and are classified as
blankets or minors/locals according to the latest Central Hudson
Accounting Rules (see PM-02, Work Order Authorizations, Revisions and

Management).

Relay and Carrier Equipment Replacements

Electric System Protection, with assistance from Operations Services,
develops a memo to replace failing equipment on a standalone basis, or as
a proactive program based upon trends. Enhancements with current
technologies are included in the evaluation process. Projects are
prioritized based on condition and risk (such as lack of spare parts,
thermal limitations, and customer impact), as well as reduction in
maintenance costs, and to coincide with other work in a substation where
feasible.

Equipment and Infrastructure Replacement Programs

Many equipment and infrastructure replacement programs, such as the
Breaker and Circuit Switcher replacement programs, result from a lack of
manufacturer maintenance and support. The cost of a program is
estimated in a memo, prepared by Operations Services, Electric System
Design or Electric System Protection, and the total size of the program is
weighed with risk factors to determine the number of years to completion.
Projects within the program are prioritized based on condition and risk
(such as lack of spare parts, thermal limitations, and customer impact) and
to coincide with other work in a substation where feasible. Permitting and
environmental risk factors also are considered.

Substation Upgrades/New Station construction
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Substation upgrades/new stations or retirements generally are driven by
two factors: infrastructure assessment or load growth. In either case,
Transmission or Distribution Planning would develop an area study that
analyzes alternatives, risks, and timing for projects in significant detail.
For smaller substation projects or where in-kind infrastructure replacement
does not require detailed analysis, Category 15 Distribution Improvement
Projects may be developed to integrate the new substation with existing
circuitry without a full area study. For larger incremental loads to the
system, New Business Services would initiate an Engineering Request, in
which an analysis similar to that of an area study would be completed, and
the recommended alterative would be added to the capital budget plan
(often with customer contribution subject to our Rate Tariffs).

During the prioritization process, expenditures associated with these large
projects may need to be levelized to adjust to base workforce constraints.

System Enhancement Category — There are not a significant number of substation
programs that are primarily initiated by a need to provide System Enhancements;
however, specialized cases to improve resiliency and automation have become
programs in this category. Appendix 1 should be completed for all projects that
fall in this category. Some current examples follow:

Resiliency Projects

Substations located in flood zones may require that structures be raised.
They may be PSC mandated (and fall under non-discretionary), or be
proactive based on our experiences in storm situations and prioritized as
system enhancements based upon the factors in Appendix 1 and
Engineering judgment.

Proactive Relay, Control, and Metering Equipment Replacements

These projects will be driven by equipment that is still operational, but
where the maintenance can be reduced, flow of data can be improved or
automated, and the system can benefit by the additional information
provided by electronic components to decrease restoration times and better
manage load. These projects would be driven by an Engineering memo
that includes an alternatives analysis and the phasing of the projects.

Distribution Automation Support
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This is similar to other proactive relay, control, and metering equipment
upgrades. Projects to support the Distribution Automation program will
be prioritized as needed to support the Distribution Automation program
described in Section 5.5. At the substation level, they primarily will
include metering and Load Tap Changer control upgrades. Component
replacement projects (such as breakers) also may be implemented where
there is a future benefit to the Distribution Automation program, such as
simultaneously replacing metering and relaying equipment.

5.4.3 Outputs
The output of the prioritization process is a 5-year forecast by investment
category within Category 13 developed by the Section Engineer, Electric System
Design. This is submitted to the Director, Electric System Design for approval.
Following approval by the Manager, Electric Engineering Services and Vice
President, Engineering and System Operations, a detailed list of projects with
project details and work plan is submitted to the Manager, Operations Services.
As highlighted in Section 5.1 and described in Section 5.7, there is collaboration
across Design and Operations along the way to ensure impacts to workforce
constraints are considered.

5.5 Distribution (Category 15)

The Category 15 (Distribution Improvement) budget includes all capital projects
involving voltages less than 69 kV, including the secondary networks and
subtransmission lines operating below this voltage level. However, it does not
include Hydro Generation (Category 11), Metering (Category 17), Transformers
(Category 16), New Business (Category 14) or Substations (Category 13).

5.5.1 Inputs and Project Submittal
As with Transmission and Substation projects, Distribution projects are initiated
from a variety of sources and triggers. Non-wires alternatives will be evaluated
for growth-related projects where feasible. While some projects are non-
discretionary, many are needed to maintain system standards, while some are
considered a system enhancement. The following are the types of projects that
fall within each summary category:

Non-Discretionary Project Category — Non-discretionary projects are typically
required by code, law, or other authority having jurisdiction. It should be noted
that when a non-discretionary project is proposed, synergies are always sought
with existing projects and plans. Some current examples follow:
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Road Rebuilds
State and local road rebuild often require our electric distribution facilities
to be relocated; these relocations must be completed. The New Business
or Estimating Supervisor will make the Distribution Engineer aware of
any known road projects requiring relocation prior to the budget being
developed. In addition, a relocation blanket also is budgeted for
unforeseen jobs and is based on trends.

Pole Replacements

As a result of our Distribution Inspections program described in Section 5
of the Electric Planning Guides, defective poles are identified and replaced
based on the severity rating of the deficiency. This is similar to the
Transmission Inspection process described earlier in this Section.

Projects are evaluated for other incremental system benefits, such as
relocating pole on road or designing to NESC Grade B construction as
described in the Long Range Electric System Plan. The electric model in
ESRI will enhance this evaluation in the future by providing a graphical
view of the system and key inspection data. Finally, other equipment may
be replaced due to a violation of Central Hudson Electric Construction
Standards, NESC, IEEE, and other national and international standards.

Maintain System Standards Category — Many distribution projects fall under the
category of maintaining system standards, which alternatives are explored and the
timing of the projects is prioritized. Additionally, rather than simply replacing
equipment in-kind, modern technologies and designs are analyzed and applied.
For example, all new distribution design applies NESC Grade B construction to
enhance system resiliency. Our Long Range Electric System Plan details this
information. With the exception of emerging work, Appendix 1 shall be
completed for each proposed project that falls into this category. Some current
examples are as follows:

Distribution Improvement Blankets/Minors

These are work orders to develop newly emerging operational work, and
are classified as blankets or minors/locals according to the latest Central
Hudson Accounting Rules (see PM-02, Work Order Authorizations,
Revisions and Management).

Thermal/Voltage/Conversions
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These projects are submitted by the Electric Operating Engineer, often
with input from Electric T&D Operations and/or Electric Distribution
Planning. In addition to on-going load checks, circuit modeling, and
errant voltage analysis, these projects may be triggered by the analysis of
various reports and metering data described in Section 4 of the Electric
System Planning Guides. Conversion from 4kV to 13.2kV operation often
is recommended where customers are experiencing low or errant voltage
or a step-down transformer is overloaded. Polyphasing, reconductoring,
or building new lines also are examples of projects that could fall under
this line item. The % overloading, customers impacted, and ancillary
benefits such as customer satisfaction and reliability, are considered in
prioritizing these projects.

Project Tied to New Substations or Substation Rebuilds

When a new or expanded/rebuilt substation is required, new circuit exits
from the substation are necessary to tie the substation bus to the
distribution feeders. Often, load growth or reliability
maintenance/enhancement also results in the expansion of the number of
circuit exits. As described in Section 5.3, the Distribution Planning
Engineer completes an in-depth Area Study to evaluate alternatives,
including a Net Present Value analysis. In addition, where circuit exits
and ties are complex, the Distribution Planning or Electric Operations
Engineer will complete an Integration Study detailing the steps and
budgetary cost estimate 1-2 years prior to the project in-service date.

Equipment and Infrastructure Replacement Programs

When Distribution Planning or Construction Standards reports or
identified trends demonstrate potential need for investment to maintain
reliability, an analysis is completed to determine the benefits and costs of
addressing the issue and risks of maintaining status quo. It is then
determined whether a new program should be developed within the capital
budget. The size and scope of the program will determine the level of
rigor required. An example of less rigorous analysis is the program to
replace hydraulic reclosers with electronic reclosers, development of this
program used quantifiable attributes including a decrease in maintenance
costs as well as the additional information provided by the electronic
controllers and the ability to prevent outages through improved transient
protection. On the other hand, analysis that is more rigorous was
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necessary for the 14.4kV cable rejuvenation program and secondary
network replacement programs; development of these programs involved
the study of failure rates, inspection data, and development of models and
area studies to create a multi-year plan.

System Enhancement Category — These include programs such as Distribution
Automation where the dominant component of the project is discretionary, even
though some infrastructure replacement may be required to meet code or maintain
system standards. Appendix 1 should be completed for all proposed projects that
fall in this category. Some current examples follow:

Reliability

Reliability-based projects usually are championed by the District Electric
Operating Engineer, with input from Electric T&D Operations. Currently,
projects primarily are prioritized on a 5 year historical average $/COA
(customer outage avoided) basis, but ancillary benefits to customer
satisfaction and resiliency also are considered. The 5 year average is used
to smooth results to account for when a circuit may have been trimmed
and for any anomalies. This line item includes projects such as moving
circuitry from off-road to on-road, closing gaps (i.e., new circuit ties), and
installing electronic reclosers.

Additional reliability-focused line items have been added, such as the 10X
program and the Automatic Load Transfer program. The 10X program
recognizes that the number of outages a customer experiences is
important, in addition to achieving the best bang for the buck ($/COA),
and provides funding for projects that target customers experiencing 10 or
more outages per year. On the other hand, a lower $/COA is expected
from projects in the Automatic Load Transfer switch program, because the
root cause of the outage is not being addressed, only the transfer of some
customers in the event an outage occurs. Other factors listed in Appendix
1 also are considered, such as customer satisfaction and resilience, as well
as reduced maintenance of newer infrastructure.

Operating

Operating projects are developed with the primary goal being of reducing
the duration of outages. Typical projects involve developing a tie between
feeders, or reconductoring the lines to make the tie stronger so more load
can be reenergized through switching. Infrastructure replacement projects
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that do not drive a specific program also may be captured here, although in
the longer term they often are required to maintain system standards.
Distribution Engineering has begun using a $/CMA (customer minute
avoided) to prioritize these projects, but the metric is challenging to apply
as discretely as $/COA and requires judgment based on distance from
headquarters and time of day/week of outages, which can have a
significant impact on the metric. Other factors listed in Appendix 1 also
are considered, such as customer satisfaction and resilience, as well as
reduced maintenance of newer infrastructure.

Distribution Automation

Distribution Automation is a broad category that includes restoration of
power, optimization of voltage, and improvement of power quality, with
remote or autonomous operation. Projects focused solely on reliability
benefits are prioritized heavily based on $/COA. The major 5 year
company-wide roll-out of Volt-VAR optimization, infrastructure
improvements, and automated restoration, will rely on many of the
prioritization factors described in Section 4, and significant Engineering
Judgment to weigh the many benefits of the projects and determine which
will be included. In terms of project timing, the geographic areas for
deployment will follow the network communications strategy roll-out
described in the 2015-2019 Corporate Capital Forecast. Additional
prioritization factors unique to this project are anticipated through a
separate Distribution Planning memo.

Resiliency

All projects include a component of resiliency since newer infrastructure
is built to a higher grade design and construction. Projects primarily driven
by resiliency, however, may include components such as microgrids and
accelerated pole replacements that do not stand solely based upon
reliability impacts. These projects may significantly contribute toward
reducing customer impact during storms, either by reducing the number of
customers impacted, number of critical customers impacted, number of
sensitivity customers impacted or duration of the impact. Microgrids also
may be applied as an alternative to a transmission or distribution
infrastructure upgrade where $/COA are lower.

Conceptual estimates of projects are developed prior to the prioritization process.
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5.5.2 Prioritization Process
The prioritization process varies depending upon the source of the project.
Currently, a budget is assigned to each line item, such as Reliability, based upon
trends. In addition, new line items may be identified as described in Section
5.5.1. Projects related to substation upgrades and new programs are added based
upon the analysis of the Engineer who champions the program or project.
Thermal and voltage projects use the % overload of step-down transformers as a
key prioritization factor, although ancillary benefits, costs, and risks more likely
weigh into the prioritization of those projects. Other projects and line items to
maintain system standards generally are broken into multiple phases so that all
suitable programs can be incorporated into the budget while maintaining
affordability.

The expenditures included in each line item and prioritization within are
determined by a number of quantitative and qualitative factors described in
Section 4, including Engineering Judgment. For reliability-based projects that are
system enhancements, the $/COA (customer outage avoided) is a key driver in the
ranking of projects, and $/CMA (customer minute avoided) is becoming a key
factor in ranking the operations bucket of projects. For the recloser replacement
program, the number of operations is a key driver. Ultimately, Engineering
Judgment must be applied to all benefits listed in Appendix 1.

Other constraints also must be factored into the timing and prioritization. For
example, projects requiring longer lead times for permitting or equipment
procurement are scheduled with sufficient lead time, and the workforce size and
mobility also must be considered. While workforce constraints can be alleviated
through the use of contractors, there must be experienced supervisors to oversee
contractors, as well as a base of employees to manage storms and day-to-day tasks
and build a knowledge base.

5.5.3 Outputs
The output of the prioritization process is a 5-year forecast grouped by investment
category within Category 15 developed by the Director, Electric Distribution and
Standards, with individual projects listed for non-blanket categories where
practical (for example, individual locations for recloser, pole, or cutout
replacements would not be provided on this summary sheet). Following approval
by the Manager, Electric Engineering Services and Vice President, Engineering
and System Operations, a detailed list of projects and project details is provided to
the Operating Supervisor, Estimating Superintendent and Manager, T&D
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Operations. As highlighted in Section 5.1 and described in Section 5.7, there is
collaboration across Engineering and Operations along the way to ensure impacts
to workforce constraints are considered.

5.6 Other

The budgets for categories outside of Transmission, Substation, and Distribution
primarily are driven by compliance, with limited focus on maintaining system standards.
The budgets in Categories 14 (New Business), 16 (Meters), and 17 (Transformers) are
based upon historical regressions of drivers of load growth and correlation with peak
demand. Most meters and transformers are installed due to New Business and System
Load growth; Central Hudson’s tariff references the obligation to serve these customers.
A minor variance in Transformers, which includes regulators and capacitors, also is
driven by Distribution Automation.

Category 11 (Hydro/Generation) is driven by the maintenance of our existing plants.
5.7 Prioritization across Categories

5.7.1 Integrated Plans
As described earlier in the section, Categories 12 (Transmission), 13 (Substation),
and 15 (Distribution) are the budget categories that exhibit need for discretion.
While under development, Directors must meet formally and informally to review
the budget and ensure integrated plans are aligned. For projects greater than $5
million, an Integrated Project Plan memo (Appendix 5) is developed by
Transmission or Distribution System Planning (depending on the primary driver).

5.7.2 Non-Wires Alternatives
Growth related projects may have opportunity for non-wires alternatives to be
considered, such as demand response or distributed generation. Projects may be
included in the forecast while these alternatives are explored. Central Hudson is
currently proposing a Demand Response demonstration project through the state’s
Reforming the Energy Vision (REV) proceeding and the Distributed System
Implementation Plan (DSIP) has yet to be developed. In addition, the Company
was directed to file Dynamic Load Management Program tariffs under Case 14-E-
0423. Because the development of these programs in on-going, specific guidance
is not incorporated into this document, other than to thoroughly evaluate non-
wires alternatives to any growth-related project.
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5.7.3 Final Forecast
The Manager, Electric Engineering Services works with the Vice President,
Engineering & System Operations, to consider additional corporate constraints
and requirements and feedback from the Strategic Planning Committee. The 5
Year Forecast for Electric is then finalized and moves to the process described in

Section 8.
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Gas

6.1

Introduction

The Central Hudson gas system contains over 2,000 miles of pipeline facilities ranging in
age from new to over 100 years. It supplies gas service to 78,000 customers along
communities near the Hudson River from Woodbury in the south to Coxsackie in the
north and ranges from Carmel in the east to as far west as Montgomery.

Gas and Mechanical Engineering and Gas Operations in Customer Services have the
combined responsibility to plan, design, construct, operate, and maintain a safe and
reliable gas transmission and distribution system. Both departments collaboratively
develop prudent capital projects and programs with the goals of enhanced reliability,
reduced risk, reduced costs, and improved customer service that enable Central Hudson
to continuously improve service while moderating cost pressures that impact customer
bills.

Many costs and benefits are considered in the development and prioritization of projects.
While some of these can be monetized into direct economic benefits, most cannot and
require engineering judgment and experience to value the impact of these benefits. For
this reason, the in depth communication and discussion of projects through a strong
stakeholder review process becomes as important as the measurable impacts. The
following is a timeline of the key written and verbal communication points regarding gas
project development and prioritization:

May: Initial SME meeting between Distribution Engineering, Gas Operating
Engineer, Gas Operations, and Gas Foremen to discuss various Main
Replacement Prioritization (MRP) input criteria to prioritize infrastructure
replacements (Category 25).

July: Gas Engineering begins compiling potential regulator station (Category 23)
and transmission (Category 24) projects based on developing needs resulting
from compliance issues, planning studies, MRP results, and emergent work.

September: Each Director prioritizes “ldentified” Capital Project list for their responsible
budget categories; Regulators Stations (Category 22), Transmission
(Category 23), and Distribution Improvements (Category 25).

October:  Directors deliver list of project justifications (compliance related, load
growth related, and flow studies recommendations) and budget forecast to
the Manager, Gas and Mechanical Engineering
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December: Project Design phase begins with Gas Engineering and Gas Operations.

February: Forecast Submitted to Vice President, Engineering and System Operations
for approval.

See Section 8 for continuation of timeline involving the Strategic Planning Committee
(SPC), Board of Directors, and Fortis.

The prioritization process comprehensively considers many factors, and is initiated by the
completion of the form in Appendix 2 for every major project or program category (any
work not completed under Blanket or Local work orders as defined in PM-02, Work
Order Authorizations, Revisions and Management). Some of the benefit, cost, and risk
factors are quantitative in nature, but many are qualitative and require Engineering
Judgment as described in the remainder of this section. Appendix 2 provides all of these
factors that are considered. In addition, Operations may propose an idea for evaluation
by completing Appendix 4. The remaining content in Section 6 provides examples of the
types of programs and drivers within each budget category of the Gas section.

Growth Scenario Development

A key driver in the gas capital project development that is assessed annually is
system load growth. This organic system growth may cause equipment to exceed
its load serving capability and result in gas system operating pressures below
acceptable limits. Load serving capability is based on system configuration,
capacity, design and operating criteria, and the resulting pressures during design
day.

For the gas capital forecast, Cost and Rate department provides annual customer
growth rate forecasts. Load growth scenarios are developed consistent with these
forecasts. Regression analyses for each customer growth scenario are performed
to determine projected peak load for each scenario. Peak system loading is based
on a design day load (i.e., 70 heating degree forecast).

Central Hudson’s gas peak load forecast is allocated into planning areas to
identify system capacity needs and the timing of those needs, quantify the risks of
the load growth outpacing the Company’s ability to serve that load, and assess the
alternatives available to meet that load. Gas Engineering uses the design day peak
forecast for their planning studies. For each load growth scenario, the needs are
identified, the timing determined, and the alternatives developed from planning
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studies. The forecasted system demand growth is then apportioned among the
political districts based on the historical growth over the past 3 to 5 year period.
Individual growth rates going forward are then estimated for each political
district.

In addition to the organic load growth information assessed in the planning
processes, Gas Engineering attends weekly Customer Services New Business and
Gas Expansion meetings to be apprised of specific Engineering Requests.
Customer Services generate Engineering Requests for customer demands that
reach a certain load threshold (specified for each gas pressure system in Gas
Distribution Estimating Manual) that result in recommendation from Engineering
on how Central Hudson can commit to provide delivery (capacity) of gas. These
requests typically specify an expected connected load and demand factor as well
as a location for the new facility. In order to respond to an engineering request, a
reasonably accurate flow model is necessary to analyze effects the additional load
has on the system and properly size the proposed pipeline. In extreme cases, a
detailed planning study may be required. Once a planning study is triggered,
Engineering will use the large proposed customer load and average annual growth
over several years for that particular area in their analysis.

6.3 Gas Transmission
For budgeting purposes, gas transmission includes all pipeline and equipment that
operate at 125 psig or above (except Regulator Stations described in Section 6.4).
All gas transmission work is budgeted under Category 24.

6.3.1 Inputs and Project Submittal
Capital expenditures in Gas Transmission are primarily a mix of compliance and
infrastructure projects. They stem from system-wide load studies or studies
performed as part of the gas Transmission Integrity Management Program
(TIMP). The studies recommend improvements to valve arrangements
(replacing/eliminating no longer functional/useful valves and/or adding valves for
enhanced reliability), moisture and overpressure protection schemes, system
controllability, and general system operability and maintainability. Compliance-
related projects include such issues as the replacement of a main exposed to
abnormal stress and the installation of inspection robot launching stations. The
remaining gate station and flow station communication and controls upgrades
address infrastructure issues that will reduce the risk of system failure, safety
incidents, or loss of reliability.
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Condition Assessment
The general condition of the entire gas transmission system is assessed several
times each year. This is done via various on-foot patrols (road and rail crossing
patrols, leak surveys, and cathodic protection surveys) and quarterly aerial patrols
where the condition of the pipeline easement is observed by helicopter fly-over.
Any condition found that is considered to be a potential threat to the integrity of
Central Hudson’s gas transmission system is brought to the attention of the IMP
team in Gas and Mechanical Engineering. Depending upon the nature or severity
of the condition, a Capital Project may be initiated.

Transmission Pipeline Integrity Program

Central Hudson’s TIMP focuses on all of the “high consequence” areas
along the transmission system. Close-interval testing (referred to as
External Corrosion Direct Assessment or ECDA) is done on a schedule
that ensures that each identified HCA is visited at least once every five
years. This expense activity occasionally reveals improvements that are
necessary that must be constructed via the capital budget.

Highway and Railroad Crossing Patrols

This patrol consists of an inspection of transmission line crossings of
highways and railroads (which almost always include a casing). ltems of
particular interest that could generate a capital project include excavation
or road construction activity and testing to see if the pipeline could be
resting on the casing, shorting the cathodic protection of the pipeline. In
addition, an examination for visual signs of gas leakage is performed as
well as an inspection with a combustible gas indicating instrument at
casing vents.

Leak Survey Patrols

General leak surveys are performed annually. This patrol consists of
traveling on foot or in a vehicle over the entire length of the transmission
system. In addition, Central Hudson’s TIMP requires a second gas leak
survey patrol for all Class 3 areas. The right-of-way is carefully examined
for evidence of leakage and for conditions such as damaged structures
(test stations or line-markers), above-grade facility damage, damaged or
leaking valves, construction activity, washouts etc.

Aerial Patrols
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Aerial patrols are currently conducted once each quarter, with no interval
between patrols exceeding 4.5 months. This patrol consists of a low-
altitude, low-velocity helicopter flight over the entire gas transmission
system by a qualified employee riding with a licensed pilot. The inspector
can make detailed observations regarding surface conditions such as
evidence of leakage, evidence of third party construction activity, clearing
activity, canopy encroachment, washouts, sufficiency of line markers, and
Right-of-Way encroachments. All notable conditions are documented by
the TIMP team of Gas and Mechanical Engineering, and some could result
in a capital project.

Transmission Valves
Central Hudson inspects all of its transmission system valves once per calendar
year. All valve inspections are documented and when inspection results call for
follow-up action, repair orders are generated. Depending on the findings from the
inspections, a new valve may be necessary or an existing one may need
replacement.
Additionally, Central Hudson’s gas TIMP team performs evaluations of its line
valves. Some of the factors that are taken into consideration are:
e Location: below-grade (within a pit) or above-ground, remotely operable
or not, high risk locations
¢ Valve Type: reduced-port valve, a plug valve, or a full-port valve, etc.
(full-port valves are desired for smart-pig or robot inspection applications)
e Condition and Age: information provided from over the line patrol
surveys

Central Hudson has recently begun utilizing a robot to perform internal
inspections of its gas transmission pipelines. Having valves that are of the full-
port design is beneficial for this type of technology. When valves are typically
replaced, determining whether a launch-fitting is necessary also is evaluated for
future inspection purposes.

Gate & Flow Stations

Central Hudson operates four gate stations at which transfers ownership of the
natural gas fuel from the cross-country transporter to Central Hudson. Central
Hudson then provides delivery services to firm and interruptible customers within
the Hudson Valley.

Last Revised: May 2015 Page 51



e. power. Possfb;'/,-rf&
0 '
Qe

Central Hudson

A FORTIS COMPANY
Central Hudson also owns and operates several flow stations within its territory,
typically found where two dissimilar pressure-rated portions of the system meet
or where it is beneficial to have a remotely operable valve that can easily control
the system. Typically, a remotely operable valve is used to govern the flow of gas
between the gas transmission systems.

Both the gate and flow stations are controlled by a series of valves and pressure
regulating equipment that communicates continuously with System Operations to
ensure reliable and safe transmission of the natural gas into and through the
Central Hudson system. It is important that the equipment that monitors and
controls these stations is based on the latest, most reliable technology. Based on
changes in the industry and regulations, capital upgrades are occasionally
required.

6.3.2 Prioritization Process
Capital Projects are categorized into three investment categories (non-
discretionary, maintain system standards and system enhancement) as described
in Section 3.3.1.

Examples of projects in each category are shown below.

Capital Projects Categories

Regulatory Compliance Non-Discretionary

Line Valve/ROV Installations System Enhancement
Maintain System

Odorant System Improvements Standards

Gate & Flow Station Upgrades/

Automation System Enhancement

Regulatory Compliance Projects are identified through known or projected
compliance requirements and are prioritized based on meeting current regulatory
obligations. It should be noted that alternatives were considered before a non-
discretionary projects is included in the 5 year capital forecast.

The prioritization process varies depending upon the input source of the project.
Projects requiring longer lead times for permitting or equipment procurement are
scheduled with sufficient lead time, and the workforce size and mobility also must
be considered. While workforce constraints can be alleviated through the use of
contractors, there must be experienced supervisors to oversee contractors.
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6.3.3 Outputs

The output of the prioritization process is a 5-year forecast by investment
category within Category 22 that is developed by the Director of Gas
Transmission. See section 6.1 for complete timeline.

Gas Regulator Stations

Gas Regulator Stations are utilized throughout the Central Hudson territory to maintain
pressure of the gas as it travels through the system. Regulators reduce gas pressure from
a higher level to a lower level more conducive for distribution. In addition to regulators,
the station may contain additional equipment necessary to operate properly; those include
above grade piping, filters, valves, meters, and relief valves. All capital work associated
with regulator stations are budgeted under Category 23.

6.4.1 Inputs and Project Submittal

Gas Regulator Station Capital Projects are a mix of compliance, infrastructure
projects and system load studies. The system load studies provide quantitative
information about natural gas usage and capacity needs on the distribution and/or
transmission system. They identify equipment within gas regulator stations where
current or future demand could change the performance of the station.

Projects also can result from comprehensive reviews that are performed on each
regulator station and its associated equipment. These reviews evaluate regulator
station needs based on a variety of factors; all of which help to reduce the
potential risk of system failure, safety incents and loss of reliability.

Requlator Stations

Regulators & Over Pressure Protection

Natural gas regulator stations serve to protect the pipeline system and ensure it
operates safely by reducing the gas pressure as the gas flows further into the
system. The primary function of any gas regulator is to match the flow of gas
through the regulator to the demand for gas placed upon the system while
maintaining the system pressure within the MAOP limits of the line.

To protect the system from exceeding the Maximum Allowable Operating
Pressure (MAOP) rating of the line, regulator stations are equipped with a safety
device known as a relief valve. Relief valves are designed and sized to protect the
system from exceeding beyond a specific percentage over the systems MAOP.

Last Revised: May 2015 Page 53



e. power. Possib;’,‘,}f&
0 '
Qe

Central Hudson

A FORTIS COMPANY
Station and downstream system pressure recording charts are reviewed on a
regular cycle to verify station output pressure stability and magnitude. Stations
found to have unstable outlet pressures and/or which experience pressure droop
during peak flow conditions are candidates for capital project work.

As the demand for natural gas is always changing, Gas & Mechanical
Engineering on an on-going basis, verifies the capacity of the regulators in each
station to meet the peak design-day demand of the downstream distribution
system as well as the over pressure protection settings and capacities. If ever the
capacities of the regulator or relief valve are found to be insufficient, a decision is
made to correct the deficiency. Depending on the situation, a Capital Project may
be necessary.

New Regulator Station Build

System integrity and flow studies are performed to identify and address any
maintenance, reliability or operational issues on the system. Typically, these
studies identify areas for load growth, known pressure problems, capacity
constraints, planned highway relocations and new business requests. As a result,
recommendations may include the addition of a new gas regulator station or
modifications to existing station components.

Natural Gas Line Heating

The cooling which typically occurs at gas transmission to distribution regulator
stations is a concern during the winter heating season. The Bernoulli Effect results
in an approximate 7 degrees Fahrenheit decrease in temperature per 100 psi
pressure drop. This drop in temperature may result in the condensation and
freezing of liquid hydrocarbons/moisture resulting in possible regulator
malfunction downstream. The temperature drop may lead to freezing and ground
distortion by heaving in the soil around the downstream pipeline which can lead
to pipeline and equipment stresses. To prevent these conditions, Central Hudson
heats the natural gas upstream of the station regulator. Gas and Mechanical
Engineering on an ongoing basis evaluates the amount of energy required for the
heating process depending on the pressure drop value, flow characteristics and
inlet gas temperatures. This varies from station to station, typically more so on
downstream gas demand. In stations with low flow characteristics, having a
simple pilot heater is sufficient in keeping the pilots and regulators from freezing.
As the transmission gas line heater approaches its useful end of life, performance
safety and sizing metrics are evaluated for potential replacement.
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Replacing Obsolete/Aging Equipment
Gas and Mechanical Engineering recognizes equipment within its gas regulator
stations that have become obsolete and/or replacement parts are scarce or no
longer available. Engineering also assesses equipment with excessive
maintenance costs, reduced functionality, diminishing reliability and potential
safety concerns. As issues arise and Engineering is made aware of operational
issues, the prioritization for replacement is evaluated based on the
abovementioned conditions. As larger scale work inside an existing station is
slated for Capital Replacement, these equipment upgrades also are considered and
typically factored into the portfolio.

Cathodic Protection

Cathodic protection, whether galvanic or impressed, prevents the process of
corrosion on steel pipelines by causing it to act as the cathode rather than the
anode of an electrochemical cell. Annually, the Cathodics Department surveys all
test stations and bi-monthly all rectifier cathodic protection levels. Data gathered
from the surveys identifies areas where new Test Stations or rectifiers need to be
installed or replaced. New installations may require the application of cathodic
protection depending on data collected from the field.

6.4.2 Prioritization Process
Capital Projects are categorized into three categories (non-discretionary, maintain
system standards and system enhancement) as described in Section 3.3.1.
Examples of capital projects in each category are shown below.

Capital Projects Categories

Regulatory Compliance Non-Discretionary

Regulator Station Rebuilds-

Redundancy & Upgrades. System Enhancement

Regulator & Relief valve

replacement/ Automation System Enhancement
Maintain System

Obsolete/Aging Equipment Standards

Natural Gas Line Heaters Maintain System Standards

Cathodic Protection Non-Discretionary

Regulatory Compliance Projects are identified through known or projected
compliance issues and are prioritized based on meeting current regulatory
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obligations. It should be noted that alternatives were considered before a non-
discretionary projects is included in the 5 year capital forecast.

The prioritization process varies depending upon the input source of the project.
Projects requiring longer lead times for permitting or equipment procurement are
scheduled with sufficient lead time, and the workforce size and mobility also must
be considered. While workforce constraints can be alleviated through the use of
contractors, there must be experienced supervisors to oversee contractors.

6.4.3 Outputs
The output of the prioritization process is a 5-year capital forecast by investment
category within Category 23 that is developed by the Director of Gas
Transmission.

Distribution

The gas distribution system operates under 124 psig and delivers gas from the regulator

station to customers. Distribution improvement projects (Category 25) include all capital
projects involving distribution systems and associated customer service lines. Customer

service lines are designated pipelines that deliver the gas from the main to customer.

6.5.1

Inputs and Project Submittal

The development of Gas Distribution Capital Projects originates from the
Distribution Integrity Management Program (DIMP), main replacement projects,
flow studies, regulatory compliance projects, new business projects, or strategic
system expansions.

Distribution Integrity Management Program (DIMP)

There is an on-going initiative to replace leak prone cast iron and bare steel pipes.
Central Hudson operates 1,223 miles of distribution main of which approximately
18% is cast iron or unprotected steel. Replacing cast iron and bare steel pipes
reduces operating expense, numbers of leaks, corrosion issues, and also improve
system reliability. Gas Distribution Engineering currently use the software
program Main Replacement Prioritization (MRP) to prioritize cast iron and bare
steel replacement projects.

Main Replacement Prioritization (MRP)

MRP uses pipe characteristics, leak history, risk and condition scores, and user-
define indicators to prioritize pipe replacement. Once these pipes are scored, the
program creates an ordered ranking of pipes to be replaced, project plans designed
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to use budget money more efficiently, reports detailed replacement strategies and
can plot the leak and incident trend.

MRP Inputs

Leak history must be updated to ensure MRP uses the most current
conditions with its analysis. Found and closed leaks are mapped and
recorded with ArcGIS database .Active leaks may not have been repaired
therefore, there is no known failure cause. Therefore, the program assumes
that the cause of failure is based on material (e.g., if an active leak is in the
vicinity of steel main, MRP automatically assumes the leak was caused by
corrosion).

Representing Gas Engineering and Operations, Engineers, Foremen and
Gas Mechanics meet annually at May’s Subject Matter Expert meeting to
discuss MRP inputs and weighting factors. These inputs include:

. Condition- Including Leak History, pipe size, and age
. Risk- Building proximity to pipeline, system pressure
. Flood Plain

. Wall to Wall concrete (Business Districts)

. Cathodic Protection Status

The number of inputs and scoring may change from year to year. Meeting
minutes and annual MRP input selections can be found in DIMP folder.

MRP Outputs
The MRP program outputs a list of projects, and the projects are sorted
based on total risk scores. Projects identified by the MRP software are
prioritized and scheduled for construction as funding allows over a 5-year
period. The Gas Distribution Planner organizes the project list into the
five operating districts. The Gas Operating Engineer in each district
reviews the project list and either confirms or provides additional
information as follows:
e The number of services to be replaced and/or swung over to the
new main:
e The size of the replacement pipe to be installed.
e The pipe condition by examining the exposed main reports and
gas leak history for the sections of main involved.
e The work scope for each project and provide an explanation for
any changes made.
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Nearby projects to be combined with each other.

The conceptual cost estimate for the project.

The Gas Operating Engineers often have to adjust the
conceptual cost estimate for

(0]

Projects along highways that are concurrent with
municipal sewer, water, drainage, and/or repaving work
during or shortly after the proposed work tend to be less
expensive than historical prices due to less restoration
requirements.

Projects located on newly paved roadways are frequently
cost prohibitive due to municipal requirements to pave
curb to curb and frequently are not allowed at all by the
permitting agency.

Projects located in municipalities that are financially
challenged tend to have higher restoration costs and
restrictive permitting.

Budget cost estimates are based on historical distribution improvement
project costs. Additional information on how project costs are estimated
can be found in Gas Distribution Engineering Guidelines.

The Director of Gas Distribution finalizes the MRP project list and
prepares it for submittal for review and approval. This step is essentially
completed by calculating for each project the ratio of risk score eliminated
divided by the estimated conceptual cost and sorting the list from highest
to lowest ratio. Projects are ranked by risk eliminated per dollar spent.

Subject Matter Expert (SME) Meetings

The Subject Matter Experts consist of the experienced and knowledgeable
individuals from Gas Transmission, Gas Regulators Station, Gas Distribution and
Gas Operations. The Gas Department has SME meetings several times a year.
There are various topics on the agenda and the corresponding departments attend.
Meeting agenda are created and meeting minutes are issued to the meeting

participants.

Members of Gas Distribution, Gas Operating Engineers, Gas Operations and the
Gas Foreman groups participate in both DIMP’s May and July Subject Matter
Expert (SME) meetings. The May SME meeting is used to discuss the MRP input
as described in Section 6.5.1. The July SME meeting is to review MRP output
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project list. The Gas Operating Engineer from each operating district prepares a
brief problem statement, proposed solution, conceptual cost and benefit, and a
map identifying the location for each proposed construction project, including
projects identified by the local gas operations personnel that were not recognized
by MRP program. Each project is discussed during the meeting. Input from the
different departments is considered and the list is prioritizes and placed in the 5
year capital forecast by Gas Engineering.

System Integrity and Flow Studies

System Integrity and Flow studies are performed for gas systems experiencing
load growth, known pressure problems, capacity constraints, planned highway
relocation and new business requests. These studies are identified through an
internal risk methodology based on the type of system, the load growth and the
percent of the CH system wide customers on the particular system.

Additional information on how flow and integrity studies are performed can be
found in the Gas Distribution Engineering Guidelines.

Proposed capital projects as well as various alternatives are analyzed during a
flow study to assure system has adequate capacity. The following projects are
emergent work that would not be categorized as Leak prone pipe replacements
rather Reinforcements, New Business, and Road Rebuilds.

Regulatory Compliance Projects

Regulatory Compliance Projects include pipeline integrity projects, valve and
valve zone projects, highway rebuilds and cast iron undermines. There are limited
discretion on project completion and timing. Project alternatives identified and
evaluated to determine least cost option.

Central Hudson coordinates with the local municipalities and the Department of
Transportation for highway rebuild and road paving projects. The highway
rebuilds and road paving projects usually consist of relocation and replacement of
existing infrastructure. The infrastructure is optimally designed for both present
and projected use through flow and area studies.

New Business or Engineering Request Projects

New Business Projects include new commercial, new resident developments and
limited number of upgrades to existing customers. Obligation to serve the
customer is less stringent than on the electric side. Projects are economically
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justified projects, based on a targeted return on equity within three years or
projects within the tariff guidelines will proceed. Projects may include developer
or customer contribution deposits.

Strategic System Expansion Projects

Projects are identified through planned or potential development opportunities.
Business plans are developed for each project and are analyzed based on the
return on equity and long term potential revenues.

6.5.2 Prioritization Process
Gas Distribution Capital Projects and Investment Programs are categorized into
three categories (non-discretionary, maintain system standards and system
enhancement) as described in Section 3.3.1.

Examples of capital projects in each category are shown below.

Capital Projects Categories

Regulatory Compliance Non-Discretionary
Highway Rebuild & Road

Paving Projects Non-Discretionary

Leak Prone Pipe Replacement Non-Discretionary
Reinforcements Maintain System Standards
Other Main Replacement Maintain System Standards
Mandatory New Business

Projects Non-Discretionary

System Expansion Projects System Enhancement

Regulatory Compliance Projects are identified through known or projected
compliance issues and are prioritized based on meeting current regulatory
obligations. It should be noted that alternatives were considered before a non-
discretionary projects is included in the 5 year capital forecast.

The prioritization process varies depending upon the input source of the project.
Projects requiring longer lead times for permitting or equipment procurement are
scheduled with sufficient lead time, and the workforce size and mobility also must
be considered.
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Outputs

The output of the prioritization process is a 5-year forecast by investment
category within Category 25 that is developed by the Director of Gas Distribution
with individual projects listed for non-blanket categories where practical.

Other

The budgets for categories outside of Transmission, Regulator Stations, and Distribution
primarily are driven by compliance, with limited focus on maintaining system standards.
The budgets in Categories 24 (New Business) and 27 (Meters) are installed due to New
Business and System Load growth; Central Hudson’s tariff references the obligation to
serve these customers.

Gas Capital Budget

6.7.1

6.7.2

6.7.3

Prioritization across Categories

While not specifically compared to each other for the purpose of prioritizing one
project over the other, Gas Transmission, Regulator Stations, New Business, and
Gas Distribution need to coordinate capital projects plans, such as
recommendations from distribution planning studies, to ensure the comprehensive
plans are aligned and completed in the same timeframe.

Integrated Plans

The Manager of Gas & Mechanical reviews the Gas Capital Budget and ensures
that the capital plan is consistent with other corporate work plans and other issues
that may not have been considered in the development of the capital projects and
programs. For example, some of the capital projects may have an expense
component associated with project, which will need to be accounted for in the
expense budgets.

Final Budget

A detailed list of projects, along with project details as required in the project
development forms and other back-up reports are provided to Estimating and Gas
Operations upon approval by the Vice President of Engineering and System
Operations.
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7. Common (Future Use)
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Corporate Capital Budget/Forecast

8.1

8.2

8.3

8.4

Introduction

The development of the Corporate Capital Budget/Forecast involves the rigorous
processes described in this document, as well as oversight of the key corporate
committees detailed in Section 2.3, and final approval by the Board of Directors. It
consists of the Electric, Gas, and Common Budgets as inputs. The following is a list of
key activities in the process following the development of the Corporate Capital budget:

e February 1 — Initiate Capital Forecast Process

e March 15 — Complete Initial Draft of the Capital Forecast and review with the Capital
Asset Review and Evaluation (CARE) Committee

e April — Strategic Planning Committee (SPC) approves the Capital Expenditure
forecast

e April — May 15 — Project details refined and input from executive review is
integrated. The SPC and Group Heads work together to prioritize key initiatives.

e June/July — Present to the Board for approval the annual capital budget and for review
the five year forecast as part of the Business Plan approval

e December — Input approved annual budget into the Company’s capital budget system

Electric, Gas, and Common Inputs

The Electric and Gas budgets are developed independently as described in Sections 5 and
6. The development of the Common budget is also completed independently.

Prioritization across Categories

Major corporate initiatives (typically greater than $5 million or changes in corporate
strategy) across the Electric, Gas, and Common categories are discussed and prioritized
between the Group Heads and SPC during a series of meetings in the second quarter of
the year. Coupling this Corporate Level prioritization with the rigorous prioritization of
all projects within the Business Segments as described in Sections 5 through 7, an overall
corporate budget/forecast is developed and submitted to the BOD for review and
approval.

Final Budget

The BOD approves the total level of corporate capital expenditures, typically including a
5% contingency for the subsequent business plan year. They do not typically authorize
specific project expenditures or specific limits within the Electric, Gas, or Common
programs. This approval process assures consistency with the Company’s strategic plan,
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allows the BOD to exercise its fiduciary responsibility, and provides flexibility to allow
for a reasonable level of shifting of resources from one category to another. This
flexibility enables the organization to respond to: changing economic conditions,
unexpected failures, increasing material costs, and reprioritization of projects required as
a result of unforeseen circumstances such as unanticipated DOT relocations, large
customer additions, and uncontrollable project delays.

Once approved by the BOD, deviation from the original Electric, Gas, and Common
budgets is managed within the CARE committee and the President/CEO will have
ongoing review with the Board of Directors.
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9. Conclusion

This document serves as a guide for the Capital Prioritization process to optimize the
level of capital investments with O&M expenditures, to align capital plans with the
Mission, Vision, and Strategy of the Company, and to enable consistency in the process.
While these guidelines and templates are utilized as part of the documented process,
Engineering and Operating experience and judgment must always be applied in
conjunction with these guidelines.
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Budget Submittal Form for Electric Projects

Project Name: |

Form submitted by: |

Budget Group: [Select a Budget Group

Summary Category: |Se|ect a Category

Investment Category: |Select an Investment Category

Number of Customers Affected: |

For Category 15 only: Budget Year Submitted |

Project ID (District-YYYY-ID) |

Description of Problem

Solution
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Cost estimate (include AFUDC if appropriate)

Type of estimate: [Select Estimate Type

Total Year 1l Year 2 Year 3 Year 4

Year 5 Future

Capital | || | | | ]

Expense | | | | |

Cost Risks

[ ] Environmental |

[ ] Timing/Permitting |

[ ] Manpower |

[ ] other

Primary Project Objective |Select Primary Project Objective

Benefits
Economic

[ ] Reduced O&M |

[ ] Reduced Customer Bill |

[ ] Other

Service
Non-Storm Reliability

[ $/COA | |

[ ] 5 Year Average # Outages Avoided |

Non-Storm Operating
[] $/CMA | |

[ ] 5 Year Average Duration of Outages |

Customer Satisfaction

[ ] Complaints |

[ Critical Customers |

[] LSA Customers |

[ ] Public Relations Considerations
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Service Standards
[ ] Thermal/Load Serving Capability

[] Equipment Type |

[ ] Current % loaded |

[] Voltage (Stray, Low, High) |

[ ] Power Quality |

Other

Risk Reduction
Safety

[ ] Employee Safety |

[ 1 Public Safety |

[1 other Program Type |

Compliance

[ ] Inspections |

[ 1 Road Rebuild
[ ] Joint Facilities/CATV Agreement
[ ] NESC Codes

[] other Program Type |

Infrastructure
[] Average Age of Infrastructure | years

[ ] Failure Rates |

[] Obsolete/ Unserviceable Equipment|

[] Condition |

[] Accessibility (Off Road, underground)|

[_1 Strategic Replacement|

[] Other Program Type |

Resilience
[ ] $/COA (with storm) | |
[ ] $/CMA (with storm) | |

[ ] Customer Cost of Outage (ICE Calculator) ]|

[ ] Grade B Construction

Other




Alternatives Analysis

Reference Report or Study

Or

Project Alternatives Considered

Decision criteria for alternative selection
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Appendix 2

Central Hudson Budget Submittal Form for Gas Projects

Project Name: |

Form submitted by: |

Recommended In-Service Year: |

Budget Group: [Select a Budget Group

Summary Category: [Select a Category

Investment Category: [Select an Investment Category

Number of Customers Affected:|

Description of Problem

Gas system: |

Gas pressure: |

Existing pipe size and material:|

Proposed length replacement: |

Solution

Proposed size:
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Cost estimate (include AFUDC if appropriate):

Type of estimate: [Select Estimate Type

Total Year 1 Year 2 Year 3 Year 4
Capital | | | || |
Expense | | | | | | |
Cost Risks

[ ] Environmental
Timing/Permitting
Manpower

[ ] Other

Primary Project Objective

Select Primary Project Objective

Benefits
Economic

Reduced O&M |

Replacement |

Reinforcement |

Road Rebuild |

Other

RN

Service
Reliability
[ ] Radial feed
[ ] Loop tie
Gas Safety

[ IPipeline type

|:| Number of closed leaks in past 10 years
|:| Number of hazardous (Class 1, 2A and 2)
|:| Number of active leaks

|:| Length of leak prone pipe eliminated
|:| Number of high pressure service replacement
|:| Number of isolated service replacement
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Customer Impact

[ ] Complaints|

Critical Customers |

[ Public Relations Considerations |

Other

Risk Reduction
Safety
[ ] Reduce risk of incident
[ ] Employee Safety
[ 1 Public Safety

Other Benefits |

Compliance
[ ] Central Hudson Inspections

[] Elimination of Integrity Related Issues

Other Program Type |

Infrastructure
[ ]infrastructure year installed
[ ]Number of Services
[ ] Indoor meter sets

[ ] Metallic

[ ] Obsolete/ Unserviceable Equipment

[ ] Strategic Replacement
[ ] Flood zone
[ ] Main feeder route
[ ] Low pressure system

[ ] Other Program Type |

Other
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Alternatives Analysis

Reference Report or Study

Or

Project Alternatives Considered

Decision criteria for alternative selection
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APPENDIX 4 — Capital Budget Project Idea Submittal Form

This form gives Central Hudson employees the opportunity to propose new project
ideas/scenarios that will be acknowledged and assessed as part of the annual Capital
Prioritization review process.

You may be contacted during this process to provide more detailed information and or to clarify
different aspects of your proposal.

e Name:

e District:

e Business Segment (circle one): Electric or Gas

o Briefly describe your idea; please be concise and specific:

e \What are the benefits?

e Project justification and recommended in-service date

e What are the potential risks?
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Appendix 5 - Electric Integrated Capital Project Plans Form

As part of the electric planning study recommending an integrated capital project, a
recommended in-service date is specified and conceptual cost estimates are developed. Based on
the in-service date and the estimated time required to permit and construct the project, the
estimated conceptual costs are allocated across multiple years (as necessary) to account for the
total time required for project completion.

An Integrated Capital Project Plan requires interaction among many different departments
including Transmission & Distribution Planning, Design, Operations, Real Property Services,
Environmental Services and Project Management.

The Integrated Capital Project Plan should be a high level summary of the overall project. A
template is included on the next page.
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Central Hudson Gas & Electric Corporation
Integrated Capital Project Plan

Project:

Needs Assessment:

Completed Studies:

Area growth projections, actuals and capability (include graphs):

Risk Analysis

Alternatives Considered:

Last Revised: May 2015
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Alternatives Evaluation:

Alternative

Evaluation

Cost

Recommendation:

Projected Costs and Schedule:

Projects

Category

2015

2016

2017

2018 | 2019 | Future

Total

Filing/Permits

Right Of Way

Construction

Transmission

Station

Substation/Regulator

Distribution

Project Management

Total

Last Revised: May 2015
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Appendix H1 2017 — 2021 Capital Forecast Budget Package

EXECUTIVE SUMMARY

This document presents the comprehensive Capital Investment Plan for the electric and gas
transmission and distribution systems and common program areas of Central Hudson Gas & Electric
Corporation (Central Hudson or Company) for the period 2017 through 2021 (Capital Plan). This
Capital Plan positions Central Hudson to continue to provide safe and reliable service to customers.
This Capital Plan is consistent with the mission of the Company as shown below:

“Central Hudson's mission is to deliver electricity and natural gas to an expanding customer base in a
safe, reliable, courteous and affordable manner; to produce growing financial returns for shareholders;
to foster a culture that encourages employees to reach their full potential; and to be a good corporate
citizen.”

This Capital Plan proposes to invest $448 million in the electric delivery system, $284 million
in the gas delivery system and $212 million in common program areas over the five - year period.
The projects and programs proposed in this Capital Plan are what the Company has determined is
needed to deliver safe and reliable service to customers. The Company is continually re-evaluating and
reprioritizing projects, and the later years of this Capital Plan will likely change as a result of these
reevaluations and assessments. The Capital Plan is developed annually consistent with the Company’s
Capital Prioritization Process Guidelines.

The 5-Year Capital Plan contains projects that will help achieve the following strategic
objectives of Central Hudson:

* Practicing continuous improvement in everything we do

* Investing in electric and gas transmission and distribution infrastructure and common
program areas to maintain current levels of customer service;

* Investing capital when justified to reduce risk, enhance reliability, and improve customer
satisfaction;

* Advocating regulatory and public policy outcomes that are in the interest of our customers
and investors; and

» Moderating cost pressures that increase total customer bill costs and variability.

Capital Forecast — Additions

2017 2018 2019 2020 2021 TOTAL
ELECTRIC $ 86470 $ 87,846 $ 91,925 $ 95242 $ 86629 $ 448113
GAS 47,205 56,752 60,858 59,103 60,121 284,040
COMMON 27,883 43,670 45,031 44,058 51,783 212,426

CORPORATETOTAL $ 161,559 $ 188,268 $ 197815 $ 198403 $ 198534 $ 944579
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Capital Forecast — Removal

2017 2018 2019 2020 2021 TOTAL

ELECTRIC $ 6463 $ 6432 $ 6595 $ 7840 $ 7,756 $ 35,085
GAS 2,452 2,470 2,504 2,554 2,625 12,605
COMMON (81) (85) (90) (98) (108) (462)
CORPORATE TOTAL $ 883 $ 8817 $ 9009 $ 10297 $ 10273 $ 47,229

Introduction

Central Hudson’s Corporate Capital Forecast continues to increase at a modest rate and with
the addition of several large multi-year capital initiatives being presented this year, the Base Case
scenario now totals $945 million in capital expenditures over the five year period 2017-2021. This
represents an approximate 10% increase over the prior year’s 5-year forecast. While the electric
program forecast is showing a modest increase from the prior forecast, the gas program forecast is
increasing more significantly as a result of additional Leak Prone Pipe program and gas marketing
program expenditures and the common program is increasing due to IT software needs and a planned
training facility.

The major changes to the forecast from the prior year’s forecast primarily concentrated in the
gas and common areas and will be covered in more detailed in the body of this report.
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CHG&E Capital Expenditiure Forecast
Comparison of 2016-2020 and 2017-2021
Electric,Gas & Common Forecast

(with inflation & overhead adjustments)

EL ECTRIC PROGRAM
2017-2021 Forecast $ 448,113
2016-2020 Forecast $ 432,423
Change $ 15,690
GAS PROGRAM
2017-2021 Forecast $ 284,040
2016-2020 Forecast 258,200
Change $ 25,840
COMMON PROGRAM
2017-2021 Forecast $ 212,426
2016-2020 Forecast 162,500
Change $ 49,926
CORPORATETOTAL
2017-2021 Forecast $ 944,579
2016-2020 Forecast 853,122
Change $ 91,456

5-Year Corporate Capital Forecast Summary

A breakdown of the Capital Forecast is shown below indicating the level of spending as we
have prioritized the expenditures by their summary categories. Non-discretionary is the level spending
that is necessary to meet the minimum standards of service or compliance with Public Service Law.
Maintaining System Standards is the level of spending required to maintain our current level of service
reliability and safety or to meet obligations set through the rate proceedings. System Enhancement is
capital spending aimed at improving our quality of service, reducing risk, or reducing operating costs.
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$0 48% $449M 319 $740M 549 $945M
| 3449 | $201M $204M '

Maintain System Standards System Enhancement
* Restoring service * Equipmentreplacement based on * Improve service quality
= Mandated new business (tariff) condition assessment (reliability, etc)
. ) * Correct existing planning/desiagn * Provide netfinancial customer
Safety repairs violations (e.g.thermal overload, benefit
* Compliance etc) * Reducerisk({e.g.upgradesto
* Equipmentreplaced on planned address predicted future
cycle thermal overloads)

* Other justifications

The System Enhancement Capital Spending has been further segregated into the following
categories:

Projects with a Net Financial Customer Benefit
o0 Projects Revenue requirement of the capital investment is lower than the net benefit
(e.g. cost savings) for customers
0 Reduces customer bills in the long term (after next rate case)
0 Increases earnings both short term and long term

Projects that Reduce Risk
o0 Investment reduces the risk of a system failure that would:
= Reduce potential public safety at risk
= Result in widespread incident, impacting system integrity
= Spur significant punitive regulatory action

Projects that Improve Reliability
o Investment improves reliability at a cost that (we believe) customers are willing to pay
o0 Demonstrate that increased cost is warranted by the improvement in service quality
(benchmark and compare cost per customer outage avoided).

Other Projects
o0 Projects that do not clearly fit in the other categories, but can be justified for other
reasons
Requires detailed individual business case
Demonstrate a clear strategic rationale
Show financial projections (customer bill impact and earnings impact)
Assess risks (regulatory disallowance, etc)

O O0O0OOo

Each year, Central Hudson Gas & Electric Corporation, through its planning and forecasting
processes develops a recommended Capital Expenditures Budget for the upcoming fiscal year as well
as a forecast for upcoming five-year period.
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The corporate capital forecast is developed through a bottom up process where planning
studies, infrastructure issues, and compliance requirements, and other corporate initiatives identify
specific capital needs. Following the Company’s Capital Prioritization Process Guidelines, these
needs are prioritized based on the whether the need is non-discretionary (mandated or otherwise not
optional), required to maintain the existing 